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Abstract 
 
This study investigates near-wellbore effects during well testing in low 
permeability, single- and multi-layered, medium-rich to rich, gas condensate 
reservoirs. Theoretical results obtained from compositional simulations are 
validated with actual well test data. 
 
We first study well test behaviours for a range of gas condensate fluids with 
increasing condensate to gas ratios (CGR), from lean to medium-rich to rich. 
We verify that, during a drawdown below the dew point pressure, a 
condensate bank forms around the wellbore for all fluids studied. We show 
that, in the case of a medium-rich gas, as pressure increases above the dew 
point pressure in a subsequent build up, part of the condensate bank closer to 
the well dissolves into the gas, with the fluid returning to being a single-phase 
gas. This is different from what happens with rich gas, where the bank 
disappears completely; and with lean gas, where condensate saturation at the 
end of a drawdown and in the subsequent build up are very similar. Lean and 
medium-rich gas condensate fluids yield three-region radial composite 
derivative behaviours corresponding to dry gas away from the well, 
condensate bank, and capillary number effects in the immediate vicinity of the 
well. Only two-region radial composite behaviours are created in the case of 
rich gas fluids, as rates required to see capillary number effects are not 
reached in practice.                               
 
We then study layered systems and show that composite behaviour due to 
condensate bank and a multi-layer behaviour are superimposed, with the 
condensate bank appearing on top of multi-layer effects. In addition, the 
production rate ratio of the most permeable layer rate to the total rate tends to 
one as the least permeable layer is choked by its condensate bank.  
 
We also investigated gravity effects and conclude that gravity has little impact 
on pressure response once the condensate bank develops near the wellbore 
and in particular does not create a partial penetration behaviour.  
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Lastly, we show that drilling horizontal wells and hydraulically-fracturing 
vertical wells improve well productivity when pressure is below the dew point 
pressure. Condensate drop-out effects are minimized when wells are 
fractured prior to being produced. 
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Chapter 1 
 
 
1.0 INTRODUCTION 
 
 
1.1 Background 
 
The productivity of wells in gas condensate reservoirs decreases rapidly as 
the reservoir is depleted. Gas condensate reservoirs exhibit complex flow 
behaviours due to the build up of condensate banks around the wells when 
the bottomhole pressure drops below the dew point pressure. Many studies 
(Afidick et al., 1994, Barnum et al., 1985., Hinchman and Barree 1985) have 
reported significant losses of well deliverability in gas condensate reservoirs 
due to condensate blockage. Afidick et al., (1994) and Barnum et al., (1995) 
have reported instances where production declined by a factor of two to four 
because of condensate accumulation. 
 
The presence of liquid around the wellbore reduces the effective permeability 
to gas. Kniazeff and Naville (1965) showed that retrograde condensation 
occurs when reservoir pressure around the well drops below the dew point 
pressure and three regions are created with different liquid saturations. Away 
from the well, an outer region has the initial liquid saturation; followed by an 
intermediate region with a rapid increase in liquid saturation and a 
corresponding decrease in gas relative permeability. Liquid saturation in that 
region is less than the critical condensate saturation and hence is immobile. 
Closer to the well, an inner region forms, where the liquid saturation reaches a 
critical value and becomes mobile creating two-phase flow.  
 
Gondouin et al., (1967) identified a fourth region in the immediate vicinity of 
the well where low interfacial tensions (IFT) at high rates yield a decrease of 
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the liquid saturation and an increase of the gas relative permeability (velocity 
stripping). Gringarten et al., (2000) confirmed the existence of this increased 
mobility zone near the wellbore from well test data. They showed that lean 
gas condensate reservoirs exhibit three stabilization levels on the derivative 
as the pressure drops below the dew point and capillary number effects are 
included.  
 
Rich gas condensate reservoirs have attracted a lot of interest since they 
enhance revenue generation and yield profits that make gas projects 
attractive. Daungkaew et al., (2002) investigated radial composite well test 
behaviour in rich gas condensate reservoirs and found that only 2-zone radial 
composite behaviours are seen with rich gas. Barrios et al., (2003), on the 
other hand, concluded that derivatives exhibit a homogeneous behaviour 
when capillary number is included, which is contrary to most observed well 
test behaviours in gas condensate reservoirs. 
 
Aluko and Gringarten (2009) investigated the behaviours of high permeability 
rich gas condensate reservoirs with re-pressurization. They showed that build 
up behaviour is a mirror image of the preceding drawdown because during 
shut-in above the dew point pressure, condensate re-vaporizes completely. 
They also indicated that velocity stripping can be seen in well test data if 
production rate is very high. 
 
Takeda et al., (1997) showed that liquid saturation in a reservoir containing 
rich gas achieves a considerably higher liquid saturation than lean gas.  This 
implies that rich gas condensate reservoirs would suffer much higher 
productivity losses than lean gas. Little work has been conducted on low 
permeability rich gas condensate reservoirs, where liquid drop-out near the 
wellbore is expected to be significant.   
 
Hashemi (2006) compared the performance of horizontal wells with that of 
hydraulically fractured wells in tight gas condensate reservoirs, for lean and 
medium-rich gas condensate fluids with CGR of 37 and 60 bbls/MMscf, 
respectively. He concluded that the richness of gas condensate fluids controls 
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the degree to which horizontal wells and hydraulically fractured wells improve 
well productivity over non-stimulated vertical wells.  Hashemi also indicated 
that propped fractures in rich gas systems behaved as high conductivity 
fractures, with well productivity a function of fracture half-length only, whereas 
well productivity was a function of both fracture half-length and fracture 
conductivity in lean gas systems.      
 
Work on well test behaviours in gas condensate reservoirs has added 
tremendous amounts of knowledge in the last ten years. However, several 
questions are still outstanding. 
 
 
1.2 Research Questions 
 
One key question related to well test behaviours in medium-rich gas 
condensate reservoirs is whether velocity dependent relative permeabilities 
compensate for condensate blockage and inertia. While several studies have 
confirmed the existence of a fourth mobility region near the wellbore in lean 
gas condensate reservoirs, few studies have investigated it in low 
permeability, medium-rich gas condensate reservoirs, and the existence of an 
increased mobility zone near the wellbore is still the subject of much 
discussion. 
 
Another question is the impact of layering. Afidick et al., (1994) generated well 
test responses for a six-layered reservoir. They found that the proportion of 
condensate accumulation in each layer was almost identical to the 
permeability-thickness ratios. The generated well test response showed a 2-
region radial composite behaviour. Their work, however, did not include 
capillary number effects. Mykoniatis (2003), in a study also without capillary 
number effects, showed that the layer with the highest permeability-thickness 
in a two-layered condensate reservoir had the highest condensate drop-out. 
He also demonstrated that higher permeability contrast between the layers 
yield higher total condensate drop-out. Fakcharoenphol (2006) looked more 
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specifically at the combination of layering and condensate banking on well test 
derivative behaviours. His study was limited to lean gas condensate and two 
layers.  
 
Another question is the impact of gravity. Four forces are interacting when gas 
condensate flows towards the well, namely inertia and capillary, viscous and 
gravity forces. Ursin et al., (2002) investigated these various forces and found 
that gravity acts everywhere in the reservoir, whereas capillary, viscous and 
inertia forces are generally more dominant closer to the well. Few studies, 
however, have investigated the possibility of gravity segregation below the 
dew point pressure, which would cause the heavy components to move to the 
lower parts of the reservoir at low rates. These could create partial 
penetration, thus increasing skin effect significantly and further decreasing 
well productivity.  
 
Finally, as near-wellbore pressure drop below the dew point pressure is higher 
in tight or low permeability gas condensate reservoirs than in high 
permeability reservoirs, there is the issue of which remediation solution 
(horizontal wells or hydraulic fracturing of vertical wells) is best suited with 
medium-rich fluids, and how it should be implemented (optimal horizontal well 
length, and design and timing of hydraulic fracturing). 
 
 
1.3 Research Objectives 
 
Based on the key research questions raised, the main objectives of the 
present study are:  
 
1. To investigate near-wellbore effects in vertical wells in medium-rich 
to rich gas condensate, single-layered and multi-layered reservoirs. 
 
2. To investigate the effects of gravity on the pressure response and 
productivity of gas condensate reservoirs. 
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3. To determine the effectiveness of hydraulically fractured vertical 
wells and horizontal wells to improve productivity of medium-rich to 
rich gas condensate reservoirs. 
 
1.4 Approach 
 
To answer these questions, a compositional simulator (Eclipse 300) was used 
to generate well test data for a single well in a low permeability gas 
condensate reservoir. Low permeability refers to permeabilities smaller than 
10mD. PVT samples from actual lean to rich gas condensate fields were 
used.  
 
Accurate calculation of near-wellbore effects in gas condensate reservoirs 
usually requires simulations with very small grid cells near to the well and very 
small time steps. The grid size then increases logarithmically away from the 
well. An alternative solution would be to use Local Grid Refinements (LGR) 
around the well, and local time stepping, i.e. short time steps in the radial 
grids and longer time steps elsewhere. The use of LGRs, however, results in 
a much more complex simulation and could lead to a significant increase in 
run time, and potential numerical problems in linking the solutions in the local 
and global grids (Mott, 2000).  
 
The impact of relevant reservoir and test parameters on condensate drop-out 
was explored. Capillary numbers were included in the simulations and their 
effects on the condensate bank was determined by plotting condensate 
saturation and gas relative permeability as a function of radial distance away 
from the well. Paradigm InterpretTM, a well test interpretation software, was 
used to generate derivatives from pressure responses obtained from the 
numerical simulator. 
 
A black oil model was used to investigate gravity segregation and its effects 
on near-wellbore condensate drop-out and productivity.  
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The findings of the investigations listed above were applied to the analysis of 
DST and production data from a medium-rich to rich gas condensate field.  
 
 
1.5 Thesis Outline 
 
Chapter 2 reviews relevant technical publications on gas condensate 
reservoirs and well test analysis.  
 
Chapter 3 presents Equation of State models for all available PVT samples. 
Literature associated with PVT characterization is included in this chapter.  
 
Chapter 4 presents a sector model, detailing all the controls and near wellbore 
effects. The model was run with and without velocity dependent relative 
permeabilities to investigate its effect on well productivity. The wellbore 
pressure responses and the distribution of condensate saturation around the 
wellbore and far away from a vertical well in a homogeneous (single layer) 
system are shown. The conventional derivative analysis of actual test data 
from the production wells is presented to verify derivative shapes derived from 
the theoretical investigations. The deconvolution algorithm described by von 
Schroeter et al., (2004) was applied to measured pressure and rate data. 
Deconvolution was conducted on the entire pressure history and subsets of 
the data. Interpretation and discussion of deconvolution results are presented 
in this chapter. Derivative analysis was conducted on analyzable build ups. 
Compositional simulation of field data verifying results of theoretical 
investigations are also discussed in this chapter.  
 
Chapter 5 presents the literature associated with multi-layered reservoirs. 
Further simulations of a vertical well in a multi-layered reservoir are 
presented. The wellbore pressure responses and the distribution of 
condensate saturation around the wellbore and far away from the well are 
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also shown. The pressure responses obtained from numerical simulation are 
verified with analysis and simulation of actual well test data.  
 
Chapter 6 discusses the results of simulating the effects of gravity on pressure 
response and productivity using black oil models.  
 
The effectiveness of hydraulically fracturing vertical wells and drilling 
horizontal wells in order to improve productivity of low permeability medium-
rich to rich gas condensate reservoir is presented in chapter 7. 
 
Based on the presentation and discussion of the results, conclusions and 
recommendations are drawn, with future research topics identified in chapter 
8. 
 
 
1.6 Publications 
 
Publications as a result of this thesis: 
 
Thabo C. Kgogo and Alain C. Gringarten.: “Comparative Well-Test 
Behaviours in Low-Permeability Lean, Medium-rich, and Rich Gas-
Condensate Reservoirs” paper SPE-134452, presented at the 2010 SPE 
Annual Technical Conference and Exhibition (ATCE), 19-22 September 2010 
in Florence, Italy.  
 
Thabo C. Kgogo and Alain C. Gringarten.: “Well-Test Analysis of Medium-
Rich to Rich Gas-Condensate Layered Reservoirs” paper SPE-143621, to 
be presented at the 2011 SPE EUROPEC/EAGE Annual Technical 
Conference and Exhibition, 23-27 May 2011 in Vienna, Austria.  
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Chapter 2 
 
 
2.0 THEORY AND LITERATURE REVIEW 
 
 
2.1 Introduction 
 
This chapter describes the theory associated with gas condensate reservoirs 
and well test analysis. A literature review of past work on well test analysis of 
gas condensate reservoirs is discussed.  
 
 
2.2 Gas Condensate Reservoirs 
 
Gas condensate exists either partially or totally as a vapour phase in the 
reservoir at the time of discovery. When the pressure decreases and the 
phase boundary is crossed, liquid condenses from the reservoir fluid and a 
two phases appears in the reservoir. The temperatures in these reservoirs are 
in the region of 200 to 400oF and are higher than the critical temperature of 
the fluid, but lower than the maximum temperature in the two-phase region. 
Fig. 2.1 shows a typical phase envelope of a gas condensate reservoir fluid. 
As the reservoir is being depleted, the pressure declines isothermally, and at 
the dew point pressure, the first droplets of liquid form. Wet gases and dry 
gases, on the contrary, remain gaseous in the reservoir throughout depletion 
as no condensate is released in the reservoir.  
 
Gas condensate reservoirs cover wide ranges of fluid composition. The 
condensate to gas ratio (CGR) in gas condensate systems can vary from 10 
STB/MMscf for lean fluid to 500 STB/MMscf for rich gas as depicted in Fig. 
2.2. Volatile oils have CGRs in the range of 600 to 1200 STB/MMscf. Fluids 
with CGRs greater than 1200 STB/MMscf are classified as black oil. 
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Figure 2.1: Gas condensate reservoir fluids phase envelope (McCain, 1991) 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 2.2: Ternary diagram of hydrocarbon fluid and spectrum of reservoir 
fluids from wet to black oil expressed in terms of GORs and CGRs (Whitson 
and Brule, 2000) 
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2.3 Phase Behaviour in Gas Condensate Reservoirs 
 
As pressure depletes in the reservoir, the composition of the hydrocarbon 
mixture also changes with increasing production time near the well. The 
change in composition results in a shift of the phase envelope towards the 
right. Lee (1989) showed the variation of the composition and the saturation of 
a gas-condensate system due to the influences of capillary effects and gravity. 
Roussennac (2001) showed how the composition changes with increasing 
production using numerical simulation. He concluded that during drawdown, 
the overall mixture close to the well becomes richer in heavy components as 
liquid builds up and the fluid changes from initial gas-condensate to 
volatile/black oil. 
 
Wheaton and Zhang (2000) presented a model showing the compositions of 
the heavy components in a gas-condensate system as a function of time. 
They concluded that the rate of change in heavy component composition is 
greater for a rich gas condensate system than for a lean gas-condensate 
system. Novosad (1996) used a compositional model to simulate the 
composition and phase changes in testing and producing retrograde gas 
wells. According to Novosad (1996), the near-wellbore fluids undergo a 
transition to a volatile oil early on in the depletion, passing through a critical 
composition in the process. As shown in Fig 2.1, the critical point of the 
mixture is on the left of the depletion path in gas-condensate system. Once 
the fluid behaviour changes to volatile oil, the critical point is on the right of the 
depletion path. Fig. 2.3 shows how the phase envelope shifts as composition 
changes in the reservoir. The critical point also shifts towards the right. 
 
Shi (2009) conducted experimental studies to investigate the change in fluid 
behaviour as condensate drops-out in the reservoir. The study concluded that 
in gas condensate flow, local composition changes due to the influence of 
relative permeability effects. 
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Figure 2.3: Shift in phase envelope with fluid composition change 
(Roussennac, 2001) 
 
Gas condensate fluids are classified into lean, medium-rich and rich with CGR 
in the range of 10-50, 50-125 and 125-250 STB/MMscf, respectively (Yisheng 
et al., 1998). Figs. 2.4 to Fig. 2.6 show the phase diagram for lean, medium-
rich and rich gas condensate systems. The critical point is on the left of the 
depletion path. Figs. 2.7 to Fig. 2.8 show the phase diagram for near critical 
gas and oil fluid systems. For a near critical point gas, the critical point is on 
the left of the depletion path, but very close to the isotherm line. The critical 
point for near critical point oil is on the right of the depletion path, similar to 
volatile oils.  
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Figure 2.4: Lean gas fluid                                       Figure 2.5: Phase diagram of a medium         
(Yisheng et al., 1998)                                                gas condensate fluid (Yisheng et al., 1998) 
 
 
  
Figure 2.6: Rich gas fluid     Figure 2.7: Near critical gas condensate 
(Yisheng et al., 1998)                                                   fluid (Yisheng et al., 1998) 
 
 
 
 
 
 
 
 
 
 
 
Figure 2.8: Phase diagram of a near critical oil (Yisheng et al., 1998)                
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2.4 Productivity in Gas Condensate Reservoirs 
 
2.4.1 Condensate Bank 
 
Muskat (1949) first addressed the concept of condensate banking in gas 
cycling operations. He stated that condensate builds up in the vicinity of the 
wellbore and starts flowing when its concentration reaches a critical value. 
The well produces a single phase when the pressure is above the dew point 
pressure. An accumulation of condensate occurs when the flowing bottomhole 
pressure reaches the dew point pressure. When retrograde condensation 
occurs, 3 regions in the reservoir are created with different liquid saturations. 
Away from the well, an outer region has the initial hydrocarbon liquid 
saturation; then nearer the well, there is a rapid increase in liquid saturation 
and a decrease in the gas mobility. Liquid in this region is immobile. The 
flowing phase is a gas and the condensate is immobile at these low 
saturations, creating condensate banking. The third zone is the inner zone 
closer to the well and in this zone liquid saturation is higher than the critical 
condensate saturation and both oil and gas phases are mobile. The immobile 
and mobile liquid phase reduces the relative permeability to gas, which 
causes a loss in well deliverability. Fig. 2.9 shows the plot of condensate 
saturation against radial distance of three zone radial model. 
 
 
 
 
 
 
 
 
 
 
 
Figure 2.9: Condensate Saturation profile of three-zone radial model 
(Gringarten et al., 2000) 
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Kniazeff and Naville (1965) used numerical simulation to calculate well 
deliverability in a gas condensate reservoir and concluded that three radial 
zones appear with different liquid saturation when the liquid saturation 
reaches the critical value.  
 
Gondouin et al., (1967) introduced a fourth region in the immediate vicinity of 
the well where liquid saturation decreases and gas relative permeability 
increases due to low interfacial tensions at high gas rates. This region is 
characterised by high values of the capillary number, which is the ratio of 
viscous to capillary forces. Gringarten et al., (2000) confirmed the existence of 
this increased mobility zone near the wellbore from well test data. This fourth 
region is important since it alleviates the reduction in productivity caused by 
liquid drop-out near the wellbore. Fig. 2.10 shows the condensate saturation 
profile with capillary number effects.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 2.10: Condensate saturation profile with a desaturation condensate 
(Gringarten et al., 2000) 
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Bozorgzadeh and Gringarten (2004) introduced a method of estimating the 
radius of condensate bank. The method is based on estimating the storativity 
ratios between the different zones as a function of the saturation profile during 
the test. The analysis uses single-phase pseudo-pressures and two or three 
zone radial composite models. Aluko and Gringarten (2009) simplified the 
method for calculating the storativity ratio in lean to rich fluids and volatile oils.  
 
Capillary, gravity and viscous effects govern the flow of gas and condensate 
reservoirs. Danesh et al., (1991) stated that gravity and capillary effects due to 
low fluid velocity mainly control flow in the reservoir away from the well, 
whereas shear and capillary forces dominate near the wellbore.  
 
Hinchman and Baree (1985) and Vo et al., (1989) investigated the effect of 
condensate banking on well productivity. They concluded that condensate 
drop-out in the reservoirs reduces gas flow significantly due to reduced gas 
relative permeabilities once the condensate is mobile. 
 
2.4.2 High Flow Rate Effects 
 
Relative permeability affects the magnitude of condensate saturation. The 
relative permeability characteristic depends on interfacial tension and flow 
rate. Fussel et al., (1973) stated that the formation relative permeability 
characteristics significantly affect the magnitude of condensate saturation. A 
number of experiments have shown that a significant improvement in relative 
permeability occurs at very low interfacial tension. The threshold IFT is usually 
below 0.1mN/m. Houng and Stegemeier (1961) were the first to study 
interfacial tension on light hydrocarbon in the critical region. They concluded 
that the interfacial tension in the near-well region remains low even at large 
pressure decrements below the critical point.  
 
Bardon et al., (1978) concluded in their work that the residual oil saturation 
and relative permeability are affected by the interfacial tension (IFT), when IFT 
is lower than 0.01 mN/m. Asar and Handy (1983) stated that gas relative 
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permeability curves increase with low interfacial tension. Nikravesh and 
Soroush (1996) conducted theoretical and experimental studies on the flow of 
gas condensate and showed that the flow of condensate in the early stages is 
represented by film flow.   
 
The occurrence of condensate film flow and low value of interfacial tension 
below the dew point pressure in the retrograde condensation region lowers 
the impact of capillary effects relative to gravitational and viscous effects. 
Capillary number is defined as the ratio of viscous and capillary forces (Moore 
et al., 1955): 
 

cN                                   (2.1) 
 
where ν = velocity (ft/s) 
          μ = viscosity (lbfsec/ft2) 
   σ = interfacial tension between the gas and liquid phases (lbf/ft).  
 
Understanding the relative permeability of the fluids characterized by high 
capillary number and non-Darcy flow effects is very important for maximum 
production in gas-condensate fields. An increase in capillary number results in 
a reduction of residual saturations thus changing the relative permeabilities 
from immiscible saturation curves to miscible (straight-lines). A number of 
experimental measurements (Bardon et al., 1978, Asar and Handy 1983, 
Henderson et al., 1996) have shown that relative permeability increases at 
high capillary number. As capillary number is proportional to flow rate, high 
values can occur in the region close to a gas well. Experiments show that 
significant improvements in mobility occur above a threshold capillary number.   
 
Henderson et al., (1996) showed that increasing flowrate increases relative 
permeability of both oil and gas phase. The study showed that an increase in 
interfacial tension between the phases reduced the relative permeability of the 
gas phase more than that of the condensate phase, but the relative 
permeability of both phases increased with high flow rates. 
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Boom et al., (1995) showed that the degree of well productivity decrease 
depends on condensate saturation, which is influenced by condensate 
mobility. They identified mobility improvement near the wellbore as the key 
uncertainty in predicting well deliverability. They demonstrated experimentally 
that the key parameter controlling this effect is the capillary number and not 
the interfacial tension alone. Mott et al., (1999) showed that there is an 
increase in relative permeability with the increasing capillary number closer to 
the well. 
 
Hagoort et al., (1984) showed a trend of immiscible to miscible relative 
permeability functions with decreasing interfacial tension and increasing 
superficial velocity. An increase in capillary number results in reduction of 
residual saturations thus changing the relative permeabilities from immiscible 
saturation curves to straight-lines. Blom and Hagoort (1998) analysed different 
methods for including the capillary number (Nc) in the gas condensate relative 
permeability functions. They used an interpolation between the capillary 
dominated and viscous dominated limits, weighted by a Nc dependent 
function. Several Investigators have shown that the relative permeability of 
gas is a function of the capillary number only above a threshold or base 
capillary number. Whitson et al., (1999) showed that krg = f(krg/kro, Nc) is the 
relative permeability relationship, which determines well deliverability in gas 
condensate reservoirs. They demonstrated this with a series of experiments 
designed to define krg = f(krg/kro) for the range of krg/kro and the capillary 
number expected near the well. 
 
2.4.3 Non-Darcy Flow Effect 
 
Darcy’s law states that for a single fluid flowing through a porous media, an 
increase in flow rate results in a linear increase in pressure drop. High flow 
rates do not honour Darcy’s law; therefore Forchheimer added a non-Darcy 
term to account for non-linearity: 
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2 
kdl
dp
                   (2.2) 
 
where ρ is the fluid density and β is a factor representing the inertial effect. 
 
Non-Darcy flow causes an increase in the pressure drop in the reservoir. 
Therefore, more condensate drops out in the system.  The resistance effect of 
inertial forces can be expressed as a skin factor that is proportional to the 
production rate. The β factor can be estimated from Geertsma (1974), or Li et 
al., (2001) correlations. These correlations give the inertial resistance of the 
rock as a function of other rock properties like permeability and porosity. Blom 
and Hagoort (1998) presented a numerical method for the evaluation of the 
combined effect of near-critical two-phase flow and high velocity assuming the 
two-phase steady-state method is valid. They showed that capillary number 
dependent relative permeability and non-Darcy flow are strongly coupled 
effects. Henderson et al., (1996) steady-state measurements showed that the 
presence of condensate initially decreased the permeability due to inertia 
before the positive coupling became dominant.  
 
Under single-phase flow conditions, the non-Darcy flow coefficient is constant 
and can be determined from multi-rate pressure test analysis. It can also be 
calculated using Li et al. (2001) correlation as: 
cbk
a
          (2.3) 
 
For two-phase flow, Geertsma yields: 
d
jr
c
j
b kkS
a
)(         (2.4) 
 
where Sj refers to the gas phase saturation 
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2.5 Well Test Analysis Theory 
 
During well testing, a reservoir responds to changing production. Well test 
interpretation is an inverse problem in that reservoir parameters are 
determined from an interpretation model that relates pressure response 
(output) to flow rate history (input). The analysis is divided into two phases, 
diagnosis and validation. The diagnosis is the process which allows the model 
to be selected and an estimate of the corresponding reservoir parameters 
made. The validation checks that the model can reproduce the data.  
 
The mathematical equation governing flow in a porous medium is a diffusivity 
equation. The following assumptions are made: 
 
1. Darcy’s law applies 
2. Porosity, permeabilities, viscosity and compressibility are constant 
3. Small pressure gradients  
4. Gravity and thermal effects negligible 
5. Fluid compressibility is small 
6. Flow is single phase 
 
If only radial flow is considered then the equation is: 
 
t
p
k
c
r
pr
rr
t

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




 1        (2.5) 
 
Dimensionless variables are used in well test analysis to simplify interpretation 
models and reduce the total number of unknowns. The dimensionless 
pressure pD is usually defined as: 
  
)(
2.141 wfiD
pp
qB
khp          (2.6) 
 
in Engineering Oil Field (EOF) units. In a consistent unit set, pD is defined as: 
  
 - 20 - 
 
)(2 wfiD ppqB
khp                (2.7) 
 
A dimensionless time tD is defined with respect to the well radius as: 
 
2
000264.0
wt
D rc
ktt            (2.8) 
 
in EOF units. In a consistent unit set, tD is defined as: 
 
2
wt
D rc
ktt           (2.9) 
 
The dimensionless radius rD is defined as: 
 
w
D r
rr           (2.10) 
 
The diffusivity equation in dimensionless form becomes: 
 
D
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Solutions for Eq. 2.11 have been developed for many reservoir configurations. 
The solution methods include: 
 
1. Laplace Transform (Van Everdingen and Hurst, 1949) 
2. Green’s Functions (Gringarten and Ramey, 1973)  
3. Boltzmann transformation (radial flow)  
4. Hankel transforms and  
5. Numerical methods. 
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2.6 Well Test Analysis in Gas Condensate Reservoirs 
 
2.6.1 Single and two-phase flow analyses 
 
The analysis of gas well tests is more complex than the analysis of oil well 
tests because gas properties are strong functions of pressure; hence the 
diffusivity equation for gas is non-linear. Well test analysis in gas condensate 
reservoirs is particularly complex because of two-phase flow of gas and 
condensate when the bottomhole pressure falls below the dew point pressure. 
 
2.6.1.1 Single phase pseudo-pressure 
 
In an attempt to linearise the diffusivity equation, Al-Hussainy et al., (1966) 
defined a single-phase real gas pseudo-pressure: 
 
dp
pZp
ppm
p
pref '
)()(
2)(  


                          (2.12) 
 
where μ is the viscosity, Z is the real gas compressibility factor and pref is a 
reference pressure to start the integration (usually the atmospheric pressure).  
 
Jones and Raghavan (1988) showed that when the bottomhole pressure is 
below the dew point pressure, permeability-thickness and reservoir pressure 
could be determined by using Al-Hussainy et al.’s single-phase gas pseudo-
pressure (1966) or Fussel’s two-phase pseudo-pressure (1973). This 
approach, which amounts to considering gas as the dominant fluid and 
condensate as a fluid heterogeneity, yields a fluid-induced two-region or 
three-region composite behaviour in a well test (Fig. 2.11). Well test analysis 
provides two skins, a wellbore skin from the condensate bank mobility, and a 
total skin which is the sum of the wellbore skin and a skin due to the 
condensate bank.   
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2.6.1.2 Two-phase pseudo-pressure 
 
Two-phase pseudo-pressure, on the other hand, converts the two-phase fluid 
in the two-phase region into a single fluid equivalent:   
 
dp
B
k
B
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p gg
rg
oo
ro
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 


   )(2          (2.13) 
 
This yields a well test homogeneous behaviour, with the skin effect obtained 
from the analysis representing the wellbore skin. This analysis does not derive 
additional information such as total skin and mobility ratios usually obtained 
with 2 or 3-region radial composite models. Eq. 2.13 requires that the mole 
fractions of the liquid and gas phases satisfy the flash calculations. Jones and 
Raghavan (1988) recommended using O’Dell and Miller (1973) and Fussel 
(1973) steady state theory to calculate the saturation as a function of 
pressure: 
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                    (2.14) 
 
where L and V represent the equilibrium moles of liquid and vapour, 
respectively, and are obtained from the CCE experiment. This method is well 
suited for conditions where a two-phase bank with a small transition zone 
develops around the wellbore, which is usually the case for large differences 
between the initial and dew point pressures.  
 
Saleh and Stewart (1992) studied skin factor in gas condensate reservoirs 
below the dew point pressure based on single-phase and 2-phase pseudo-
pressure and pseudo time proposed by Agarwal (1979). The aim of the study 
was to obtain the absolute permeability and total skin that includes 
mechanical and perforation damage, Non-Darcy flow and liquid drop-out. 
They concluded that the skin factor due to liquid drop out is the difference 
between the total skins obtained by both methods. They further report that the 
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skin factor calculated from 2-phase pseudo-pressure is lower than that with 
single-phase method for a given rate.  
 
Elapsed time (hours)
m
n (p) and derivative (psi)Gas with initial 
condensate saturation
Two-phase
Sw(1-
Single-phase
m
n,
2(
p)
 a
nd
 d
er
iva
tiv
e
(p
si)
Sw(2-
m
ax
rg
k
St(1-
 
Figure 2.11: Single-phase vs. two-phase pseudo-pressure formulation  
 
Fevang and Whitson (1995) proposed a three flow regions two-phase pseudo-
pressure.  The three flow regions are defined as follows: 
 
1. Region 1 has a constant flowing composition (GOR) where both gas 
and oil flow simultaneously. This is the region where most of the 
deliverability loss is caused by reduced gas permeability. 
 
2. Region 2 is where condensate accumulates but is immobile, some 
additional deliverability loss occurs in region 2, particularly in medium 
to rich gas condensates. 
 
3. Region 3 is the outer region where reservoir pressure is greater than 
the dew point pressure and only gas flows. 
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The multiphase pseudo-pressure function is calculated in three parts based 
on the three flow regions as follows: 
 
Total dp
B
k
Rs
B
kp
Rp
pwf gdg
rg
oo
ro
p  


     =     (2.15) 
 
Region 1 


   dpB
k
Rs
B
kp
p
pwf gdg
rg
oo
ro
p
*
     (2.16) 
 
Region 2 


  dpB
k
p
dp
p gdg
rg
p
*
      (2.17) 
 
Regions 3 dp
B
k
Sk
R
d
p
p gdg
rg
wirg  



)(      (2.18) 
 
A modified Evinger-Muskat approach (1942) is used to calculate region 
pseudo-pressure. Region 2 uses the krg(S0) relationship, and So(p) estimated 
from the liquid dropout curve from a CVD experiment. Region 3 is similar to 
the case for single phase gas. 
 
To calculate Region 1 pseudo-pressure, the following procedure is adopted 
(Fevang and Whitson, 1995) 
 
1. The Region 1 pseudo-pressure integral is solved using the modified 
Evinger-Muskat approach. At pressure p<p* the PVT properties Rs, Bo, 
rs, Bgd, μo , μg are found directly. 
 
2. The equation defining producing GOR is defined: 
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Where krg/kro as a function of pressure is calculated assuming PVT properties 
are known as a function of pressure, 
 
 
        (2.20) 
 
 
Eq. 2.21 can be expressed in terms of the oil relative volume of the flowing 
gas during a constant composition expansion, VroCCE=Vo/(Vg+Vo), 
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Relative permeabilities, krg and kro can be expressed directly as a function of 
the ratio krg/kro (when both phases are mobile) as shown by Evinger and 
Muskat. This means krg and kro can be evaluated directly as a function of 
pressure in the Region 1 pseudo-pressure integral, krg(p) = f[krg/kro(p)] and 
kro(p) =  f[krg/kro(p)]. 
 
Xu and lee (1999) tested the three-region method proposed by Fevang and 
Whitson (1995) and reported that the method is reasonably accurate, though it 
slightly overestimates skin values. The 3-region and steady state methods 
require accurate measurements of the producing GOR and PVT to calculate 
two-phase pseudo pressures. 
 
2.6.2 Pressure Derivative of Two-Mobility and Three-Mobility  
           Radial Composite Models 
 
Fig. 2.12 shows two mobility zones when velocity-stripping does not exist. The 
outer mobility zone corresponds to the gas with the initial condensate 
saturation. The inner region corresponds to high condensate saturation due to 
liquid drop-out near the wellbore. The two-mobility zone radial composite 
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model is used to analyse well test when only the condensate bank can be 
seen in the pressure derivative.  
 
 
 
 
 
 
 
 
 
Figure 2.12: Two-mobility zone radial composite models (Daungkaew et al., 
2002) 
 
Fig. 2.13 shows the fourth region identified by Gondouin et al., (1967) and 
verified on well test data by Gringarten et al., (2000), in the immediate vicinity 
of the well where the low interfacial tension at high rates yield a decrease of 
the liquid saturation and an increase of the gas relative permeability. 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 2.13: The four-radial composite model in a gas condensate reservoir 
(Daungkaew et al., 2002) 
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Fig. 2.14 shows the behaviour represented by a three-mobility zone radial 
composite model where three stabilisations exist in the derivative.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 2.14: Three-mobility zone radial composite models (Daungkaew et al., 
2002) 
 
 
2.7 Summary 
 
Large condensate banks develop around producing wells in gas condensate 
reservoirs when pressure drops below the dew point pressure, inducing 
severe losses of productivity. The phase behaviour of gas condensate 
reservoirs of varying richness has been discussed. Well test analysis in gas 
condensate reservoirs was presented showing the different mobility zones on 
the derivative plots when the pressure is below the dew point pressure. A 
detailed review of publications dealing with gas condensate reservoirs was 
presented. Little research has focussed on medium-rich to rich gas 
condensate reservoirs, particularly in low permeability reservoirs.  
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The next chapter presents the PVT characterization of fluid samples used for 
compositional simulation. Thereafter, the compositional simulation is used to 
investigate and characterize reservoir fluid dynamics and well test behaviours 
of wells in medium-rich to rich gas condensate single-layered and multi-
layered reservoirs. 
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Chapter 3 
 
 
3.0 PVT CHARACTERIZATION OF FLUID 
SAMPLES 
 
 
3.1 Introduction 
 
The objectives of this study are firstly to compare well test behaviours in lean, 
medium-rich and rich gas condensate single and layered reservoirs below the 
dew point pressure. Secondly, the effects of gravity on pressure responses 
and well productivity of gas condensate reservoirs are investigated. Finally, 
the effectiveness of drilling horizontal wells or hydraulically fracturing vertical 
wells for improving well productivity in gas condensate reservoirs below the 
dew point pressure are studied. Single well 1-D and 3-D compositional 
simulations are used to determine wellbore pressure responses above and 
below the dew point pressure and verification with analytical solutions. Eclipse 
(E300) compositional simulation was selected for this study, which requires an 
Equation of State (EOS) to describe reservoir fluid phase behaviour and 
compositional changes as the reservoir depletes.  
 
The production and reservoir behaviour of gas condensate reservoirs 
depends on knowledge of vapour and liquid equilibrium composition of the 
phases and their volumetric behaviour. Compositional simulations model 
behaviour of changing volumetric and phase behaviour of gas and liquid 
phases with time. It is important to accurately model the volumetric properties 
of both gas and liquid phases. An “Equation of State” (EOS) is an analytical 
expression, which relates pressure to temperature and volume for a pure 
substance and a mixture. The results of compositional simulations depend on 
the quality of the EOS model. This chapter describes the methodologies 
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involved in characterizing PVT samples for use in compositional simulation 
models. A detailed EOS model for each fluid is presented. 
 
 
3.2 Fluid Samples  
 
This study consisted of simulating 3 fluids, which include rich, medium-rich 
and lean gas condensate fluids. Fluids A and B are rich and medium-rich gas 
condensate fluids with maximum liquid drop-out in Constant Volume Depletion 
experiments ranging from 8 to 17%. Fluid C is a lean fluid with maximum 
liquid drop-out of 0.6%. The separator conditions during sampling are given in 
Table 3.1. 
 
Parameter Well E-BA Well E-CA Well E-M01P 
Sample date January 1990 October 2006 November 1999
Sample Type Separator Separator Separator 
Separator pressure (psia) 315 266 826 
Separator temperature (oF) 65 85 79 
Separator gas gravity 0.76 0.735 0.65 
 
Table 3.1: Separator conditions during sampling of PVT samples  
 
In order to characterize the fluids, reliable and representative samples have to 
be used. Uncertainties in the laboratory data due to inconsistencies in the 
laboratory measurements would translate into poor fluid models. The 
separator compositions (measured) for the liquid and vapour streams are 
used to calculate K-values and were plotted against pressure. 
 
K-values were calculated from the ratio of the vapour and liquid mole fractions 
as follows: 
j
j
j x
y
K           (3.1) 
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where yj and xj are experimentally determined values of the compositions of 
the gas and liquid that exist at equilibrium at a given pressure and 
temperature. Having determined the K-values, a useful test of consistency is 
to plot log(Ki) versus pressure for each component. 
 
A plot of log(Ki) versus pressure for each component is important: 
 All lines must be monotonic and smooth; 
 Lines must not cross except at some extrapolated pressure, pconv>psat 
 Lines must be positioned in a specific order, with high K-value at the 
top and  low K-value at the bottom (N2, C1, CO2, C2, C3, iC4, iC5, nC5, 
C6,...., CN+), with H2S anywhere between C1 and C3. 
 
The criteria above were used to validate the separator samples. 
 
The gas and liquid samples from the separators were validated and were 
found suitable for further depletion experiments. The PVT measurements 
included standard depletion type experiments on the all the samples. A 
summary of the main PVT properties for all the 3 fluids is given in Table 3.2. 
The compositions and experiments of the individual fluids are depicted in 
Appendix A.   
 
 
Fluid No. Maximum 
Liquid drop 
out (%) 
CGR 
(bbl/MMscf)
Initial 
Pressure 
(psia) 
PSAT 
Measured 
(psia) 
Temperature 
(oF) 
Fluid A 
(Rich) 
17 141 4047 4045 242 
Fluid B 
(Medium) 
8 110 4433 4189 262 
Fluid C 
(Lean) 
0.6 18 3723 3500 234 
 
Table 3.2: PVT samples  
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3.2.1 Fluid A Sample 
 
Fluid A was taken from a sandstone reservoir in a channelised system. There 
were three sets of surface separator samples. A pair from each set was 
recombined, using the reported separator GOR, and the dew point at 242oF of 
the resultant fluids measured. The composition of Fluid A is given in Table 
3.3.  
 
No Component Mole % No Component Mole % 
1 N2 5.53 14 C9 0.17 
2 CO2 1.24 15 C10 0.13 
3 nC1 84.29 16 C11 0.09 
4 nC2 4.71 17 C12 0.07 
5 nC3 1.69 18 C13 0.06 
6 iC4 0.24 19 C14 0.05 
7 nC4 0.45 20 C15 0.04 
8 iC5 0.15 21 C16 0.03 
9 nC5 0.15 22 C17 0.02 
10 C6 0.20 23 C18 0.02 
11 C7 0.32 24 C19 0.01 
12 C8 0.32 25 C20+ 0.02 
      
 
Table 3.3: Compositional analysis for Fluid A  
 
A plot of log(K) against pressure for each component for Fluid A is shown in 
Fig. 3.1. The lines do not cross each other and are monotonic indicating that 
the samples are representative and valid for fitting an EOS model.  
 
 
 
 
 
 
 
 
  
 - 33 - 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 3.1: Plot of log (K) against pressure for Fluid A 
 
3.2.1 Fluid B Sample 
 
Fluid B was taken from a sandstone reservoir. There were three sets of 
separator samples taken at constant gas rate. The samples were 
mathematically recombined to obtain reservoir fluid compositions. The 
composition of Fluid B is given in Table 3.4.  
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No Component Mole % No Component Mole % 
1 N2 0.340 14 C9 0.759 
2 CO2 3.474 15 C10 0.522 
3 nC1 72.171 16 C11 0.327 
4 nC2 8.404 17 C12 0.238 
5 nC3 4.899 18 C13 0.227 
6 iC4 0.702 19 C14 0.184 
7 nC4 2.007 20 C15 0.138 
8 iC5 0.651 21 C16 0.104 
9 nC5 0.818 22 C17 0.097 
10 C6 0.895 23 C18 0.067 
11 C7 1.388 24 C19 0.046 
12 C8 1.335 25 C20+ 0.207 
      
 
Table 3.4: Compositional analysis for Fluid B  
 
Fig. 3.2 shows a plot of log(K) against pressure for each component for Fluid 
B. The lines are monotonic and reasonably smooth indicating that the 
samples are valid for EOS model.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 3.2: Plot of log (K) against pressure for Fluid B 
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3.2.1 Fluid C Sample 
 
Fluid C was also taken from a sandstone reservoir. The fluid consisted of four 
sets of separator samples. The composition of the recombined reservoir fluid 
is shown in Table 3.5. 
 
No Component Mole % No Component Mole % 
1 N2 5.53 14 C9 0.17 
2 CO2 1.24 15 C10 0.13 
3 nC1 84.29 16 C11 0.09 
4 nC2 4.71 17 C12 0.07 
5 nC3 1.69 18 C13 0.06 
6 iC4 0.24 19 C14 0.05 
7 nC4 0.45 20 C15 0.04 
8 iC5 0.15 21 C16 0.03 
9 nC5 0.15 22 C17 0.02 
10 C6 0.20 23 C18 0.02 
11 C7 0.32 24 C19 0.01 
12 C8 0.32 25 C20+ 0.02 
      
 
Table 3.5: Compositional analysis for Fluid C  
 
The validation for Fluid C sample was done by plotting log(K) against pressure 
as shown in Fig. 3.3. The lines follow similar trend as for Fluid A and B and 
are monotonic, with the high K-value at the top. The samples were used to 
generate an EOS model. 
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Figure 3.3: Plot of log (K) against pressure for Fluid C 
 
 
3.3 EOS Verification 
 
The development of an Equation of State model involves the selection of a 
suitable set of components and the tuning parameters so that predictions, 
using the EOS model, match measured data. The EOS fluid characterization 
developed in this study is based on the modified Peng-Robinson (1965) EOS 
model. The viscosities were calculated using the Lorentz et al., (1964).   
 
The tuning philosophy was to adjust as few parameters as possible when 
attempting to match the observed data. The parameters were selected 
according to the uncertainty over the true value. The parameters associated 
with the plus fraction’s pseudo groups were adjusted first. The following steps 
were carried out for the matching: 
 Binary interaction coefficients between C1 and heavy components 
 Ωa and Ωb for C1 and pseudo components 
 Critical parameters (pressure and temperature) and acentric factor for 
pseudo components 
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The main features of the methods are splitting/lumping the heavier plus 
fraction into two or more fractions assuming that component distribution in the 
fluid can be represented by a particular probability function. The splitting 
process involves the breaking down of the last pseudo component into 2 or 
more distributions of components. Once broken down the components are 
regrouped into 2 or more pseudos of equal mole percentage. The validity of 
this operation is based on the fact that any pseudo component is in fact a 
mixture of many substances with widely different properties. The pseudo can 
be replaced with any number of combinations of other pseudos as long as the 
combined properties are roughly equivalent. The EOS model for the reservoir 
fluids was matched to the following parameters from the PVT analysis: 
  
 Dew-point pressure; A match of the dew point is essential for 
successful matching of the CVD experiment. It is important to match 
the saturation pressure as it provides a good estimate of upper dew 
point pressure as the reservoir pressure declines. 
 Vapour Z factor and viscosities at dew point from CVD and CCE 
experiments. 
 Liquid drop-out from constant volume depletion (CVD) and constant 
compositional expansion (CCE). The liquid drop-out indicates the 
degree to which the heavy ends of the fluid were being retained in the 
formation. It will determine the rate of liquid saturation as a function of 
reservoir pressure.  
 
The PVTi program from Schlumberger was used to generate an Equation of 
State model for each fluid. 
 
3.3.1 Fluid A Characterisation 
 
The experimental data was fitted with an EOS model as suggested by 
Pedersen et al., 1987 and Whitson et al., 1999. The methodology described 
above was followed to match the data. The Peng-Robinson Equation of State 
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was selected for the matching. Several different ways of grouping the 
components were tried in order to fit the data as well as possible. Fig. 3.4 
shows the EOS match to experimental data using the best choice of lumping. 
Model 1 shows reasonable match on all the experiments and was used for the 
compositional simulation model. Table 3.6 shows the composition of the 
reservoir fluid after lumping of heavy and lights components.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 3.4: Comparison of experimental data and EOS model results for Fluid A 
 
The EOS properties generated for Fluid A are shown in Appendix A. 
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Component Mole fraction Molecular Weight 
C1N2 0.6319 16.113 
C2CO 0.1315 33.192 
C3 0.0776 44.097 
C4 0.0456 58.124 
C5 0.0262 72.151 
C6 0.0158 86.178 
C7C8 0.0313 100.709 
C9-11 0.0232 131.478 
C11-C16 0.01160 177.845 
C16+ 0.00530 263.892 
Total 1  
 
Table 3.6: Compositional analysis after lumping (Fluid A) 
 
The oil viscosity calculated using Pedersen et al., 1987 and Lorentz et al., 
1964 correlations were compared as shown in Fig. 3.5. For Fluid A, the 
calculated oil viscosity using Pedersen et al’s correlations is 20-30% greater 
than Lorentz et al’s method. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 3.5: Comparison of Lorentz et al., and Pedersen et al., calculated oil 
viscosity for Fluid A, P<Pdew 
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3.3.2 Fluid B Characterization 
 
This EOS model was developed by splitting the heavy components into 3 
pseudo components. A similar approach to that described in section 3.3 was 
adopted. The Peng-Robinson EOS model was selected. Fig. 3.6 shows the 
experimental data and EOS matches for the various experiments. A 
reasonable match is obtained in all the experiments. The composition of Fluid 
B after splitting is shown in Table 3.7.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 3.6: Comparison of experimental data and EOS model results for Fluid B 
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Component Mole fraction Molecular Weight 
N2 0.003399 28.013 
CO2 0.034737 44.01 
nC1 0.72166 16.043 
nC2 0.084034 30.07 
nC3 0.048987 44.093 
iC4 0.00702 58.1239 
nC4 0.020069 58.1240 
iC5 0.00651 72.150096 
nC5 0.008179 72.151031 
C6 0.008949 84 
C7+ 0.043337 143 
C12+ 0.011039 225 
C20+ 0.00208 337 
Total 1  
 
Table 3.7: Compositional analysis after splitting (Fluid B) 
 
A plot of oil viscosity calculated for Fluid B when pressure is below the dew 
point pressure using Lorentz et al and Pedersen et al’s methods is shown in 
Fig. 3.7. The oil viscosity calculated using Pedersen model is 20-30% greater 
than the viscosity calculated using Lorentz et al’s model. The compositional 
simulation predicts a higher oil viscosity below the dew point when Pedersen’s 
method was selected. 
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Figure 3.7: Comparison of Lorentz et al., and Pedersen calculated oil viscosity 
for Fluid B, P<Pdew 
 
The EOS properties generated for Fluid B are shown in Appendix A. 
 
3.3.3. Fluid C Characterization 
 
The Peng-Robinson Equation of State model was fitted to the experimental 
data for Fluid C. As for Fluid A and B; the EOS verification methodology 
described in section 3.3 was employed. The match on the CVD liquid 
saturation was not as good as those of vapour Z-factor and CCE relative 
volume. The last component (heaviest) was split into two pseudo components 
as shown in Table 3.8. The comparison of experimental data and EOS model 
results is shown in Fig. 3.8. 
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Figure 3.8: Comparison of experimental data and EOS model results for Fluid C 
 
Component Mole fraction Molecular Weight 
N2 0.03491 28.013 
CO2 0.01340 44.01 
C1 0.8549 16.043 
C2 0.04982 30.07 
C3 0.01940 44.097 
C4 0.008703 58.124 
C5 0.003401 72.151 
C6 0.002007 84 
C7+ 0.01308 129.49 
C13+ 0.000379 287.068 
Total 1  
 
Table 3.8: Compositional analysis after lumping (Fluid C) 
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Fig. 3.9 compares the oil viscosity calculated using both Pedersen and 
Lorentz viscosity correlations when pressure was below the dew point 
pressure. As for Fluid B, it can be seen that the Pedersen correlation viscosity 
calculation is 20-30% greater than the Lorentz et al’s correlation at lower 
pressures.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 3.9: Comparison of Lorentz et al., and Pedersen calculated oil viscosity 
for Fluid C 
 
The EOS properties generated for Fluid C are shown in Appendix A. 
 
Table 3.9 compares the laboratory determined saturation pressures with those 
determined by calculation. The acceptable matched saturation pressure is 5% 
of the measured pressure. The fluid’s saturation pressure is matched to within 
acceptable limits. 
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Fluid  
Sample 
Maximum 
Liquid 
drop out 
(%) 
CGR 
(bbl/MMscf) 
Initial 
Pressure 
(psia) 
PSAT 
Measured 
(psia) 
PSAT 
Calculated 
(psia) 
% 
Difference 
Temperature 
(oF) 
Fluid A 
(Rich) 
17 141 4047 4045 4051 0.15 242 
Fluid B 
(Medium) 
8 110 4433 4245 4200 1.2 262 
Fluid C 
(Lean) 
0.6 18 3723 3500 3523 0.66 234 
 
Table 3.9: Summary of PVT results 
 
 
3.4 Summary 
 
The methodology used to characterize the PVT data to develop an EOS 
model was discussed. The PVT samples obtained from lean to rich gas 
condensate reservoirs were characterized with an appropriate Equation of 
State. The selected EOS model (Peng-Robinson) gave reasonable results for 
all fluids selected for this research. The following chapter presents the results 
of the first objective of the research, which is an investigation of different well 
test behaviours in low permeability lean, medium-rich and rich gas 
condensate reservoirs. Specifically, it aims to identify derivative shapes and 
condensate banks in different production and permeability environments 
below the dew point pressure. 
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Chapter 4 
 
 
4.0 PRESSURE TRANSIENTS IN MEDIUM-RICH 
TO RICH GAS CONDENSATE HOMOGENEOUS 
RESERVOIRS 
 
 
4.1 Introduction 
 
This chapter presents the results obtained from simulation of lean to rich gas-
condensate fluids. Bozorgzadeh (2006) studied well test analysis of lean gas 
condensate reservoirs. Aluko (2009) investigated gas condensate reservoirs 
focusing in rich gas. This work is an extension to comparing different 
richnesses and closing the knowledge gap on medium-rich fluids. The 
numerical simulation model and its validity are described. The different 
parameters, which would affect condensate bank and liquid drop-out near 
wellbore are investigated. The grid analysis and relative permeability curves in 
the model are discussed. Three fluids with liquid drop-out in CVD experiment 
ranging from 0.6 to 17% were investigated. The PVT parameters from these 
fluids were inputs to the compositional model. The condensate saturation, gas 
relative permeability, oil and gas properties distributions are presented as 
function of distance away from the wellbore. In addition, the wellbore pressure 
responses and derivatives curves are shown. The models were run with and 
without velocity dependent relative permeabilities.  
 
A detailed well test interpretation and compositional simulation of drill stem 
tests and production data from two wells in a medium-rich to rich gas 
condensate field offshore South Africa are presented. The objective of these 
analyses is to verify the theoretical investigations and fully understand the well 
test behaviour of medium-rich to rich gas condensate reservoirs using real 
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data. The understanding of near wellbore effects of low permeability, medium-
rich to rich gas condensate reservoirs would support formulation of new 
methods for analyzing complex medium-rich to rich gas condensate well tests. 
  
 
4.2 Numerical Simulation Set-Up  
 
This section describes the simulation model used to determine the pressure 
transient response in gas condensate reservoirs. This was done by simulating 
the fluid behaviour around a gas-condensate well and generates bottomhole 
pressure responses under different conditions. The effects of fluid richness, 
production rate and time, reservoir permeability and capillary number on the 
pressure transient tests and near-wellbore condensate build up were 
investigated.  
 
4.2.1 Reservoir Description 
 
Radial coordinates were used to simulate a single layer homogeneous 
reservoir of 100 ft thickness in a vertical well. The size of the grid blocks was 
increased logarithmically in the radial direction. The well was located in the 
central grid block.   
 
Very small time steps were used to minimise numerical dispersion and more 
accurately simulate the gas-condensate behaviour near the wellbore. 
Numerical dispersion is the artificial spreading of saturation fronts due to the 
numerical grid block structure in the simulation. It could arise because of 
taking large grids to represent moving fronts.  
 
Generally, this can be minimised by refining the grid globally or locally or by 
using improved numerical methods. Here, the effect of coarse and finer grid 
around the wellbore on the condensate saturation distribution was 
investigated. The grid geometries investigated were 60x1x1, 40x1x1 and 
15x1x1. The smallest grid cell closest to the wellbore was varied from 0.1 to 
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1ft. The coarser grid block shows higher condensate saturation than the fine 
grid. The condensate saturation profiles for the different grid configurations 
are shown in Appendix B. In general, the condensate saturation profiles show 
a similar trend. A model consisting of 40x1x1 grid blocks was selected for 
further simulation studies. The grid sizes used for the simulation runs are 
given in Table 4.1. The size of the different grids is shown in Appendix B. The 
model grid configuration is illustrated in Fig. 4.1. The basic reservoir rock and 
fluid properties are given in Table 4.1. 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.1: Compositional simulation model grid configuration 
 
Parameter Unit Value 
Initial reservoir pressure fluid A psia 4250 
Initial reservoir pressure fluid B psia 4400 
Initial reservoir pressure fluid C psia 3700 
Horizontal permeability mD 10 
Reservoir thickness ft 100 
Porosity % 10 
Net-to-Gross % 100 
Vertical permeability mD 1 
Water saturation % 30 
Critical condensate saturation % 10 
 
Table 4.1: Single layer parameters for radial model 
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4.2.2 PVT Data 
  
This study consisted of simulating 3 fluids, including 2 medium-rich to rich 
fluids and 1 lean fluid gas condensate fluid.  The properties of the fluids are 
given in Table 3.3 of Chapter 3. Equation of State (EOS) modelling was 
conducted for all 3 fluids as described in section 3.3. The tuned models were 
used as input to the dynamic model.  
 
4.2.3 Relative Permeability Data – Corey Exponents  
 
The relative permeability models used in the simulation models were derived 
from Corey’s correlations (Ali et al., 1987) since measured data was not 
available. Equations 4.1 to 4.4 are Corey functions used to calculate relative 
permeability curves 
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where: 
Swc : connate water saturation 
Sgc : critical gas saturation 
Soc : critical condensate saturation 
Sorw : residual oil saturation by water 
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Sg: gas saturation 
n: Corey exponent 
krg : end point relative permeability to gas 
kro : end point relative permeability to condensate 
krw : end point relative permeability to water 
krow : end point relative permeability to condensate-water 
 
Relative permeability curves of gas condensate reservoirs can be 
characterized by the crossover point, which is where krg is equal to krog. The 
crossover point is typically in the range from 5% to 12%. Different sets of 
exponents were used for the relative permeability models. Critical gas and 
critical condensate saturations of 5% and 10% were used respectively. Fig. 
4.2 shows the relative permeability curves with exponents of 2.7 for both krg 
and krog and had crossover point of 12%.   
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.2: Gas-oil relative permeability curves 
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The effects of high velocity on the physics of flow near wellbore is very 
important. Gas-oil relative permeabilities increase with velocity in gas 
condensate systems. In Eclipse 300, there are ways to model the velocity-
dependent relative permeabilities for the oil and gas. This model is termed 
capillary number model. The capillary number model has two effects on the 
gas and oil relative permeabilities. As the capillary number increases, the 
model reduces the residual saturations and changes the relative permeability 
from the user specified (immiscible) saturation curves towards an internally 
generated miscible curve.  
 
The capillary number effect was included in the simulation runs as 
recommended by Henderson et al., (1996). In Eclipse 300, the model contains 
7 empirical parameters as listed below: 
 
 The base capillary number, Ncb, the minimum threshold Nc   
 mo used to scale the critical oil saturation 
 mg  used to scale the critical gas saturation 
 n1o  used to interpolate the oil relative permeability 
 n1g  used to interpolate the gas relative permeability 
 n2o  used to interpolate the oil relative permeability 
 n2g  used to interpolate the gas relative permeability 
 
The procedure for calculating the gas relative permeability at a particular 
capillary number (Henderson et al., 1995, 1997) is as follows: 
 
 Calculate the scaled critical gas saturation *gcS : 
 

  )exp(1*
c
cb
ggcgc N
NmSS  
 The term in brackets is the saturation scaling parameter  
 Calculate a base gas relative permeability curve krg(base), by scaling the 
input gas relative permeability to the end point *gcS  
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 A straight line gas relative permeability curve krg(s), with the end point 
*
gcS  using *
max
*
max )(
gcg
gcg
grgrg SS
SS
Skk 
  was calculated 
 An interpolation between the base and the straight line relative 
permeability curves, using )()()( )1( srgbasergsrg kkk    was made 
 
x
c
cb
N
N



     gn
gg Sn
x 2
1 )(
1  
 
Default values suggested by Henderson et al., 1995 for the capillary number 
model are given in Table 4.2. These values were used as an input to all the 
simulation models presented. 
 
Parameter Value 
NCB 1x10-6 
mo 80 
mg 24 
n1o 24 
n1g 6 
n2o 0 
n2g 0 
 
Table 4.2: Default parameters for capillary number model used in the 
simulation model 
 
The compositional simulator (E300) interpolates between the ‘base’ curves 
(low Nc) and straight lines (High Nc). The gas relative permeability curves at 
different capillary numbers in E300 were calculated using the expressions 
above and the default parameters in Table 4.2 are shown in Fig. 4.3. The 
base relative permeability curves used are shown in Fig. 4.2. Fig 4.4 shows 
the oil relative permeability curves.  
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Figure 4.3: E300 and base gas relative permeability curves 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.4: E300 and base oil relative permeability curves 
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4.2.4 Model Validation 
 
The pressure rate history generated consisted of 8 alternating drawdowns and 
build ups of varying durations as shown in Fig. 4.5. All build up durations were 
limited to 10 days.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.5: Synthetic well test pressure and rate history 
 
In order to ensure that the simulation model generates well test responses 
correctly, simulations were run for homogeneous behaviours with bottomhole 
pressure above the dew point pressure (blue curve in Fig. 4.6) and compared 
with analytical solutions (red curve in Fig. 4.6). The log-log plot of both 
drawdowns and build ups exhibit a homogeneous behaviour with no 
condensate drop-out. Numerically simulated pressure responses were also 
analyzed with a well test analysis software to verify that good agreement was 
obtained between the parameters used in the simulation model and those 
obtained from the analysis.  
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Figure 4.6: Well test response of homogeneous reservoir validating the 
numerical model with analytical solution, P>Pdew 
 
 
4.3 Effect of Capillary Number Parameters 
 
The relative permeability of a given phase flowing through a porous medium is 
a function of its saturation, capillary number, wettability and pore structure. 
Calculation of capillary number in the compositional model involves seven 
parameters. These parameters are usually obtained from experimental data. 
Hashemi (2006) investigated the various capillary number model parameters, 
which affect the pressure drop in lean gas condensate reservoirs. He 
concluded that n1g and Ncb (base capillary number) probably affect the 
pressure drop and therefore condensate saturation. In this study, sensitivities 
were run on both n1g and Ncb to determine how they affect pressure drop in 
rich gas (Fluid A). 
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The simulation model was initialized at a pressure slightly above the dew point 
pressure in order to model two-phase flow as soon the pressure drops below 
the dew point pressure. The gas production rate was set at maximum rate of 
25MMscf/D for a permeability-thickness of 1000mD.ft. The simulation 
consisted of one 50-day drawdown followed by one 50-day build up. The input 
parameters for the capillary model are given in Table 4.2, with sensitivity only 
run on the base capillary number and n1g. Fig. 4.7 shows that the pressure 
drop increases as the base capillary number increases. The pressure drop 
increases with increasing base capillary number. The increase in pressure 
drop results in increased condensate saturation near the wellbore.  
 
The capillary number, Nc in each grid block was calculated during flow to 
check that the minimum and maximum values in the input model are 
consistent.  The default n1g parameter (6.23) was compared with increasing 
values. As shown in Fig. 4.8, the increasing pressure drop corresponds to an 
increase in n1g, in agreement with Hashemi (2006) study of lean gas.  
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Figure 4.7: The effect of base capillary number on pressure drop in rich gas 
(Fluid A) 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.8: The effect of n1g on pressure drop in rich gas (Fluid A) 
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4.4 Non-Darcy Effects 
 
High velocities in gas wells cause non-Darcy effects. In Chapter 2, section 
2.4.3, different correlations were presented to calculate the non-Darcy 
coefficient. The model was modified to include non-Darcy effects. Runs 
consisted of alternating drawdowns and build ups of increasing production 
rates as shown in Fig. 4.9. First, the model was run without capillary number. 
Next, the model was run with capillary number and finally, with capillary 
number and non-Darcy effects. The well and reservoir parameters are the 
same as those used in Table 4.1. The simulator calculated the non-Darcy flow 
coefficient (β) using Eq. 2.4 with default parameters. The capillary model 
parameters and non-Darcy parameters are given in Table 4.3.  
 
Parameter Value 
NCB 1x10-6 
mo 80 
mg 24 
n1o 24 
n1g 6 
n2o 0 
n2g 0 
a 0.005 
b 0.5 
c 0.5 
d 5.5 
 
Table 4.3: Default parameters for capillary number model and Non-Darcy model 
in the simulation model 
 
It can be observed that there is a sharp pressure drop when capillary number 
is not included. The pressure drop is not as severe when capillary number is 
included. The green curve shows that, when capillary number and non-Darcy 
effects are included, the pressure drop is not as sharp as when capillary 
number is not included.  
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Figure 4.9: Simulation run showing increasing pressure drop due effects of 
capillary number and non-Darcy on pressure drop (P<Pdew) in rich gas (Fluid A) 
 
 
4.5 Simulation Results 
 
In this section, simulation results for the fluids studied are presented. The 
condensate saturation, gas relative permeability, density and viscosity profiles 
are shown as a function of radial distance away from the wellbore. The 
permeability thickness was set at 1000 mD.ft and gas production rate at 
10MMscf/D. This rate was chosen so that a constant rate could be maintained 
for all the fluids studied. High values of gas rate would create very high 
pressure drops near the well, causing sharp decline in rates, particularly for 
rich gas fluids. In all cases, the model was initialized at 200 psia above the 
dew point pressure. The rate and pressure histories used in the model are 
shown in Fig. 4.10. 
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Figure 4.10: Pressure and rate histories used in the simulation runs  
 
The capillary number was calculated in each cell using Eq. 4.5. The fluid 
velocity increases towards the wellbore and was calculated in each grid bock 
using Eqs. 4.6 to 4.7. The interfacial tension and viscosity were obtained from 
the simulation output.  
 

cN                                   (4.5) 
 
where ν = velocity (m/s) 
          μ = viscosity (Pa.s) 
   σ = interfacial tension between the gas and liquid phases (N/m).  
 
rh
Qu 2                (4.6) 
where u = Darcy gas velocity (ft/d) 
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           Q = Gas rate (MMScf/D) 
   r = radius (ft).  
 
Pore gas velocity 
)1( wiS
u
            (4.7) 
where u = Darcy gas velocity (ft/d) 
           φ = Porosity (fraction) 
   Swi = Irreducible water saturation (fraction) 
 
Fig. 4.11 shows the capillary number against radial distance during drawdown 
for Fluid A. The capillary number increases towards the wellbore as the 
pressure drops closer to the well. The capillary number for each grid block 
was in the range between 0.0001 and 0.17. The calculated capillary numbers 
were within the interpolation range of E300 relative permeability curves as 
shown in Fig. 4.3. 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.11: Capillary number against radial distance showing an increasing 
capillary number closer to the wellbore for Fluid A (rich)  
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The calculated capillary numbers for each gridblock against radial distance for 
Fluid B is shown in Fig. 4.12. The capillary numbers range between 0 and 
0.0140, which is also within the range of the E300 interpolation. 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.12: Capillary number against radial distance showing an increasing 
capillary number closer to the wellbore for Fluid B (medium-rich)  
 
Similarly for Fluid C, the capillary number range of 0.00001 and 0.0020 closer 
to the well is within the E300 compositional simulation interpolation ranges as 
shown in Fig. 4.13. 
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Figure 4.13: Capillary number against radial distance showing an increasing 
capillary number closer to the wellbore for Fluid C (lean)  
 
4.5.1 Condensate Saturation Profiles 
 
Fluid A is a rich gas condensate fluid with CGR of 141 bbl/MMscf and a 
maximum CVD liquid drop-out of 17%. The model was run with and without 
capillary number. Aluko (2009) studied rich gas condensate reservoirs and 
showed the behaviour of condensate saturation build up with and without 
capillary number. He also showed the oil and gas physical properties 
distributions below the dew point pressure. Fig. 4.14 shows the condensate 
saturation profile for Fluid A at different production times during the drawdown 
(DD2) preceding the build up (BU2). During drawdown (DD2), the bottomhole 
pressure is below the dew point pressure and condensate drops out in the 
reservoir. The condensate saturation increases sharply away from the 
wellbore and reaches a maximum of 43% near the wellbore when capillary 
number is not included. The radius of the condensate bank (defined as the 
distance at which the condensate becomes mobile) increases to 18 ft after 
200 days of production. The inclusion of capillary number (using default 
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values) yields different results. The pressure drop is less severe than when 
capillary number is not included. This results in lower condensate saturation 
near wellbore as shown in Fig. 4.14. The condensate saturation continues to 
increase and the gas relative permeability continues to decline to its lower 
value closest to the well as pressure declines and production time increases. 
The critical condensate saturation is reached and the condensate becomes 
mobile. The mobile condensate reduces the gas mobility near wellbore. The 
size of the condensate bank is also reduced, to 7 ft after 200 days. The 
maximum condensate saturation reached at the end of drawdown (DD2) is 
23% after 200 days of production. The condensate saturation profiles 
discussed above verified the findings reported by Aluko (2009). 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.14: Condensate saturation distribution with and without capillary 
number in the model for Fluid A at different production times during DD2, Qg = 
10 MMscf/d 
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90ft respectively after 200 days when capillary number is not included. The 
condensate saturation profile for Fluid B is different to that of Fluid A when 
capillary number is included as illustrated in Fig. 4.15.  
 
The radius of the bank is similar with and without capillary number because 
the size of the bank is proportional to production rate for this fluid. This is 
different to Fluid A (rich), which showed different bank radii with and without 
capillary number. After 0.1 to 1 day of production, condensate saturation is 
higher at the well than in the formation. After 10 days of production, however, 
the condensate saturation, equal to 16% at the well, increases away from the 
well to reach a maximum of 19%.  This trend continues as production time 
increases. After 200 days of production, the maximum saturation is 32% 
whereas the saturation at the well is around 25%. The improved mobility in the 
near well region is due to capillary number effects.  
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.15: Condensate saturation distribution with and without capillary 
number for Fluid B at different production times during DD2, Qg = 10 MMscf/d 
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bank radius for Fluid A is larger than that for Fluid B at higher rates (30 
MMscf/D). 
 
Fluid C is a lean gas condensate fluid with maximum liquid drop-out of 0.6% in 
the CVD experimental data and a CGR of 18 bbl/MMscf. Bozorgzadeh (2006) 
investigated lean gas condensate reservoirs and presented condensate 
saturation profiles with changing production rates and time. She also 
presented well test behaviours below the dew point pressure. The condensate 
saturation profile is shown in Fig. 4.16. The profile is similar to that for Fluid A 
and B when capillary number is not included, with a maximum condensate 
saturation at the well of 35% and a condensate bank radius of 6ft. When 
capillary number is included, the maximum condensate saturation is 28% and 
radius of the condensate bank is 4ft, significantly less than the bank sizes for 
Fluids A and B. “Velocity stripping” effects near the well are clearly seen when 
capillary number is included, as with Fluids B. The condensate saturation 
distributions for Fluid C verified findings by Bozorgzadeh (2006) in lean gas 
fluids. 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.16: Condensate saturation distribution with and without capillary 
number in the model for Fluid C at different production times during DD2, Qg = 
10 MMscf/d 
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4.5.2 Gas Relative Permeability Profiles 
 
Gas relative permeability profiles for Fluids A, B and C at the end of DD2 are 
shown in Figs. 4.17 to 4.19, respectively. They are mirror images of the 
condensate saturation profiles. The mobility of the gas close to the well is 
considerably reduced by the immobile condensate that occupies the pore 
space.  
 
The gas relative permeability for Fluid A decreases from 100% to 5% at the 
wellbore after 200 days of production without capillary number, and to 60% 
when the capillary number is included. The reduction in gas mobility is not as 
sharp as when capillary number is not included in the model because less 
condensate accumulates in the reservoir. The gas relative permeability 
decreases with production time as more condensate drops out in the 
reservoir. When capillary number is included, the gas relative permeabilities 
for Fluids B and C show a minimum of at some distance from the well as 
production time increases (about 35%-40% after 200 days), with an improved 
relative permeability close to the well (respectively 60%, 51% and 68% after 
200 days). The gas relative permeability for Fluid A is higher than for Fluid B 
because, rich fluid (Fluid A) accumulates less condensate saturation near well 
due to small pressure drops at low rates (10 MMscf/D). 
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Figure 4.17: Gas Relative Permeability Distribution with and without capillary 
number model for Fluid A (Rich)  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.18: Gas relative permeability distribution with and without capillary 
number model for Fluid B (Medium-rich)  
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Figure 4.19: Gas relative permeability distribution with and without capillary 
number model for Fluid C (Lean) 
 
4.5.3 Gas and Oil Viscosity Profiles 
 
The overall composition of the hydrocarbon mixture changes as pressure 
declines. Changes in fluid composition change the densities and viscosities of 
the flowing gas and oil phases. In gas wells, density and viscosity change with 
pressure. Fig. 4.20 and 4.21 represent the oil and gas viscosity profiles and 
condensate saturations when capillary number is included in the simulation 
model for Fluid A. Oil viscosity increases with production time and it increases 
sharply at the edge of the condensate bank (Fig. 4.20) due to liquid dropping 
out in the reservoir and heavier components increasing in the oil phase. At the 
same time, the gas viscosity decreases as the gas phase loses heavy 
components and becomes leaner (Fig. 4.21). The difference between oil and 
gas viscosities at the end of DD2 is 0.0235 cp.  
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Figs. 4.22 and 4.23 show the concentration profile of C1 and C4 components 
in the vapour phase as a function of time. C1 increase and C4 decrease and 
the vapour phase becomes leaner as production time increases. 
  
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.20: Oil viscosity profile with increasing production time with capillary 
number for Fluid A (Rich)  
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.21: Gas viscosity profile with increasing production time with capillary 
number for Fluid A (Rich) 
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Figure 4.22: Composition of C1 in the vapour phase profile with increasing 
production time with capillary number for Fluid A (Rich) 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.23: Composition of C4 in the vapour phase profile with increasing 
production time with capillary number for Fluid A (Rich) 
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The oil viscosity and condensate saturation profiles for Fluid B are shown in 
Fig. 4.24, the gas viscosity profile in Fig. 4.25, and the C1 component in 
vapour phases in Fig. 4.26. The C4 concentration is shown in Fig. 4.27. The 
Fluid B shows a behaviour similar to that of Fluid A. The oil viscosity is about 
5 times greater than the gas viscosity at the end of DD2, whereas for Fluid A 
the oil viscosity is twice the gas viscosity. 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.24: Oil viscosity profile with increasing production time with capillary 
number for Fluid B (Medium-rich) 
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Figure 4.25: Gas viscosity profile with increasing production time with capillary 
number for Fluid B (Medium-rich) 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.26: Composition of C1 in the vapour phase profile with increasing 
production time with capillary number for Fluid B (Medium-rich) 
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Figure 4.27: Composition of C4 in the vapour phase profile with increasing 
production time with capillary number for Fluid B (Medium-rich) 
 
Fig. 4.28 shows the oil viscosity profile for Fluid C. The oil viscosity does not 
change much with increasing production time near the well. Similarly, the 
condensate saturation does not increase significantly. This is significantly 
much more than the difference in viscosities for rich and medium-rich gas 
condensate fluids. The gas viscosity profile is shown in Fig. 4.29. The gas 
viscosity decreases with increasing production rate. The rate of decrease in 
gas viscosity for Fluid C is much smaller than for Fluids A and B. The oil 
viscosity is about ten times greater than the gas viscosity. 
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Figure 4.28: Oil viscosity profile with increasing production time with capillary 
number for Fluid C (Lean) 
 
Figs. 4.30 to 4.31 show the concentration profiles of C1 and C4 components in 
the vapour phase as a function of time for Fluid C. The behaviour is similar to 
Fluid A and B, with C1 and C4 increasing and decreasing, respectively as 
production time increases and the reservoir fluid becomes lighter.  
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.29: Gas viscosity profile with increasing production time with capillary 
number for Fluid C (Lean) 
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Figure 4.30: Composition of C1 in the vapour phase profile with increasing 
production time with capillary number for Fluid C (Lean) 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.31: Composition of C4 in the vapour phase profile with increasing 
production time with capillary number for Fluid C (Lean) 
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4.5.4 Gas and Oil Density Profiles 
 
The oil density increases as production time increases as shown in Fig. 4.32 
for Fluid A. The increase in oil density corresponds to the increase in viscosity 
as condensate drop-out and the oil becomes heavier. Gas density decreases 
at the well as the gas becomes leaner (Fig. 4.33).  
 
Fig. 4.34 and 4.35 show the oil and gas densities for Fluid B (medium fluid). 
The density of the oil increases away from and near the well with increasing 
production. As with Fluid A, the oil density increases much more away from 
the well than closer to the well. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.32: Oil density profile with increasing production time, with capillary 
number for Fluid A (Rich) 
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Figure 4.33: Gas density profile with increasing production time, with capillary 
number for Fluid A (Rich) 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.34: Oil density profile with increasing production time, with capillary 
number for Fluid B (Medium-rich) 
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Figure 4.35: Gas density profile with increasing production time, with capillary 
number for Fluid B (Medium-rich) 
 
For Fluid C (lean gas), the oil density increases sharply after 0.1 day to 40 
lb/ft3 and remains the same at the well as production time increases (Fig. 
4.36). This is different from Fluid A (Rich) and B (Medium-rich), whereby the 
oil density continues to increase at the well with increasing time. However, 
away from the well the oil density increases with increasing production time as 
with Fluids A and B.  
 
As shown in Fig. 4.37, gas density exhibits a decreasing trend with production 
time, as with Fluids A and B. The observed oil and gas density profiles 
correlate with the viscosity profiles shown in section 4.5.3 of this report. 
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Figure 4.36: Oil density profile with increasing production time, with capillary 
number for Fluid C (Lean) 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.37: Gas density profile with increasing production time, with capillary 
number for Fluid C (Lean) 
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4.6 Factors that affect condensate drop-out 
 
4.6.1 Effect of Production Rate and Time 
 
Capillary number is dependent on velocity and interfacial tension. Henderson 
et al., (1996) showed that both velocity and interfacial tension are dependent 
on production rate. At high rates, large pressure drop are created near the 
well and below the dew point pressure, the interfacial tension increases.  
Runs were made with capillary number at increasing gas rates ranging from 5 
MMscf/D to 30 MMscf/D. Fig. 4.38 shows the pressure and rate histories. The 
model was initialized at 200 psia above the dew point pressure in all cases. 
The rates were increased high enough to ensure that condensate 
accumulates in the reservoir. All build ups end above the dew point pressure.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.38: Pressure and rate history for increasing gas rate and duration, 
P<Pdew in the compositional simulation 
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4.6.1.1 Condensate saturation profiles 
 
Fig. 4.39 shows the condensate saturation distribution for Fluid A with 
increasing production rate and time. The condensate saturation plot 
corresponds to the end of drawdown. The size of the condensate bank radius 
increases from 3ft to 450ft. During the drawdown periods, condensate 
saturation near the wellbore increases with production rate and time until the 
production rate reaches 25MMscf/D. There is a slight decrease in the 
condensate saturation around 10ft away from the wellbore when the 
production rate is 30MMscf/D. The decrease in condensate saturation is 
because the pressure has declined to 2500 psia, a value corresponding to the 
maximum liquid drop-out beyond which the condensate starts to re-vaporize 
as observed on the CVD experimental data. The ‘velocity stripping’ effects are 
not seen even at maximum attainable gas rate of 30 MMscf/D. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.39: Condensate saturation distribution showing increasing 
condensate bank size with increasing gas rate for Fluid A  
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The condensate saturation profile for Fluid B (medium-rich) is shown in Fig. 
4.40. As the gas rate increases, the maximum condensate saturation ranges 
from 20% to 35% and the size of the bank increases to 250ft. The condensate 
saturation increases up to 10ft from the wellbore then liquid re-vaporizes as 
pressure depletes.  The zones of improved mobility around the wellbore for 
rates up to 25 MMscf/D are due to high condensate saturation and capillary 
number effects as explained in section 4.5.1. The decrease in condensate 
saturation near the well for 30 MMscf/D is due to condensate re-vaporization 
as for Fluid A and velocity stripping effects. 
 
 
 
 
 
 
  
 
 
 
 
 
 
 
 
 
Figure 4.40: Condensate saturation profile showing increasing condensate 
bank size with increasing production rate for Fluid B 
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different from medium-rich and rich fluids where the condensate saturation 
near the well changes significantly with increasing production rates.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.41: Condensate saturation profile showing increasing condensate 
bank size with increasing gas rate for Fluid C 
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point pressure in a build up is similar to that at the end of the preceding 
drawdown. 
 
Fig. 4.42 shows the condensate saturation at the end of drawdown period 
(DD6) and in the subsequent shut-in (BU6) for Fluid A (rich). At the instant of 
shut-in, the condensate saturation increases in the vicinity of the wellbore. As 
pressure increases further to above the dew point pressure, miscibility occurs 
and a single-phase gas forms around the well. This is because during the 
drawdown, the fluid phase changes to a near critical fluid and at pressures 
close to the dew point pressure, the difference between the oil and gas 
properties is very small. A small increase in pressure above the dew point 
pressure favours re-vaporization. These results are in agreement with the 
findings reported by Aluko and Gringarten (2009). 
 
Fig. 4.43 and 4.44 represent the gas and oil densities during the pressure 
build up. The gas and oil densities increases and decreases respectively with 
increasing pressure. At the end of the build up, the oil density decreases to 
zero because the fluid is single-phase gas. A similar trend is observed for the 
gas and oil viscosities during a build up as shown in Fig. 4.45 and 4.46. 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.42: Condensate saturation profile for Fluid A showing re-vaporization 
with increasing shut-in time 
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Figure 4.43: Oil density profile showing decreasing oil density with increasing 
shut-in time for Fluid A 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.44: Gas density profile showing increasing gas density with 
increasing shut-in time for Fluid A 
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Figure 4.45: Oil viscosity profile showing decreasing oil viscosity with 
increasing shut-in time for Fluid A 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.46: Gas viscosity profile showing increasing gas viscosity for Fluid A 
with increasing shut-in time 
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Fig 4.47 shows the condensate saturation profile for Fluid B during the build 
up (BU6). As for Fluid A, the condensate saturation increases then decreases 
from the reservoir to the well as pressure increases. Total re-vaporization 
occurs only within 30ft from the well, whereas in Fluid A (rich gas) total re-
vaporization occurs in the entire reservoir at the end of the build up. This is 
because differences between gas and oil properties are slightly higher for the 
medium-rich fluid than for rich gas as described in section 4.5.3 of this report. 
The fluid in the near-wellbore region behaves as a near-critical fluid, whereas 
away from the well, the fluid still behaves as a gas condensate fluid. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.47: Condensate saturation profile showing condensate  re-
vaporization near wellbore with increasing shut-in time for Fluid B 
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difference in oil and gas properties correlates to high surface tension, which is 
un-favourable for miscibility.    
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.48: Condensate saturation profile for Fluid C with increasing shut-in 
time 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.49: Oil viscosity profile for Fluid C with increasing shut-in time 
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Figure 4.50: Gas viscosity profile for Fluid C with increasing shut-in time 
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lean gas-condensate fluid, which explains why re-vaporization occurs even at 
low production rates for rich gas condensate fluids.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.51: Condensate saturation profile for lean, medium-rich and rich gas 
condensate fluids at the end of BU2 and BU6 
 
4.6.1.3 Well Test Responses  
 
Pressure data generated by compositional simulation were used as input for 
determining well test analysis behaviours below the dew point pressure.  
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90%. The condensate bank stabilization is lowered when the capillary number 
is included and the gas relative permeability is equal to 3 mD, a reduction of 
70%. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.52: Rate normalized log-log plot of Fluid A, with and without capillary 
number  
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liquid saturation and an increase of the gas relative permeability (Gringarten 
et al., 2000). The increase in gas mobility near the wells is due to high 
capillary number, which is a result of low interfacial tension and high 
velocities. 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.53: Rate normalized log-log plot of Fluid B, with and without capillary 
number 
 
The well test behaviour in lean gas condensate fluid with and without capillary 
number is shown in Fig. 4.54. A three-region radial composite behaviour is 
only observed when capillary number is included if the gas rate is high enough 
for ‘velocity stripping’ to develop (Qg=30 MMScf/D instead of 10MMScf/D). 
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Figure 4.54: Rate normalized log-log plot of Fluid C, with and without capillary 
number 
 
4.6.1.4 Effect of production rate and time on the derivative response 
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4.38. Fig. 4.55 shows rate normalized derivative curves for different 
production rates and time for Fluid A (rich). At the low gas rate of 5MMScf/D, 
the pressure remains above the dew point pressure and the derivative exhibit 
a homogenous behaviour as there is no condensate drop-out in the reservoir. 
As gas rate increases to 10MMscf/D, early time stabilizations corresponding 
to the condensate bank are shifted upwards as production rate and time 
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response shows the skin increasing with production rate due to condensate 
accumulation near the wellbore, which increases with time. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.55: Rate normalized log-log plots showing the effects of increasing 
production rate and time for Fluid A 
 
The build ups which follow drawdowns at low and high rates were analyzed to 
verify the radial composite behaviour due to fluid heterogeneity and confirm 
the condensate banks sizes predicted by compositional simulation. The single 
-phase pseudo-pressure method was used to analyse pressure data using 2-
or 3 region radial composite models. The mobility ratios were estimated from 
the stabilizations on the derivative, and the storativity ratios were calculated 
using Aluko and Gringarten (2009) approximation method.  
 
The log-log plot (Fig. 4.56) shows the early radial flow stabilization 
corresponding to a condensate bank and the late time stabilization when 
pressure is above the dew point pressure as explained earlier. In summary, 
the interpretation model obtained is as follows: 
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 Middle time:  2-region radial composite model 
 Late time: Infinite Acting 
 
The model yields a good match on the log-log, Horner and simulation plots as 
shown in Fig 4.56.  
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Figure 4.56: Analysis of simulated well test data (Rich - fluid A) at low 
production rate (10MMscf/D) with a two-region composite model (Log -log 
match (a), Horner match (b), pressure history match (c)) 
 
Analysis of high rate drawdown is shown in Fig. 4.57. Similarly, good matches 
are obtained on the log-log, Horner and simulation plots with 2-region radial 
composite model at middle times. This work is consistent with earlier work by 
Aluko (2009). 
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Figure 4.57: Analysis of simulated well test data (Rich - fluid A) at high 
production rate (25MMScf/D) with a two-region composite model (Log -log 
match (a), Horner match (b), pressure history match (c)) 
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The analysis results of low rate and high rate drawdown is given in Table 4.4. 
The radius of the condensate bank compares with those obtained from 
condensate saturation profile (Fig. 4.39), where the bank sizes for low and 
high rates were 7ft and 180ft, respectively. The radial composite model 
confirms the fluid heterogeneity below the dew point pressure. 
 
Parameter Unit FP4 
Low rate 
FP10 
High rate 
Numerical 
Simulation 
Low rate 
Numerical 
Simulation 
High rate 
(pav)i psia 4250 4250   
kh mD.ft 1000 1000   
k2 mD 10 10   
Skin (w)  0.6 4.8   
Skin (t)  1.2 9.0   
R1 ft 6 175 7 180 
(pch)1/2  1.1 1.7   
(kh/µ)1/2  0.9 0.42   
 
Table 4.4: Fluid A (rich) analysis parameters  
 
 
Fig. 4.58 compares the drawdown (FP3) and build up (FP4) derivative 
responses for fluid A. The results confirm the responses obtained by Aluko 
and Gringarten (2009), which shows that they are mirror images of one 
another. Similar results were obtained in volatile oil reservoirs (Sanni et al., 
2008). At the beginning of the drawdown, there is no condensate in the 
reservoir as a result of complete re-vaporization during the preceding build up. 
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Figure 4.58: Rate normalized log-log plots showing the drawdown (DD3) and 
build up (BU4) for Fluid A 
 
The effect of reducing production rate was investigated as shown with the 
production schedule in Fig. 4.59. The effect of decreasing gas rate on the 
saturation and gas mobility were plotted on the derivative.  
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.59: Pressure and rate history for decreasing gas rate and duration, 
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Fig. 4.60 represents the rate normalized log-log derivatives for various 
production rates. The early time condensate bank stabilizations shift 
downwards with decreasing production rate. During initial drawdown (30 
MMscf/D), maximum condensate saturations are created. The saturation re-
vaporizes completely during subsequent build up, thus increasing the gas 
mobility. At the lowest gas rate, the pressure is above the dew point pressure 
and the derivative exhibits homogenous behaviour because all the 
condensate re-vaporized during shut in periods.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.60: Rate normalized log-log plots showing the effects of decreasing 
production rate and time for Fluid A 
 
Fig. 4.61 shows the effect of increasing production rates on the derivative 
curves for Fluid B. As the rate increases for the same drawdown duration, the 
derivative stabilisations corresponding to the condensate bank increase, 
correlating to the increases in near-wellbore condensate saturations as 
observed for Fluid A.  
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Figure 4.61: Rate normalized log-log plots showing the effects of increasing 
production rate and time for Fluid B 
 
Similar interpretation methods used in rich gas were applied in a medium-rich 
fluid. The difference in the interpretation is that this time, 3-region radial 
composite behaviour is applicable, which is consistent with the condensate 
saturation profiles (Fig. 4.43).  
 
 Early time: Vertical well with Wellbore Storage and Skin 
 Middle time:  3-region radial composite model 
 Late time: Infinite Acting 
 
Fig. 4.62 shows the interpretation model results for BU2 (FP4) derivative.  
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Figure 4.62: Analysis of simulated well test data (Medium-rich - fluid B) at low 
production rate (10MMscf/D) with a three-region composite model (Log -log 
match (a), Horner match (b), pressure history match (c)) 
 
 
The high rate case was also matched with the same interpretation models, 
obtaining good matches in all the plots as shown in Fig 4.63.  
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Figure 4.63: Analysis of simulated well test data (Medium-rich - fluid B) at high 
production rate (25MMscf/D) with a three-region composite model (Log -log 
match (a), Horner match (b), pressure history match (c)) 
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The comparison of all the analysed build ups is shown in Table 4.5. Good 
agreements are obtained between condensate banks sizes estimated from 
condensate saturation profiles with those obtained by analytical methods.  
 
Parameter Unit FP4 
Low Rate 
FP10 
High Rate 
Numerical 
Simulation 
Low Rate 
Numerical 
Simulation 
High Rate 
(pav)i psia 4400 4400 - - 
kh mD.ft 1000 1000 - - 
k3 mD 10 10 - - 
Skin (w)  0.9 6.1 - - 
Skin (t)  1.8 12.4 - - 
R1 ft 7 11 9 12 
(pch)1/2  8.9 3.9 - - 
(kh/µ)1/2  2.6 3.63 - - 
R2 ft 40 130 45 133 
(pch)2/3  1.5 8.43 - - 
(kh/µ)2/3  0.87 0.6 - - 
 
Table 4.5: Fluid B (medium-rich) analysis parameters  
 
Fig. 4.64 compares the drawdown and subsequent build up derivative 
behaviour for FP3 and FP4. The drawdown derivative shows early time 
stabilization due to the condensate bank. This is because at the end of the 
preceding build up (FP2), condensate revaporized only in a portion of the 
reservoir.  
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Figure 4.64: Rate normalized log-log plots showing the drawdown (DD3) and 
build up (BU4) for Fluid B 
 
Fig. 4.65 shows rate normalised derivatives of all the build ups corresponding 
to decreasing production rates. The gas mobility improves slightly with 
decreasing gas rate, as a result of some revaporization of condensate near 
the well during the build up. 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.65: Rate normalized log-log plots showing the effects of decreasing 
production rate and time for Fluid B 
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For lean gas condensate fluid, the well test behaviour shows similar 
derivatives shapes (for high rates) as observed for Fluid B as shown in Fig. 
4.66. The early time stabilization corresponding to capillary number effects 
and high condensate saturations is shifted upwards as more condensate 
accumulates in the reservoir. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.66: Rate normalized log-log plots showing the effects of increasing 
production rate and time for Fluid C 
 
The low rate drawdown was analysed with the following model:  
 Early time: Vertical well with Wellbore Storage and Skin 
 Middle time:  2-region Radial Composite model 
 Late time: Infinite Acting 
 
Only two stabilizations are seen because the condensate saturation and gas 
rate are not high enough for capillary number effects to be seen as explained 
earlier. Fig. 4.67 shows the interpretation model results for BU4 (FP4) 
derivative.  
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Figure 4.67: Analysis of simulated well test data (Lean – fluid C) at low 
production rate (10MMscf/D) with a two-region composite model (Log -log 
match (a), Horner match (b), pressure history match (c)) 
 
The high rate drawdown was analysed with the following model:  
 Early time: Vertical well with Wellbore Storage and Skin 
 Middle time:  3-region radial composite model 
 Late time: Infinite Acting 
 
Three stabilizations are observed because the condensate saturation and gas 
rate are now high enough for capillary number effects to be seen. Fig. 4.68 
shows the interpretation model results for BU6 (FP12) derivative.  
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Figure 4.68: Analysis of simulated well test data (Lean - fluid C) at high 
production rate (30MMscf/D) with a three-region composite model (Log -log 
match (a), Horner match (b), pressure history match (c)) 
 
 
The analysis parameters are shown in Table 4.6. Similar to Fluid A and B, 
condensate bank size radii are consistent with condensate saturation profiles. 
 
Parameter Unit FP4 
Low Rate 
FP12 
High Rate 
Numerical 
Simulation 
Low Rate 
Numerical 
Simulation 
High Rate 
(pav)i psia 3800 3800 - - 
kh mD.ft 1000 1000 - - 
k2/3 mD 10 10 - - 
Skin (w)  1.5 3.1 - - 
Skin (t)  2.1 7.2 - - 
R1 ft 6 60 5 62 
(pch)1/2  1.1 1.4 - - 
(kh/µ)1/2  0.93 0.8 - - 
R2 ft - 63 - 66 
(pch)2/3  - 1.1 - - 
(kh/µ)2/3  - 0.78 - - 
                               Table 4.6: Fluid C (lean) Analysis Parameters  
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The gas mobility decreases slightly with decreasing production rate as shown 
in Fig. 4.69. This is consistent with the slight increase in condensate during 
the subsequent build ups, which are very similar to drawdowns as shown by 
Bozorgzadeh and Gringarten (2004). 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.69: Rate normalized log-log plots showing the effects of decreasing 
production rate and time for Fluid C 
 
Fig 4.70 compares the drawdown and subsequent build up for lean fluid. The 
drawdown show early time stabilization due to the condensate bank created in 
DD2 and remained the same during subsequent build up (BU2). At late times, 
a slightly higher stabilization is observed corresponding to the condensate 
bank, but at a slightly higher level due to increasing production rate. 
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Figure 4.70: Rate normalized log-log plots showing the drawdown (DD3) and 
build up (BU4) for Fluid C 
 
 
4.6.2 Effect of Reservoir Permeability-thickness product 
 
The effect of reservoir permeability on condensate saturation behaviour during 
drawdown and build up was studied for volatile oil, rich (Fluid A), medium-rich 
(Fluid B) and lean (Fluid C) gas condensate fluids. The volatile oil fluid model 
(Sanni 2008) from fluids samples from a Western Siberia volatile oil reservoir 
was used. Eilerts et al., (1965) indicated that the higher the formation 
permeability, the lower the reduction in gas recovery. Their model did not 
include capillary number. Takeda et al., (1997) showed that pressure 
depletion is faster and condensate drop out is higher around the well in a low 
permeability reservoir than a high permeability reservoir for the same 
production schedule. Based on their study of various gas condensate 
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reservoirs, Barnum et al., (1995) suggested that the reduction of gas 
production only affect reservoirs with kh less than 1000 mD.ft.  
 
In this study, the permeability-thickness kh was divided into low (700 mD.ft), 
medium (1000 mD.ft) and high (2000 mD.ft). The production schedule used in 
simulations is the one shown in Fig. 4.38. Fig. 4.71 shows the condensate 
saturation profile for Fluid A for different kh values at the end of DD5 and BU5. 
During the drawdown, condensate saturation is greater in low permeability 
reservoir because pressure drop is larger in low kh reservoirs than in medium 
and high kh reservoirs as shown in Fig. 4.72. Contrary to Barnum et al’s 
conclusion, a condensate bank is created even in high kh reservoir with rich 
gas condensate fluid if the rate is high enough. During the build up BU5, the 
condensate re-vaporizes for all cases studied as discussed in Section 4.6.1.2. 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.71: Condensate saturation for different kh for Fluid A at the end of DD5 
and BU5 
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Figure 4.72: Pressure profile for different kh for Fluid A 
 
The condensate saturation profile for Fluid B at the end of DD5 and BU5 is 
shown in Fig. 4.73. During the drawdown in the low kh reservoir (700mD.ft), 
there is a drop in near-wellbore condensate saturation due to re-vaporization 
as the pressure drops below the re-vaporization threshold pressure, as 
discussed in Section 4.6.1.2. During the build up, the condensate saturation 
increases at the end of the condensate bank but disappears through re-
vaporization near the well as pressure increases above the dew point 
pressure. In the medium kh reservoir, on the other hand, the condensate 
saturation in the build up increases in the condensate bank as the pressure   
increass, and no re-vaporization occurs. In the high kh case, the condensate 
saturation profiles at the end of the drawdown and in the build up are very 
similar, as with lean gas condensate fluid. This behaviour, and that in the 
medium kh case, occurs because of the small pressure drop, which induces 
slow changes in heavy component composition. Consequently, the fluid 
remains a gas condensate instead of becoming near-critical. The oil and gas 
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properties are very different, which prevents miscibility as pressure rises 
above the dew point pressure.  
 
The condensate saturation profile for Fluid C (lean) is shown in Fig. 4.74. The 
condensate saturation at the end of the drawdown and build up are very 
similar. As permeability-thickness decreases, the difference in saturations at 
the end of the drawdown and in the build up increases slightly. 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.73: Condensate saturation for different kh for Fluid B at the end of DD5 
and BU5 showing increasing condensate bank size with decreasing kh during a 
drawdown 
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Figure 4.74: Condensate saturation for different kh for Fluid C at the end of DD5 
and BU5 showing increasing condensate saturation with decreasing kh during 
a drawdown 
 
Fig. 4.75 represents the gas saturation for the volatile oil for different kh at the 
end of the drawdown and in subsequent build up.  The oil rate was increased 
from 1000bbls/d to 3500bbls/d. The gas saturations below the bubble point 
pressure are high in the low kh reservoir because of the large pressure drop. 
During the build up, the increasing pressure causes the oil and gas properties 
to change, the gas saturation is reduced and the condensate subsequently re-
dissolves into the oil (Sanni and Gringarten 2008). 
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Figure 4.75: Gas saturation for different kh for volatile oil at the end of DD5 and 
BU5 
 
Fig. 4.76 compares the build up oil saturation behaviour for lean, medium-rich 
and rich gas condensate fluids as a function of the radial distance away from 
the well for different combinations of fluid richness and kh values. The 
behaviour of volatile oil during a build up is similar to that for rich gas, with the 
gas dissolving in oil above the bubble point pressure for all permeability 
environments. The time at which re-vaporization occurs is a function of 
pressure drop near the well. The larger the pressure drop (low permeability), 
the faster the rate of change of phase composition to that of a near-critical 
fluid, which re-vaporizes during a build up. 
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Figure 4.76: Condensate saturation for different reservoir kh for lean, medium-
rich and rich gas condensate fluids at the end of DD5 and BU5 
 
 
4.7 Examples of medium-rich gas condensate well test 
behaviours 
 
To verify the well test behaviours of medium-rich to rich gas condensate fluids 
below the dew point pressure described above, actual pressure data from two 
wells, 1 and 2, were interpreted, by conventional analysis techniques, and 
analysis results were verified with compositional simulation. The reservoir 
fluids in wells 1 and 2 are classified as medium-rich to rich gas condensate, 
with CGR ranging from 70 to 110 bbls/MMscf. 
 
Wells 1 and 2 are located in the Bredasdorp Basin, offshore South Africa. The 
Bredasdorp basin is divided into a syn-rift interval (Late Jurassic to Early 
Cretaceous), and a post-rift or drift interval (Early Cretaceous-Tertiary) which 
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was deposited as the Falklands block separated from Africa and the Atlantic 
Ocean opened.  
 
The base of the drift sequence is marked by the drift-onset unconformity 
(1At1). Widespread tectonically enhanced erosion of the syn-rift succession, 
including the gas-bearing Upper Shallow Marine (USM) sands, occurred 
beneath this unconformity. The sandstones are more channelized with 
potentially disconnected sandstone reservoirs, whereas the upper units are 
more amalgamated channels and sheet like sandstones. 
 
Rates in both wells were measured continuously with downhole multi-phase 
flow meters and required processing to reduce the rate history into a 
manageable number of flow periods. The start and end points of each flow 
period were identified from the pressure history plot and the rated validated  
with a rate-normalized pressure derivative versus time log-log plot.  
 
Deconvolution is a process in which the pressure response for a constant rate 
production can be computed from the measured pressure response due to the 
actual (multi-rate) flow history. Deconvolution increases the amount of 
information that can be obtained from well test compared with conventional 
analysis by accessing the radius of investigation of the test instead of that of a 
particular flow period.  
 
Deconvolution is based on the following convolution integral that defines the 
bottomhole pressure during a variable-rate test (Duhamel’s principle): 
 
  t ui ddttdpqtpptp 0
)(
)()()(       (4.8) 
 
In Eq. 4.8, q(t) is the well rate, p(t) is the bottomhole pressure, pi is the initial 
reservoir pressure and pu(t) is the pressure response to constant unit rate 
production assuming that at the beginning of production the reservoir is in 
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equilibrium and the pressure is uniform throughout the reservoir. Eq. 4.8 is the 
superposition principle, which is valid only for linear systems.  
 
Deconvolution reconstructs a constant rate drawdown pressure response pu(t) 
with the initial reservoir pressure pi from the pressure and rate data p(t), q(t) 
obtained during a variable-rate well test. This amounts to solving Eq. 4.5 for 
pu(t) and pi given p(t) and q(t) from well test. Von Schroeter et al., (2001) 
proposed an algorithm based on Total Least Squares, which accounts for 
errors in both pressure and rate and controls the smoothness of the resulting 
deconvolved derivative. They replaced the derivative itself by its logarithm, 
thus avoiding any explicit constraints. However, this makes the problem non-
linear. The Von Schroeter et al., (2001) deconvolution algorithm estimates 
both rates and rate-normalised derivative by minimising an error measure, E, 
which is a weighted combination of a pressure match,  a rate match, and a 
penalty term based on the overall curvature of the graphed derivative, whose 
purpose is to enforce derivative smoothness (Eq. 4.9): 
      2
2
2
2
2
2
kDzqypgypE i   (4.9) 
 
In Eq. 4.9, p and q are the measured pressure and rate data, respectively; pi 
is the initial pressure at the start of the rate history, which can be an input into 
or an output from deconvolution; 2
2
kzD    is the curvature measure; ν and λ 
are weights for the rate match and the curvature, normalized to the weight for 
the pressure match; y is the adapted rate; and g is the derivative of the 
pressure with respect to time. Both y and g are outputs of deconvolution.  
Deconvolution is in principle only valid for linear systems, i.e. reservoirs with a 
slightly compressible fluid. In practice, deconvolution can be used with 
pseudo-pressures in the case of gas or multiphase flow.  
 
Deconvolution was used to determine boundaries, verify the shape of the 
derivative plots and adjust rates where applicable. Fig 4.77 describes the 
methodology followed for Deconvolution.  
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Figure 4.77: Deconvolution algorithm (Gringarten, 2010) 
 
4.7.1 Well Test Analysis of Well 1 
 
Well 1 is a vertical well drilled to 2990m. The well intersected 3 sandstone 
units. Fig. 4.78 shows the petrophysical log of well 1. The well was completed 
with a 9-5/8” casing. No cores were cut within the interval of interest; however, 
a core was cut in the appraisal well.  
 
The well was perforated from 2858 to 2880 mbKB. An attempt was made to 
obtain RFT points during drilling but this was not successful. The average 
water saturation and porosity are 30% and 10% respectively. The sandstone 
of interest is fairly clean with 85% sandstone and 15% clay.  
 
The well was open to flow in May 2007. The initial test consisted of a clean up 
and a build up. A permanent down-hole gauge was located at 2555 mbKB, 
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350 m above the perforations. The initial pressure recorded at gauge depth 
was 3954 psia. It is slightly above the dew point pressure, which was 
estimated at 3930 from PVT analysis. The flowing bottomhole pressure was 
below the dew point pressure. The well was shut-in after clean-up in order to 
connect flowlines.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.78: Well 1 petrophysical log 
 
4.7.1.1 Data 
 
The DST consisted of a clean-up period and a build up, then the well was 
shut-in for a period of 4 months before being re-opened in September 2007. 
The well was initially opened at maximum choke to clean up. The well was 
chocked back during sampling in order to obtain representative samples. Fig. 
4.79 shows the pressure and rate data during clean-up phase. The well was 
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then shut in for the final build up (FP9). The well tested initial gas and 
condensate rates of 18.4 MMScf/d and 1600 bbls/d respectively.  
 
Fig. 4.80 shows the production data from September 2007 to May 2009. 
Production rate declined sharply from a gas rate of 17 MMScf/d to 8 MMscf/d 
over a period of 2 months. The well productivity continued to decline to 
production rates of 4 MMscf/d. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.79: Well 1 pressure and rate histories of DST 
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Figure 4.80: Well 1 pressure and rate histories of production and DST 
 
The initial reservoir pressure was estimated at 3940 psia at the gauge depth 
of 2555 mbKB from the initial build up period by extrapolating the Horner Plot 
to infinity (Fig. 4.81). The DST and production pressure data in Fig. 4.80 are 
corrected to a mid-perforation depth of 2869 mbKB. The correction was +53 
psi using a gas gradient of 0.15 psi/ft. The initial reservoir pressure calculated 
at mid-perforation is 3989 psia. 
    
The completion and formation parameters of well 1 are given in Table 4.7.  
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Parameter Value Unit 
Casing Size 9 - 5/8 inch 
Perforation Type 5” TCP at 12 shots per foot  
Tubing Size 4-1/2 inch 
Well radius 0.362 ft 
Formation thickness 72 ft 
Porosity 10 % 
Rock Compressibility 3.84 x10-6 1/psi 
Water Saturation 30 % 
Water Compressibility 3.0 x10-6 1/psi 
Initial Pressure 3989 @2869 mBKB psia 
 
Table 4.7: Well 1 completion and formation parameters  
 
PVT parameters were obtained from the PVT analysis of the samples taken 
during the DST. Table 4.8 summarizes the PVT results. The viscosity was 
calculated from the correlation of Lorentz et al., (1964). The detailed EOS 
development for the fluid samples obtained in this well are described in 
section 4.7.2.2. The EOS parameters are shown in Appendix A. 
 
 
 
 
 
 
 
 
 
 
 
 
 
Table 4.8: Well 1 PVT data 
 
 
Parameter Value Unit 
Gas Compressibility 1.79 x10-4 1/psi 
Reservoir Temperature 248 oF 
Standard Temperature 60 oF 
Standard Pressure 14.7 psia 
Gas Gravity 0.79 cP 
Gas Viscosity 0.0244 cP 
Condensate Gravity 55 oAPI 
Expansion Factor 224  
CO2 Composition 3.79 % 
H2S Composition 0 % 
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4.7.1.2 Model Identification and Analysis 
 
In order to obtain reservoir parameters and investigate the effects of 
production time and fluid behaviour on near wellbore effects, DST and 
production tests were combined as single test and the entire pressure and 
rate history was analyzed. 
 
The start and end points of each flow period were identified from the pressure 
history plot. A total of 263 flow periods was obtained. A rate normalized log-
log plot of pressure and derivative data for the main build ups is shown in Fig. 
4.81.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.81: Rate normalised log-log plot of well 1 useable build ups 
 
A rate normalized log-log graph was used to validate the rates. The rate 
normalized log-log plot (Fig. 4.81) clearly shows that the rates are reasonably 
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behaviour as shown in Fig. 4.81. In BU9 the final derivative stabilization has 
been reached due to the duration of the test. In order to verify phase 
redistribution effects, the build up period, BU167 is plotted with DD166 in Fig. 
4.82. The drawdown period shows phase redistribution and liquid re-injection 
of the liquid cushion. The liquid re-injection effects are seen as a discontinuity 
on the drawdown derivative of FP166 at middle times. In addition, a negative 
half slope at middle times on the build up is evident, corresponding to partial 
penetration due to blockage of some perforations by the liquid cushion. The 
final stabilizations of all production build ups in Fig. 4.82 are above the radial 
flow stabilization line indicating that the condensate bank has grown into the 
entire reservoir and merges with boundaries. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.82: Flow period 166 and 167 log-log plots 
 
Figure 4.83 shows the superposition plots of the build ups. It can be seen that 
there is pressure depletion, indicating the presence of boundaries.  
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Figure 4.83: Superposition plots of well 1 build ups 
 
In summary, the following features could be inferred from the log-log and 
superposition plots: 
  
1) DST build up (FP 9) shows evidence of wellbore storage (unit slope) 
and skin at early times. All the subsequent build ups obtained during 
production show increasing wellbore storage effects.  
2) The condensate bank stabilization can be seen in all the DST and 
production build ups. This indicates that pressure was below the dew 
point pressure. The first stabilization, corresponding to improved 
mobility near wellbore due to an increase in gas relative permeability is 
seen in all the production build ups. The zone of improved mobility is 
probably due to high condensate saturations and capillary number 
effects based on earlier simulation work. This is as predicted by Fig. 
4.11. 
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3) The subsequent production build ups (FP167, 171, 245) show that the 
skin factor increases with production time. The build ups indicate a high 
skin value, which suggests that condensate banking contributes 
significantly to the total skin. 
4) The radial flow stabilization, corresponding to effective reservoir 
permeability is seen on the derivative log-log plots of 167BU, 171BU, 
245BU and 248BU. The stabilization is not at the same level and is 
shifted upwards in all subsequent build ups because the condensate 
bank has expanded into the entire reservoir. 
 
The next step was to use deconvolution to assist in determining any other 
features, which may not be feasible in individual build ups because of their 
limited duration. Pressure data were winnowed to 10000 data points in order 
to decrease the run time of the deconvolution process.   
 
Fig. 4.84 shows unit rate normalized deconvolved derivatives for build ups 9, 
167, 245 and 248 with the corresponding conventional derivatives. The 
deconvolved derivative of FP9 follows the trend of the normalised derivative of 
FP9 and stabilizes at late times. The subsequent build ups (FP167, 245 and 
248) derivatives indicate the presence of boundaries at late times. This is 
consistent with the normalized conventional derivative of FP248. The 
deconvolved derivatives show similar trends at late times, indicating the 
existence of a channel (i.e. 2 parallel faults) closed on one side (open 
rectangle).  
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Figure 4.84: Deconvolved derivatives of useable build ups 
 
To verify the quality of the deconvolved derivatives, the pseudo-pressures 
convolved from the deconvolved derivatives were compared with measured 
pressure data. Fig. 4.85 shows a good match between the two. The adapted 
rates were compared with measured rates as shown in Figure 4.86. Adapted 
rates do not show a good match with initial production rates. This is possibly 
because multi-phase meters were calibrated with initial PVT data taken during 
the clean-up phase, which subsequently changed during production, thus 
causing the meters to show wrong readings. The rate match improved after 
6000 hrs of production because the meters were re-calibrated. The match 
deteriorates again after 10000 hours of production, which could possibly be 
due to liquid in the wellbore due to low gas production, which causes phase 
redistribution.  
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Figure 4.85: Comparison of pseudo-pressure and convolved pseudo-pressures 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.86: Comparison of measured and adapted rates 
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The unit-rate pressure drawdown from the deconvolved derivative 
corresponding to FP 248 was calculated and analysed in order to obtain an 
interpretation model. Fig. 4.87 shows the characteristic flow regimes on the 
log-log plot of normalised pseudo-pressures and derivatives. The log-log plot 
shows the initial unit slope log-log straight line due to wellbore storage, the 
early radial flow stabilization corresponding to condensate bank. The late time 
effect corresponds to open rectangle boundaries (half-unit slope, followed by 
unit slope and half-unit slope).  
 
The storativity ratio was approximated using Aluko and Gringarten (2009) 
approximation: 
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where  ct1  : region 1 compressibility 
 ct2  : region 2 compressibility 
 p1  : flowing bottomhole pressure at shut-in (psia) 
 p2  : average reservoir pressure (psia) 
 (Bo)dew: oil formation volume factor at the dew point  
 (Bo)1  : oil formation volume factor at the pressure p1 
 Ca  : correction factor dependent on reservoir and fluid properties 
 
The storativity ratios for different flow periods are given in Table 4.9. 
 
Flow Period p1 (psia) p2 (psia) (Bo)dew (Bo)1 2/1][ hct  
9 2600 3989 2.22 1.37 2.43 
248 800 3234 2.22 1.17 5.2 
 
Table 4.9: Storativity ratios for different flow periods for well 1 
 
Fig. 4.88 shows the interpretation model results for the unit-rate drawdown 
convolved from deconvolved derivative at initial pressure of 3989 psia. The 
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model yields a good match on the log-log, Horner and simulation plots. The 
interpretation model obtained is that of wellbore storage and skin, 2-region 
composite behaviour and open rectangle boundaries. The 2-region radial 
composite model was selected because wellbore storage increased with 
production time, which subsequently masked the third stabilization due to 
capillary number effects. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.87: Unit-rate drawdown convolved from deconvolved derivative 
analysis (FP 248) 
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Figure 4.88: Unit-rate drawdown convolved from deconvolved derivative 
analysis – log-log and horner match (FP 248) 
 
The adapted rates and measured pressure data were then analysed in 
InterpretTM with the interpretation model of Fig. 4.88. The reservoir parameters 
from Fig. 4.88 were used as the initial guess for the interpretation of actual 
test data.  
 
Figs. 4.89 to 4.91 show the log-log, Horner and simulation plots. The 2-zone 
radial composite model was also matched on the pressure history and very 
good matches were obtained on the log-log, Horner and pressure history 
matches. This is consistent with the fact that the condensate bank has 
developed in the reservoir as the pressure is below the dew point pressure. A 
summary of analysis results is given in Table 4.10. 
 
Model
Wellbore Storage and Skin (C and S)
Radial Composite
Open Ended Rectangle
Results
(pav)i 3986.863  psia
pwf 3184.743  psia
(kh/u)2 17802 mD.ft/cp
(k2/u2)t 310.1     mD/cp
k2 gas 7.600     mD
C1 9.2977E+006 bbl/psi
C2 0.04188   bbl/psi
Alpha 2.070     hrs
Dp(C) -1644.922 psi
S(w) 19.38     
S(t) 74.83     
r1 198       ft
(pch)1/2 5.200     
(kh/u)1/2 0.3168    
d1 650 ft
d2 2200 ft
d3 645.273 ft
Type d1 No Flow
Type d2 No Flow
Type d3 No Flow
Dinv 12995     ft
Dp(S) 402.1     psi
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Figure 4.89: FP 248 analysis with adapted rates log-log match  
 
 
Figure 4.90: FP 248 analysis with adapted rates Horner match  
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Figure 4.91: FP 248 analysis with adapted rates simulation match  
 
Parameter Unit FP9 
Clean-up 
FP248 
Production 
(pav)i psia 3989 3989 
kh mD.ft 540 540 
k2 mD 7.6 7.6 
C bbl/psi 0.09200 0.3422 
Skin (w)  7.52 18.7 
Skin (t)  20.80 62.5 
R1 ft 10 180 
(pch)1/2  2.43 5.2 
(kh/µ)1/2  0.45 0.36 
D1 ft 670 650 
D2 ft 2100 2200 
D3 ft 680 660 
Di ft 530 2329 
DP (S) psia 947.7 2002 
 
Table 4.10:  Well 1 analysis results 
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Analysis of FP9 is shown in Appendix D of this report. 
 
4.7.1.3 Summary of Well 1 Pressure Transient Analysis 
 
Based on the analysis of pressure data of well 1, the following could be 
concluded: 
 The radial flow stabilization corresponding to decreased gas mobility 
due to condensate bank is apparent on all the derivative plots.  
 The zone of improved mobility is seen in some of the build ups and this 
is because of velocity stripping effects. 
 Phase redistribution and liquid re-injection effects dominate the test in 
most drawdown periods especially when the gas rate is low.  
 As the bank grows into the entire section of the reservoir, the late time 
stabilization is no longer seen due to boundary effects.  
 The size of the bank varies from 10 to 180ft and the range of total skin 
is from 17 to 63. 
 
 
4.7.2 Compositional Simulation of well 1 
 
Conventional analysis provides a snapshot of the state of the well at the time 
of the analysed flow periods. In gas condensate reservoirs, it is necessary to 
verify the existence of the condensate bank with compositional simulation. 
Compositional simulation takes into account changes in the composition of the 
reservoir fluids with duration. Such a simulation also allows predicting the well 
future behaviour. Earlier in this chapter, numerical simulations were presented 
to develop theoretical understanding of various derivative shapes in low 
permeability, medium-rich gas condensate reservoirs. Analytical solutions 
were used to verify theoretical findings (section 4.7.1). In this section, 
compositional simulation is used to verify the results of analytical 
interpretations. The conventional well test analysis results are used as inputs 
to the compositional model. 
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4.7.2.1 Model Set-up 
 
A single vertical well model was set-up consisting of 35x35x9 grid blocks. 
Cartesian grids were used to simulate a single layer homogeneous reservoir 
of 71 ft thickness. The reservoir extent was obtained from the actual well test 
analysis discussed in Section 4.7.1. The layer porosity was obtained from 
wireline log analysis. The size of the grid blocks was very small near the 
wellbore to accurately simulate the gas-condensate behaviour near the 
wellbore. The size of the grids is given in Table 4.11. In order to capture fluid 
behaviour around the well, very small time steps were used. The basic 
reservoir rock and fluid properties are given in Table 4.12.   
  
I DX (ft) I DX (ft) J DY (ft) J DY (ft) K DZ(ft) 
1 3200 22 35 1 4096 22 0.8 1 7.89 
2 1600 23 35 2 2048 23 1 2 7.89 
3 800 24 35 3 1024 24 2 3 7.89 
4 400 25 35 4 512 25 4 4 7.89 
5 200 26 35 5 256 26 8 5 7.89 
6 100 27 35 6 128 27 16 6 7.89 
7 50 28 35 7 64 28 32 7 7.89 
8 35 29 50 8 32 29 64 8 7.89 
9 35 30 100 9 16 30 128 9 7.89 
10 35 31 200 10 8 31 256   
11 35 32 400 11 4 32 512   
12 35 33 800 12 2 33 1024   
13 35 34 1600 13 1 34 2048   
14 35 35 3200 14 0.8 35 4096   
15 35   15 0.4     
16 35   16 0.2     
17 35   17 0.1     
18 35   18 1     
19 35   19 0.1     
20 35   20 0.2     
21 35   21 0.4     
Table 4.11: Grid block sizes for well 1 
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The model was initialized with a pressure of 3989 psia at the mid-perforations. 
The reservoir was considered to be an open rectangle as seen from well test 
analysis. The model configuration for simulated well 1 is shown in Fig. 4.92 
with faults (F1, F2 and F3) included. The entire production history including 
the DST data was used as shown in Fig. 4.80. 
 
 
  Figure 4.92: The model configuration for well 1 
 
Characteristic Value 
Porosity (%) 10.5 
Horizontal Permeability (mD) 7.6 
Vertical Permeability (mD) 0.76 
Net to Gross (fraction) 1 
Connate Water Saturation (%) 30 
Wellbore Radius (in) 0.354 
Initial Reservoir Pressure (psia) 3989 
D1 (ft) 650 
D2 (ft) 2200 
D3 (ft) 660 
 
  Table 4.12: Basic initial simulation input data 
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4.7.2.2 PVT Data 
 
The PVT data used in the model were based on the gas-condensate 
representative samples collected from well 1. The PVTi package from 
Schlumberger was used to simulate the experiments in order to generate the 
fluid properties. The modified three parameter Peng-Robinson Equation of 
State was used to generate the full range of PVT properties. The Peng-
Robinson equation of state was used to simulate laboratory experiments such 
as constant composition expansion (CCE) and constant volume depletion 
(CVD).  
 
The EOS parameters were adjusted by regressing on the critical properties of 
the C7+ components and the acentric factor of light components by varying 
binary interaction coefficient between light and heavy components to match 
the laboratory observed saturation pressure. A good match between the 
calculated and measured dew point pressure is required in order to simulate 
laboratory experiments. The CVD experiment is of greater importance to gas 
condensate systems than the CCE experiment. Therefore, it was important 
that an accurate match on the CVD experiment was obtained. The detailed 
methodology of EOS development is described in chapter 3 of this report. 
Figs. 4.93 to 4.96 show the match on CVD, CCE, vapour z-factor and vapour 
viscosity. It can be seen that an excellent match was obtained on the CVD 
and CCE liquid-dropout experiments. Similar good matches are obtained on 
the gas z-factor and viscosity. The matched dew point pressure was within 5% 
tolerance with measured dew point of 3930 psia, which is very close to 
simulated dew point pressure of 3969 psia. The EOS parameters are shown 
in Appendix A. 
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Figure 4.93: CCE Vapour z-factor match of well 1 
 
 
Figure 4.94: CCE liquid saturation match of well 1 showing a good match 
between experimental data and EOS match 
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Figure 4.95: CVD liquid saturation match of well 1 showing a good match 
between experimental data and EOS match 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.96: CVD vapour viscosity match of well 1 showing a good match 
between experimental data and EOS match 
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The matched EOS was used as an input file for the compositional simulation. 
The file included appropriate EOS, the critical properties of the fluid 
components and equilibrium compositions.  
 
4.7.2.3 Relative Permeability and Capillary Number 
 
The gas/oil relative permeability data are calculated using Corey Equations. 
The relevant equations are described in section 4.2.3. The base model used a 
critical condensate saturation of 10%, and exponents of 3.9. Fig. 4.97 shows 
the relative permeability curves with the crossover point of 5%. 
 
As discussed previously, the gas condensate relative permeability near the 
wellbore, where velocity is highest, increases and can be correlated with the 
capillary number. The capillary number effect was included into the model. 
The maximum range of capillary number in all simulated wells was between 
10-6 and 10-1. This effect straightens the relative permeability curve and 
decreases the critical saturation of the condensate for near wellbore 
gridblocks to account for velocity stripping. The velocity-dependent relative 
permeability model in E300, using parameters which have been developed by 
comparison with laboratory measurements was applied as shown in the Table 
4.13. 
 
Parameter Default Values E30 Simulation Well 1 
NCB 1x10-6 1x10-5 
mo 80 80 
mg 24 24 
n1o 24 24 
n1g 6 10 
n2o 0 0 
n2g 0 0 
a 0.005 0.005 
b 0.5 0.5 
c 0.5 0.5 
d 5.5 5.5 
 
Table 4.13: Capillary model parameters used in the simulation model to history 
match well 1 
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The model was run with the capillary number model and non-Darcy model.  
Inertial or non-Darcy flow may also affect flow of gas condensate wells. 
Productivity in high gas rate wells is reduced significantly by non-Darcy flow 
and is characterised by the non-Darcy flow coefficient β. The model selected 
in the simulation model used the Geetsma correlation to calculate the β using 
the default parameters in Table 4.13. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.97: Gas and oil relative permeabilities of well 1 
 
4.7.2.4 History match of well test data 
 
The scheduling data developed in the simulation consisted of the rate history. 
The model was then run to identify appropriate sensitivities to be performed. 
The simulated pressure history was compared with actual data. In order to 
match the build up periods, permeabilities from conventional well test analysis 
were used. If a good match was obtained on the build ups then it was 
assumed that conventional well test parameters are correct. In order to match 
the drawdown data, n1g was varied. Earlier, the sensitivity analysis was done 
on rich fluids by varying Ncb, n1g and n2g parameters. It was shown that n1g 
Crossover Point = 5%
KrgKrokro krg
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affects drawdown periods, whilst Ncb parameter affects build up data. Fig. 4.98 
shows the simulated pressure response and actual pressure data. The gas 
and oil rates were specified as an input in the simulation model. A good match 
was obtained with Ncb of 1x10-5  and n1g of 10. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.98: Comparison of measured and simulated bottomhole pressure 
 
Once the bottomhole pressure was matched, the simulated pressure 
response was analyzed. The derivative response obtained was compared to 
measured data. Fig. 4.99 and 4.100 show calculated derivative of FP9 and 
248 compared with measured data. It can be seen that a very good match is 
obtained. This confirms the well test interpretation model obtained in section 
4.7.1.  
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Figure 4.99: Log-log matches of compositional simulation and measured data 
(FP9) 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.100: Log-log matches of compositional simulation and measured data 
(FP248) 
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The radius of the condensate bank at different production times was 
determined by plotting the condensate saturation profile from simulation. Fig. 
4.101 shows the condensate saturation profiles at different times during clean 
up. The condensate saturation increases towards the well during the clean-up 
drawdown (FP8). The zone of moveable condensate is 10 ft away from the 
wellbore. The maximum condensate saturation reached is 25%. During the 
build up, condensate saturation increases towards the well and closer to the 
wellbore, in the moveable phase, the saturation is higher than at the end of 
preceding drawdown. The condensate saturation increases as pressure 
increases because the fluid behaves as near critical fluid as the reservoir fluid 
becomes heavier. 
 
Fig. 4.102 shows the condensate profile in the y-direction during production. 
The blue curve shows condensate saturation at the end of drawdown 247. It 
can be seen that condensate saturation also increases gradually towards the 
wellbore. The zone of moveable oil is 180 ft, more than ten times greater than 
that seen during clean up phase. The condensate saturation increases to 30% 
and then starts to decrease near the well. The zone of improved mobility is 
due to high condensate saturations and capillary number effects. During the 
build up, condensate saturation increases to 65% and is much higher than 
that seen during the preceding drawdown (FP247). This confirms that the fluid 
is behaving as a near-critical fluid near the wellbore. As in the clean up phase, 
re-vaporization does not occur because the pressure does not increase above 
the dew point pressure. The condensate saturation profiles during drawdowns 
and build ups are consistent with the numerical simulation findings in sections 
4.5.1 and 4.6.1.2. The condensate bank during the clean was 12 ft compares 
well with well test analysis condensate bank size of 10ft. Similarly for 
production data, the bank size from numerical simulation (177ft) is similar to 
well test analysis bank size of 180ft.  
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Figure 4.101: Condensate saturation profile of clean-up data 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.102: Condensate saturation profile of production data 
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4.7.2.5 Summary 
 
The following could be concluded: 
 
 A good match was obtained between simulated and measured 
pressures, implying that reservoir parameters obtained from well test 
analysis are consistent. 
 Capillary number effects must be included in order to match pressure 
data. 
 The condensate saturation profiles confirmed the zone of improved 
mobility due to capillary number effects. This is also consistent with an 
increase in condensate saturation during build up periods, which is due 
to the fluid becoming near-critical. 
 The radius of the condensate bank determined from well test analysis 
compares well with that obtained from compositional simulation. 
 
 
4.7.3 Well Test Analysis of Well 2  
 
4.7.3.1 Data 
 
Well 2 is a vertical well in a sandstone reservoir. The well was drilled to a total 
depth of 2979 mbKB. A 9-5/8” casing was run and cemented. The well 
intersected 3 sandstone units, 12A and two 10A sandstones. All the 
sandstones are gas charged but not in hydraulic communication. Fig. 4.103 
shows the petrophysical log of Well 2 upper 10A. The upper 10A sandstone 
(2894 to 2907 mbKB) was completed. 
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Figure 4.103: Well 2 Upper 10A log 
 
The average water saturation and porosity are 30% and 10% respectively. 
There was a core sample taken in the appraisal well, 150km away from the 
production well. The core-derived permeability from the appraisal well was 
very low (approx 2-5 mD).  
 
The interval 2894-2907 mbKB was tested in October 2006. The DST (Fig. 
4.104) and production pressure (Fig. 4.105) were measured at gauge depth of 
2857 mbKB. The test consisted of clean up followed by a build up as shown in 
Fig. 4.104. The well was produced at an average rate of 7 MMscf/D of gas 
and 700 STB/D of condensate. The initial reservoir pressure recorded at 
gauge depth was at 4315 psia. A pressure correction of 35 psia was added to 
measured pressure in order to correct for datum depth.  
 
 
2894 
2907 
4354.45
4357.75
  
 - 153 - 
The well first went on production in September 2007. The flowing bottomhole 
pressure is below the dew point pressure, which was estimated at 4189 psia 
from PVT analysis. The first production test was performed in January 2008. 
The test consisted of build up and multi-rate test. The flowing bottomhole 
pressure during the drawdowns and build ups were below the dew-point 
pressure. There are several build ups, which occurred during production. The 
pressure and rate histories of the well are displayed in Fig. 4.105.   
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.104: Well 2 clean up pressure and rate histories 
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Figure 4.105: Well 2 production and clean up pressure and rate data 
 
PVT studies were based on well 2 samples, which were obtained during the 
clean-up phase. Table A3 in Appendix A shows the results of the 
compositional analysis of the reservoir fluid (Fluid B). The fluid properties 
used in the well test analysis are given in Table 4.14. The Lorentz et al., 
(1964) correlation was used for the calculation of properties that were not 
available, such as oil viscosity. 
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Parameter Value 
Reservoir Pressure (psia) 4350@2550mbKB 
Reservoir Temperature (oF) 262 
Gas Gradient (psi/ft) 0.14 
Gas Gravity 0.73 
Gas Compressibility (psi-1) 2.27 x 10-4 
Gas FVF (ft3/scf) 0.00512 
CO2 Composition (%) 3.43 
H2S Composition (%) 0 
Water Salinity (ppm) 14000 
Rock Compressibility 4.23 x 10-6 
Gas Viscosity (cP) 0.025 
Condensate Gas Ratio 110 
 
      Table 4.14: Rock and fluid properties 
 
4.7.3.2 Model Identification and Analysis 
 
The clean up and production tests were combined to form a single test. Fig. 
4.105 shows that 225 flow periods were obtained, which represent rate 
variations during production. Fig. 4.106 shows log-log plots of useable build 
ups. The rate normalization is performed with respect to the rate prior to the 
last build up during production. The pressure data show that skin factor 
increases with production time. The radial flow stabilizations are also shifted 
upwards, corresponding to decrease in gas mobility due to condensate 
blockage. 
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Figure 4.106: Well 2 log-log rate validation of useable build ups 
 
Fig. 4.107 shows superposition plots of all useable build ups. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.107: Superposition plot of all useable build ups for well 2 showing 
depletion due to boundaries 
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The following features could be inferred from the log-log and superposition 
plots:  
 
1) DST build up (FP 24) show evidence of wellbore storage (unit slope) and 
skin at early times. The radial flow stabilization, corresponding to reservoir 
behaviour is seen on the derivative log-log plot and is slightly shifted from the 
effective core permeability. The drawdown during the DST was below the dew 
point pressure, which suggests that condensate bank should have formed 
immediately when the well was opened to flow.  
 
2) The subsequent production build ups (FP125, 135, 185) show an increase 
of skin factor with production time until time 10,000 hrs when the skin effect 
starts to decrease. The condensate bank stabilizations (FP 125, 135, 185) are 
shifted upwards, which correspond to decrease in gas mobility near the 
wellbore. This is possibly due to growth of the condensate bank throughout 
the reservoir. This is consistent with pressure being below the dew point 
pressure.  
 
 3) The condensate bank stabilizations of BU 189 and 192 show a downward 
shift, indicating an increase in gas mobility. This also corresponds with 
decrease in skin. This is possibly due to condensate re-vaporization which 
reduces the near-wellbore condensate saturation and thus improves the 
relative permeability to gas (see Fig. 4.40). This is consistent with the 
pressure after 13,000 hours of production, which is below the threshold 
pressure at which condensation re-vaporization would occur as seen in the 
CVD experiment.  
 
4) The dry gas behaviour is not seen in production build ups. This is because 
these build ups are not long enough to see the end of the condensate bank. 
An additional reason is that the condensate bank may extend to the 
boundaries (although there is no evidence of boundaries on the log-log plot, 
superposition plots indicate that they do exist). This possibility can be 
investigated by deconvolution.  
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To perform deconvolution, pressure data were winnowed using InterpretTM 
well test analysis software from 50000 to 11,000 data points.  Fig. 4.108 
shows unit rate normalized deconvolved derivatives of builds 24, 135, 182, 
189 and 192 and of the entire pressure history with the corresponding 
conventional derivatives for FP24 and FP189. The deconvolutions were 
performed with an initial pressure of 4350 psia. The quality of the 
deconvolution of the entire pressure history was verified by the good match 
between the pseudo-pressures convolved from that deconvolved derivative 
and the measured pressure data (Fig. 4.109). Adapted rates were compared 
to measured rates in Fig. 4.110. The match was within 10% for most rates, 
which indicates that rate measurements are within the expected uncertainty 
range. The deconvolved derivatives show the same trend at late times, which 
indicates channel boundaries. This was consistent with the geological 
description of the reservoir, which described the producing sands to be in 
channelized systems. The storativity ratios of the different flow periods 
calculated as described in section 4.7.1.2 are given in Table 4.15. 
 
Flow Period p1 (psia) p2 (psia) (Bo)dew (Bo)1 2/1][ hct  
24 999 4350 2.25 1.18 6.00 
135 1525 3808 2.25 1.27 4.42 
192 1909 3900 2.25 1.42 3.61 
 
Table 4.15: Storativity ratio of different flow periods for well 2 
 
The unit-rate pressure drawdown from the deconvolved derivatives 
corresponding to FP135 and 192 was calculated and analyzed in order to 
obtain an interpretation model. The log-log plot (Fig. 4.111) shows the initial 
unit slope log-log straight line due to wellbore storage, a early radial flow 
stabilization corresponding to the condensate bank and a half-unit slope 
straight line at late times corresponding to channel boundaries. The 
interpretation model obtained from unit rate drawdown analysis is that of 
wellbore storage and skin, 2-zone radial composite behaviour and channel 
boundaries. Fig. 4.112 shows the interpretation model results for the unit-rate 
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drawdown. The model yields a good match on the log-log, Horner and 
simulation plots.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.108: Deconvolved derivatives of useable build ups of well 2 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.109: Comparison of pseudo-pressure and convolved pseudo-
pressures of well 2 showing a good match between the two 
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Figure 4.110: Comparison of measured and adapted rates of well 2 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.111: Unit-rate drawdown convolved from deconvolved derivative 
analysis of FP135 
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The adapted rates and measured pressure data were then analyzed in 
InterpretTM with the interpretation model obtained from the unit rate convolved 
pressure drawdown. Figs 4.113 to 4.115 show very good log-log, Horner and 
simulation matches. Summary of analysis results is given is Table 4.16.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.112: Unit-rate drawdown convolved from deconvolved derivative 
analysis of FP135 showing a good match on the log-log, horner and simulation 
history  
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Figure 4.113: FP 135 analysis with adapted rates log-log match showing a good 
match between actual data and analytical solution 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.114: FP 135 analysis with adapted rates Horner match showing a good 
match between actual data and analytical solution 
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Figure 4.115: FP 135 analysis with adapted rates simulation match showing a 
good match between actual data and analytical solution 
 
Parameter Unit FP24 
Clean-up 
FP135 
Production 
FP192 
Production 
(pav)i psia 4350 4350 4350 
kh mD.ft 85 85 85 
k2 mD 2.3 2.3 2.3 
C bbl/psi 0.019 0.04658 0.06060 
Skin (w)  6.36 10.2 11.7 
Skin (t)  7.59 17.9 19.0 
R1 ft 38 425 470 
(pch)1/2  6.0 4.4 3.6 
(kh/µ)1/2  0.72 0.69 0.72 
D1 ft 330 340 350 
D3 ft 1450 1200 1300 
Dinv ft 256 1100 1710 
    
          Table 4.16: Well 2 analysis parameters 
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4.7.3.3 Summary of Well 2 analysis  
 
 The early flow stabilization corresponding to decreased gas mobility 
due to condensate bank is apparent on the derivative plots. The 
reservoir behaviour, corresponding to dry gas mobility is not visible on 
the derivative plots because (1) at the beginning of production, the 
condensate bank develops as soon as the well is open as the 
permeability is low and (2) later, the condensate bank invades the 
entire reservoir.  
 Phase redistribution effects dominate most drawdown periods 
especially when the gas rate is low.  
 The reduction in gas mobility due to condensate bank increases as 
production time increases and the condensate bank expands. 
 The condensate bank stabilization shifts downwards as soon as the 
pressure throughout the reservoir reaches a threshold pressure at 
which re-vaporization of liquids occurs. This is associated with a 
decrease in skin. 
 The total skin varies from 6 to 18. The size of the bank ranges from 37 
to 470 ft.  
 
 
4.7.4 Compositional Simulation of well 2 
 
4.7.4.1 Model set-up 
 
A single vertical well model was constructed in order to fully understand well 
performance and condensate bank development. The model consisted of 
35x35x9 grid blocks. Cartesian grid was used. The reservoir has a net pay of 
42ft and the entire reservoir section was completed. The reservoir boundaries 
were obtained from the actual well test analysis. The near-wellbore cell is 0.25 
ft, and the size of the grid blocks was increased away from the well in order to 
accurately simulate the gas-condensate behaviour as shown in Table 4.17. In 
order to capture fluid behaviour around the well, very small time steps were 
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used. The basic reservoir rock and fluid properties are given in Table 4.18. 
The model was initialized with a pressure of 4350 psia at the datum depth of 
2900 mbKB, which is at mid perforations. The model configuration for 
simulated well 2 is shown in Fig. 4.116. The configuration is based on well test 
interpretation, which showed that the well is between two parallel faults. The 
entire production history was used.  
 
I DX (ft) I DX (ft) J DY (ft) J DY (ft) K DZ(ft) 
1 3200 22 35 1 4096 22 0.8 1 4.74 
2 1600 23 35 2 2048 23 1 2 4.74 
3 800 24 35 3 1024 24 2 3 4.74 
4 400 25 35 4 512 25 4 4 4.74 
5 200 26 35 5 256 26 8 5 4.74 
6 100 27 35 6 128 27 16 6 4.74 
7 50 28 35 7 64 28 32 7 4.74 
8 35 29 50 8 32 29 64 8 4.74 
9 35 30 100 9 16 30 128 9 4.74 
10 35 31 200 10 8 31 256   
11 35 32 400 11 4 32 512   
12 35 33 800 12 2 33 1024   
13 35 34 1600 13 1 34 2048   
14 35 35 3200 14 0.8 35 4096   
15 35   15 0.4     
16 35   16 0.2     
17 35   17 0.1     
18 35   18 1     
19 35   19 0.1     
20 35   20 0.2     
21 35   21 0.4     
 
Table 4.17: Grid block sizes for well 2 
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Figure 4.116: The model configuration for well 2 
 
Characteristic Value 
Porosity (%) 10 
Horizontal Permeability (mD) 2.3 
Vertical Permeability (mD) 0.23 
Net to Gross (fraction) 1 
Connate Water Saturation (%) 30 
Wellbore Radius (in) 0.354 
Initial Reservoir Pressure (psia) 4350 
D1(ft) 340 
D3(ft) 1200 
 
  Table 4.18: Basic simulation input data for well 2 
 
4.7.4.2 PVT Data 
 
The PVT data used in the model was based on the gas-condensate 
representative samples collected from well 2. A 13 component EOS model 
was used. The modified three parameter Peng-Robinson Equation of State 
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was used to generate the full range of PVT properties. Figs. 4.117 to 4.119 
show the match on CVD liquid drop-out, CCE liquid drop-out, CCE gas z-
factor and CVD vapour z-factor. An excellent match was obtained on the CVD 
and CCE liquid-dropout experiments. The matched dew point pressure of 
4189 psia was within 5% of the measured dew point of 4195 psia. The EOS 
parameters are in Appendix A. 
 
 
 
 
Figure 4.117: CVD liquid drop-out match of well 2 showing a good match 
between experimental data and EOS model 
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Figure 4.118: CCE liquid drop-out match of well 2 showing a match between 
experimental data and EOS model 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.119: CCE vapour z-factor of well 2 showing a match between 
experimental data and EOS model 
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4.7.4.3 Relative Permeability and Capillary Number 
 
The relative permeability curves were generated by using Corey analytical 
functions due to the absence of measured data.  The base model used critical 
condensate saturation of 10%, exponents of 2.7, critical gas saturation of 5% 
and connate water saturation of 30% as shown in Fig. 4.120. 
.   
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.120: Gas and oil relative permeabilities of well 2 
 
The model was run with capillary number model and non-Darcy coefficient 
parameters given in Table 4.19.  
 
 
 
 
 
 
Crossover Point = 12%
Kro Krg
kro
krg
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Parameter Default Values 
E300 
Simulation 
Well 2 
NCB 1x10-6 1x10-4 
mo 80 80 
mg 24 24 
n1o 24 24 
n1g 6 22 
n2o 0 0 
n2g 0 0 
a 0.005 0.005 
b 0.5 0.5 
c 0.5 0.5 
d 5.5 5.5 
 
Table 4.19: Capillary model parameters used in the simulation model to history 
match well 2 
 
4.7.4.4 History match of well test data 
 
History matching was performed in an attempt to explain the condensate bank 
development and productivity decline. The model was constrained by 
historical gas rate while reservoir properties were changed to match the 
bottomhole pressure. Fig. 4.121 shows the simulated pressure response and 
actual pressure data. A good match is obtained with Ncb of 1x10-4 and n1g of 
22.  
 
 
 
 
 
 
 
 
 
  
 - 171 - 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.121: Well 2 comparison of measured and simulated bottomhole 
pressure 
 
The simulated derivative responses for FP24 and 135 compare well with 
measured data (Fig. 4.122 and 4.123), thus validating the well test 
interpretation model obtained in section 4.7.3.  
 
 
 
 
 
 
 
 
 
 
Simulation
Actual Data
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Figure 4.122: Log-log matches of compositional simulation and measured data 
(FP24) 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 4.123: Log-log matches of compositional simulation and measured data 
(FP135) 
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The radius of the condensate bank at different production times was 
determined by plotting the condensate saturation profile in the y-direction (Fig. 
4.124). During the DST, the condensate bank size is 40 ft, very close to the 
value calculated from well test analysis (38 ft). The condensate saturation 
gradually increases towards the wellbore and reaches a maximum of 30%.  
 
Fig. 4.124 shows that the condensate bank increases with time until 700 days 
when the bank radius reaches 440 ft (similar to well test analysis bank size of 
425ft). The condensate saturation increases very sharply during production 
whereas the increase is gradual during the clean-up phase.  
 
During shut-in, the condensate saturation near the wellbore increases 
confirming that the medium-rich fluid in well 2 is getting richer and heavier and 
changes to a near-critical fluid. The pressure does not increase above the 
dew point pressure during the build ups and therefore no revaporisation 
occurs. On the other hand, after 800 days of production, the average reservoir 
pressure reaches the value at which the condensate re-vaporizes according to 
the CVD /CCE experiments and the condensate saturation decreases. 
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Figure 4.124: Condensate saturation profile of production data 
 
 
4.8 Summary 
 
In summary, the results in this chapter provided an understanding of near 
wellbore pressure responses in homogenous gas condensate reservoirs when 
pressure is below the dew point pressure and condensate deposits in the 
reservoir. The following conclusions are based on the results obtained:  
 
 The condensate deposits near wellbore and creates zones of different 
gas mobilities in the reservoir when pressure is below the dew point 
pressure for all fluids studied.  
 During a drawdown below the dew point pressure, medium-rich to rich 
gas condensate fluids in the condensate bank change to near-critical 
fluid behaviour near the wellbore. The time at which this behaviour 
occurs depends on production rate, reservoir permeability and fluid 
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richness. During the subsequent build up above the saturation 
pressure, the oil dissolves into the gas and the fluid in the wellbore 
vicinity becomes single-phase gas. This does not occur in lean gas 
reservoirs, where the condensate saturations at the end of a drawdown 
and in the subsequent build up are very similar. Another difference is 
that lean and medium-rich gas condensate fluids yield three mobility 
zones on a derivative plot (corresponding to the original gas in place 
away from the well where the pressure is above the dew point 
pressure; the condensate bank closer to the well; and capillary number 
effects in the immediate vicinity of the well) whereas only two mobility 
zones are created in the case of rich gas condensate fluids (capillary 
number effects are not seen in practice). 
 In all fluids studied, the size of the condensate bank increases with 
increasing production rate and time. The size of the condensate bank is 
proportional to the gas rate. For lean, medium and rich gas condensate 
fluids, the condensate bank size increases with decreasing 
permeability-thickness.  
 Actual well tests showed that dry gas reservoir behaviour is usually not 
seen in production tests in low permeability, medium-rich to rich gas 
condensate because features are seen in the data that are consistent 
with a condensate bank forming rapidly throughout the reservoir. 
 Deconvolution was applied to pressure and rate data from gas 
condensate wells below the dew point pressure and was found to 
consistently provide additional information. 
 Phase redistribution may dominate the test at early and middle times in 
drawdowns and build ups in low permeability, medium-rich to rich gas 
condensate reservoirs due to low gas production rates.  
 A good match was obtained between measured pressures and 
compositional simulation based on well test analysis results, implying 
that reservoir parameters obtained from well test analysis are correct. 
 In order to match pressure data, capillary effects must be included. 
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The next chapter presents simulation results of well test behaviours in multi-
layered medium-rich to rich gas condensate reservoirs.  
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Chapter 5 
 
 
5.0 PRESSURE TRANSIENTS IN MULTI-
LAYERED MEDIUM-RICH TO RICH GAS 
CONDENSATE RESERVOIRS 
 
 
5.1 Introduction 
 
This chapter presents simulation results of well test behaviour of vertical wells 
in medium-rich to rich gas condensate layered reservoirs. Compositional 
simulation was used to investigate and characterize reservoir fluid dynamics 
and well test behaviour and in particular, to study how productivity is affected 
by changing condensate saturation distributions between layers with and 
without crossfow. The wellbore pressure response due to near-wellbore 
condensate drop-out was also compared with those in dry gas reservoirs. 
 
Fakcharoenphol (2006) studied multi-layered lean gas condensate reservoirs. 
His study was limited to 2 layers. In the present study, 3 and 4-layered 
systems are simulated. The theoretical results are verified with detailed well 
test interpretations and simulations of production tests conducted in the E-M 
Satellite field located offshore South Africa. 
 
5.2 Multi-layered reservoirs theory and literature review 
  
5.2.1 Analytical Solutions 
 
Many reservoirs are layered. Production from this type of reservoir may be 
from one or more layers. As layered reservoirs behave differently from 
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homogeneous reservoirs, it is important to understand their pressure 
behaviour in order to determine reservoir parameters, predict well 
performance and maximize hydrocarbon recovery. Research in multi-layered 
reservoirs started in the 60s. Multi-layered systems have been classified as 
commingled and with crossflow. Crossflow refers to vertical movement of 
fluids between layers away from the well. Commingled means vertical 
permeability between layers is zero.  
 
Lefkovits et al., (1961) derived analytical solutions for wellbore pressure and 
layer production rates in a commingled, bounded multi-layered system. 
Russell and Prats (1962) studied multi-layered reservoirs with crossflow and 
concluded that the behaviour of a crossflow system is bounded by that of a 
commingled system and that of a homogenous system. Kazemi and Seth 
(1969) restricted flow at the wellbore in a reservoir with limited entry and 
crossflow and showed that there are two semilog straight lines, with early 
times corresponding to the flow capacity of the perforated interval and the late 
times corresponding to the total flow capacity of the formation.  
 
Tariq and Ramey (1978) studied build up pressure behaviour for a 
multilayered commingled system by including wellbore storage and skin. They 
used the Stehfest algorithm (Stehfest, 1970) to invert numerically the solution 
from the Laplace space into the time domain. Deans and Gao (1983) 
developed approximate analytical solutions for wellbore pressure and 
formation crossflow.   
 
Larsen (1982) used an approximate equation for the wellbore response to 
determine flow capacities and skin factors of individual layers in a two-layered 
commingled system. Kuchuk et al., (1984) used nonlinear parameter 
estimation by coupling production rate of each layer with wellbore response in 
commingled systems. They used layer rate transients to calculate properties 
of individual layers. Raghavan et al., (1985) investigated the pressure 
response of a two-layered reservoir with crossflow. and showed that layer skin 
factors can be determined with production data when the total skin is known.  
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Ehlig-Economides and Joseph (1985) investigated well test responses for a 
multi-layered system with formation crossflow. They developed a complete 
analytical solution for the N-layered crossflow system with wellbore storage 
and skin and investigated early and late time behaviours of the production rate 
for each layer. They also provided an extensive list of publications dealing 
with layered reservoirs. Bourdet (1985) investigated 2-layered system with 
crossflow and solved its pressure response with the inclusion of wellbore 
storage and skins.  
 
Park and Horne (1989) studied the effects on the wellbore pressure response 
of reservoir parameters such as horizontal and vertical permeabilities, layer 
skin effect, wellbore storage coefficient and outer boundaries. They found that 
the direction of formation crossflow was determined initially by the layer 
permeabilities (from the less permeable to the more permeable layer) and 
later by the skin factors (from the layer with the larger skin to that with the 
smaller skin). They also showed that the wellbore pressure response went 
through three successive stages: commingled behaviour at early times: 
homogeneous behaviour at late times and transition from the former to the 
latter at middle times, with the start and end of crossflow governed by vertical 
permeability. They also showed that the shape of the derivative depends on 
the contrast in skin between layers: if the skin in the least permeable layer is 
greater than that in the most permeable layer, crossflow yields a minimum on 
the derivative; on the other hand, if the skin in the most permeable layer is 
greater than that in the layer permeable layer, the minimum disappears when 
the skin contrast becomes high enough, and a limited entry type behaviour 
dominates the derivative. These various behaviours are illustrated on 
dimensionless pressure derivatives in the log-log graph of Fig 5.2, for the two-
layer reservoir schematic of Fig. 5.1.  
 
 
 
 
 
 
  
 - 180 - 
 
 
 
 
 
 
 
 
Figure 5.1: 2-layer reservoir with crossflow 
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Figure 5.2: 2-layer reservoir drawdown behaviour, with and without crossflow 
(Gringarten 2006, using Bidaux et al. 1992’s solution). 
 
Fig. 5.2 (Gringarten, 2006) was calculated with the semi-analytical solution of 
Bidaux et al., (1992), which gives the dimensionless pressure as a function of 
dimensionless time and ω, λ and κ, three parameters that define multilayer 
behaviour. These parameters are defined as: 
 
     Dimensionless pressure:  pphk
qB
p i
T
r
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     Storativity ratio:     Tt
t
hc
hc

 1                               (5.3) 
    Interporosity flow coefficient: 
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     Mobility ratio:   
T
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r
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    Total permeability-thickness:      21 hkhkhk rrTr                           (5.6) 
    Total mobility:   
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where the subscripts 1 and 2 refer to the layer number, 1 being the most 
permeable layer. T refers to the two layers together. kr and kv are the 
horizontal and vertical permeabilities; and h, ct, μ and φ are the layer 
thickness, total compressibility, viscosity and porosity, respectively. ω and λ 
have the same meaning as in double porosity (Warren and Root 1963), whilst 
κ is a measure of the mobility contrast between layers.  
 
Fakcharoenphol (2006) and Afidick et al., (1994) were among the few 
researchers who investigated well test behaviour of layered gas condensate 
reservoirs. These authors mainly focused on lean gas. They concluded that 
the layers with the highest permeability-thickness accumulate more 
condensate than the least permeable layer. They did not verify their findings 
with analytical solutions.  
 
The influence of parameters on well test behaviour has been discussed by 
Bourdet (1985). 
 
5.2.1.1 Mobility Ratio    
 
The mobility ratio (κ) represents the contrast in permeability thicknesses 
between the two layers. Mobility ratios range from 0.5 (homogeneous 
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reservoir) to 1.0 (double-porosity), with usual values for double permeability 
above 0.9. The derivative minimum, which is characteristic of crossflow, has a 
V shape for κ=1, a U shape for 0<κ<1, and does not exist for κ=0. As the 
mobility ratio increases, the depth of cross-flow minimum increases, as shown 
in Fig. 5.3.  
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Figure 5.3: Effect of  on pressure derivative Plot, CD=0.001, ω=0.001,  
λ = 4x10-8 (Bourdet, 1985) 
 
 
5.2.1.2 Storativity Ratio    
 
Fig. 5.4 shows the effect of the storativity ratio ω on the derivative curve. As ω 
decreases, the width of the cross-flow minimum increases. 
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Figure 5.4: Effect of ω on pressure derivative plot, CD =0.001, k = 0.91, λ = 4x10-8 
(Bourdet, 1985) 
 
5.2.1.3 Interporosity Flow Coefficient (λ) 
 
 controls the time at which cross-flow (and therefore the crossflow minimum) 
occurs. A higher λ value corresponds to an earlier crossflow start. In 
commingled systems, λ is zero and layer cross-flow does not occur. The 
derivative stabilization to the total kh is only reached at infinite times (Fig. 5.5).  
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Figure 5.5: Effect of lambda on ressure derivative plot, CD =0.001, κ = 0.9, ω=0.1 
(Bourdet, 1985) 
 
 
5.2.1.4 Layer Skin contrast 
 
The effect of contrast in skin between layers in crossflow systems is shown in 
Fig. 5.6. Crossflow systems always behave as commingled at early times. The 
valley only exists if skin in layer 2 is greater than skin in layer 1 and for small 
contrasts in skin effects if skin in layer 1 is greater than in skin layer 2, as 
observed by Park and Horne (1989). At high (S1-S2) contrasts, for instance in 
the case of limited entry in the most permeable layer, the valley is not seen 
and the derivative shape is similar to that for a partially penetrating well.  
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Figure 5.6: Effect of layer skin on pressure derivative plot, CD =0.001, (Bourdet, 
1985) 
 
 
5.3 Model Description 
 
Radial coordinates were used to simulate a 110ft-thick multi-layered reservoir 
of infinite extent. The grid dimensions are similar to those used in the single 
layer model. The model was simplified by assigning the same porosity in all 
the layers. Initially, two layers were constructed to simplify the simulation 
model. The relative permeability curves used in the single layer model were 
applied to the multi-layered model. The dimensionless parameters 
investigated in this study are the storativity ratio, the inter-porosity flow 
coefficient , the mobility ratio  and the skin factors. These dimensionless 
terms are defined in section 5.2.2. The simulation models were run with 
capillary number model default parameters as given in Table 4.2. The fluid 
selected for this study was Fluid B (Medium-rich to rich gas). PVT 
characterization of this fluid was described in chapter 3. Wellbore storage and 
gravity effects were not included in the model. 
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The well is located in the centre of the reservoir and penetrates all the layers 
as shown in Fig. 5.7. The layers are assumed to be in hydraulic 
communication (crossflow). 
 
 
 
 
 
 
 
 
Figure 5.7:  Schematic of multi-layered system with crossflow 
 
The reservoir parameters in the models are given in Tables 5.1 to 5.2. 
Synthetic well test data generated by the compositional model are presented 
in Fig. 5.8.  
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.8: Pressure history of multi-layered models 
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Parameter Layer 1 Layer 2 
h (ft) 10 100 
kh (mD) 100 1 
kv (mD) 10 0.1 
Porosity (%) 10 10 
Skin 0 0 
Gas viscosity (cP) 0.025 0.025 
 
Table 5.1: Reservoir parameters for a 2-layered system with crossflow 
 
Parameter Layer 1 Layer 2 
h (ft) 10 100 
kh (mD) 100 1 
kv (mD) 0 0 
Porosity (%) 10 10 
Skin 0 0 
Gas viscosity (cP) 0.025 0.025 
 
Table 5.2: Reservoir parameters for a 2-layered system without crossflow 
 
In all cases simulated, the gas rate was set constant at 10 MMscf/d.  
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5.4 Simulation Results of Formation Crossflow and 
Commingled Systems 
 
5.4.1 General Well Test Response 
 
Initially, the model was initialized at a reservoir pressure of 6000 psia to 
ensure the bottomhole pressure remains above the dew point pressure for the 
duration of the test. Model parameters were λ and κ of 4.5x10-7 and 0.91 
respectively.  The wellbore pressure derivative responses with crossflow and 
no crossflow are shown in Fig. 5.9. At early times, the derivative response 
with crossflow is similar to that without crossflow. After some time, crossflow 
starts and is shown as a minimum on the derivative curve. At late times, the 
wellbore pressure derivative response stabilizes as in a homogeneous single 
layer reservoir, with a total permeability-thickness equal to the arithmetic 
average permeability-thickness. A commingled system does not show a 
minimum at middle times as shown in Fig. 5.9. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.9: Wellbore derivative response of commingled and formation 
crossflow systems, P>Pdew 
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In order to investigate the near-wellbore condensate drop-out on pressure 
response of layered systems, the model was initiated slightly above the dew 
point pressure. The simulated pressure derivative response below the dew 
point pressure, depicted in Fig. 5.10, shows a condensate bank.  Commingled 
flow dominates at early times, even in reservoirs with crossflow as seen in Fig. 
5.10. At middle times, a minimum corresponding to start and end of crossflow 
is observed. At late times, a final radial flow stabilization is evident which 
corresponds to the arithmetic average gas mobility. In a commingled system, 
the late time stabilization is similar to that with crossflow if the skin contrast 
between the layers is small.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.10: Well derivative response of commingled and crossflow system, 
P<Pdew 
 
5.4.2 Multi-layer grid refinement 
 
A study was conducted on the model with crossflow to investigate the effect of 
vertical grid refinement on multi-layer behaviour. The grid cells in the z- 
direction was increased from 2 to 20. The 2 layers were divided into several 
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sublayers as shown in Table 5.3 and 5.4 for 4 and 20 layered reservoirs with 
crossflow, respectively. The models were run above and below the dew point 
pressure. Fig. 5.11 shows the comparison of the bottomhole pressure for the 
2, 4 and 20-layered reservoirs above the dew point pressure. The pressure 
drop is very similar for all the configurations. The pressure comparison for the 
case below the dew point pressure is shown in Fig. 5.12. Similarly, the 
pressures are very similar, thus validating the use of a 2-layered model to 
simulate multi-layer behaviour above and below the dew point pressure.  
 
Layer Sublayer kh (mD) kv (mD) h (ft) Porosity 
(%) 
Skin 
S1=S2 
1 1 100 10 5 10 0 
1 2 100 10 5 10 0 
2 3 1 0.1 50 10 0 
2 4 1 0.1 50 10 0 
 
Table 5.3: Reservoir parameters for a 4-layered system with crossflow 
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Layer Sublayer kh (mD) kv (mD) h (ft) Porosity (%) Skin 
S1=S2 
1 1 100 10 1 10 0 
1 2 100 10 1 10 0 
1 3 100 10 1 10 0 
1 4 100 10 1 10 0 
1 5 100 10 1 10 0 
1 6 100 10 1 10 0 
1 7 100 10 1 10 0 
1 8 100 10 1 10 0 
1 9 100 10 1 10 0 
1 10 100 10 1 10 0 
2 11 1 0.1 10 10 0 
2 12 1 0.1 10 10 0 
2 13 1 0.1 10 10 0 
2 14 1 0.1 10 10 0 
2 15 1 0.1 10 10 0 
2 16 1 0.1 10 10 0 
2 17 1 0.1 10 10 0 
2 18 1 0.1 10 10 0 
2 19 1 0.1 10 10 0 
2 20 1 0.1 10 10 0 
 
Table 5.4: Reservoir parameters for a 20-layered system with crossflow 
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Figure 5.11: Bottomhole pressure distribution comparison in a 2, 4 and 20-
layered system, P>Pdew, λ = 4.5x10-7 showing similar pressure responses 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.12: Bottomhole pressure distribution comparison in a 2, 4 and 20-
layered system, P<Pdew, λ = 4.5x10-7 showing similar pressure responses 
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5.4.3 Effect of condensate drop-out on layered reservoirs with 
crossflow 
 
The size of the condensate bank and the condensate saturation close to the 
wellbore are controlled by several parameters such as production time, 
production rate, critical condensate saturation and reservoir permeability. The 
condensate saturation and the size of the condensate bank increase with 
increasing production time or rate. The effect of condensate drop-out on 
layering behaviour was studied by increasing production rate and duration 
with initial values of κ, λ and ω of 0.91, 4.5x10-7 and 0.0905 respectively. The 
other reservoir parameters are given in Table 5.1. The skin factors in both 
layers were set at zero when the model was initialized. The rate history 
consisted of alternating drawdowns and build ups as shown in Fig. 5.13.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.13: Multi-layer synthetic pressure and rate histories 
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reservoir, whereas the near-wellbore condensate saturation is higher in the 
least permeable layer. The most permeable layer has the largest condensate 
bank because during the transition period, the most permeable layer is 
produced at a higher rate than the less permeable layer and experiences 
higher pressure drop far from the well compared to the least permeable layer. 
The gas relative permeability depends on the condensate saturation. The 
least permeable layer experiences a sharp pressure drop closer to the well, 
which results in a higher condensate accumulation near the well than in the 
most permeable layer and a higher reduction in gas relative permeability. As 
production rates and times increase, more condensate accumulates and the 
near-well condensate saturations become very similar in the most and least 
permeable layers as the pressures in the different layers stabilize (Fig. 5.15).  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.14: Condensate saturation profiles for a 2-layer system λ = 4.5x10-7 
showing increasing condensate bank size with production rate in the most 
permeable layer 
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Figure 5.15: Block pressure profiles for 2-layered reservoir,  λ = 4.5x10-7, P<Pdew 
showing increasing pressure drop near the well for layer 2 
 
The skin factor in each layer was calculated from the Hawkins equation as 
follows: 
 
)ln(11
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where Sb , krgb , rb and rw  are the blockage skin due to condensate bank, the 
near well gas relative permeability, the condensate bank radius and the 
wellbore radius respectively. The condensate bank radius for the various 
flowing periods was calculated assuming that the storativity ratio is equal to 
the ratio of total compressibilities multiplied by reservoir thickness in each 
layer: 
Storativity Ratio
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This assumes that porosity and thickness are the same over the duration of 
the test. 
 
Fig. 5.16 shows the skin factor in layer 1 (most permeable layer), layer 2 
(least permeable layer) and the skin contrasts between the layers with 
increasing production rate and time. The skin factor in the least permeable 
layer is higher than in the most permeable layer and increases as production 
rate increases. This correlates with the fact that the condensate saturation in 
the least permeable layer is higher than in the most permeable layer near-
wellbore. The skin contrast between the layers becomes constant as more 
condensate accumulates in the reservoir. This is because the saturations in 
the different layers become similar (Fig. 5.14). 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.16: Skin distribution in a 2-layered system, P<Pdew, λ = 4.5x10-7 showing 
increasing skin factor in each layer with increasing production rate 
 
A plot of ω for different production rates is shown in Fig. 5.17. The storativity 
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oilogasgt CSCSC                (5.10) 
The assumption is that;  
 1 go SS                (5.11) 
 
Assuming that the volumes of stock tank oil and separator gas are fixed, it is 
noted that 
 
0//  dpdVdpdV go              (5.12) 
 
Therefore, solving for So and Sg gives 
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It increases almost linearly as production rate increases and more condensate 
drops out in the reservoir.  
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Figure 5.17: Omega distribution in a 2-layered system, P<Pdew, λ = 4.5x10-7 
 
Figure 5.18 shows the effect of production rates and times on the resulting 
derivative shapes of all subsequent build ups. The condensate bank radius 
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reservoir (Gringarten et al., 2006). λ decreases whereas ω increases (as 
shown by the reduction in the width and depth of the valley due to the 
condensate bank being on top of multilayer effects). The increase in ω on the 
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0.09
0.0905
0.091
0.0915
0.092
0.0925
0.093
0.0935
0.094
0.0945
0.095
0 5 10 15 20 25 30
Gas rate (MMScf/d)
O
m
eg
a
  
 - 199 - 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.18: log-log plots in a 2-layered system, P<Pdew, λ = 4.5x10-7 
 
5.4.4 Effect of λ on composite behaviour of layered reservoirs 
 
The simulation model described above was run to investigate how λ is 
affected as a condensate bank develops. DD2 in Fig. 5.8 was increased to 
6750 days and the gas rate increased to 25MMscf/d. First, the model was run 
above the dew point pressure with all layers open to flow and λ values from 
2.2x10-4 to 4.6x10-8 in order to verify its accuracy by comparing with analytical 
solutions (Bourdet, 1985). The reservoir parameters are given in Table 5.5 
and 5.6. The corresponding wellbore pressure responses are shown in Fig. 
5.16 for BU2 (Fig. 5.8). In the absence of skin effect, the dimensionless 
derivatives stabilize at the same level (0.5) at early and late times. The 
simulated results match Bourdet’s analytical solutions (Bourdet, 1985) very 
well, as shown in Fig 5.19. 
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Parameter λ=2.2x10-4 λ=4.1x10-5 λ=4.5x10-7 λ =4.6x10-8 λ=0 
  kv/ kh 10 1 0.1 0.01 0 
kh (mD) 100 100 100 100 100 
Porosity (%) 10 10 10 10 10 
Skin 0 0 0 0 0 
 
   Table 5.5: Reservoir parameters for layer 1 for studying effect of λ  
 
Parameter λ=2.2x10-4 λ=4.1x10-5 λ=4.5x10-7 λ =4.6x10-8 λ=0 
  kv/ kh 10 1 0.1 0.01 0 
kh (mD) 1 1 1 1 1 
Porosity (%) 10 10 10 10 10 
Skin 0 0 0 0 0 
 
   Table 5.6: Reservoir parameters for layer 2 for studying effect of λ  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.19: Comparison of log-log plots of different λs of numerical simulation 
and analytical solutions, P>Pdew  
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Next, the model was initialized slightly above the dew point pressure to model 
the wellbore response when the condensate bank develops. The derivative 
curves corresponding to pressure above and below the dew point pressure 
are superimposed to show how λ varies as condensate drops out in the 
reservoir (Fig. 5.20). The derivative curves now show two distinct 
stabilizations, corresponding respectively to the condensate bank and to the 
reservoir behaviour. Actually, composite behaviour due to condensate bank 
and multi-layer behaviour are superimposed, with the condensate bank 
appearing on top of multi-layer effects: the initial “stabilisation” in Fig. 5.20 
corresponds to the commingled behaviour, which looks like a stabilisation only 
at low skin contrasts between layers.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.20: Comparison of log-log plots of different λs, P>Pdew 
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with crossflow. They showed that the layer flow rates in early time if the skin in 
both layers is 0 are given by: 
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             (5.17) 
 
where qiD,  κ, h, λ, ω, φ are the production rate of each layer, mobility ratio, layer 
thickness, interporosity flow coefficient, storativity ratio and layer porosity, 
respectively. 
 
Based on Eq. 5.17 and reservoir parameters given in Table 5.2, the 
production rate ratio of layer 1 (most permeable layer) and layer 2 (least 
permeable layer) should approach approximately 0.71 and 0.29, respectively 
at very early time then increase with production time. The production rate ratio 
for layer 1 is approximately 0.75 and is the same at early times (up to tD/CD 
=100) for all λ values, including zero (no crossflow) as the early time 
behaviour is commingled. The corresponding early time production rate ratio 
for layer 2 is approximately 0.25. The early time production rate ratios of the 
most permeable layer and the least permeable layer are consistent with 
estimations using Eq. 5.17 as the initial ratios will increase with time to 0.75 
and 0.25. As time increases, crossflow starts and production ratios change at 
different times depending on λ. At late times, the production rate ratio for layer 
1 stabilizes to the κ value (0.91) for all λ values whereas the production rate 
ratio for the least permeable layer 2 stabilizes at 1- κ. In commingled systems, 
the stabilizations at κand 1- κ are never reached in practice.  
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Figure 5.21: Production rate ratio of layer 1 for different λs from compositional 
simulation, P>Pdew 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.22: Production rate ratio of layer 2 for different λs, from compositional 
simulation, P>Pdew 
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In Fig. 5.23 and Fig. 5.24, the bottomhole pressure is below the dew point 
pressure. At very early times, production rate ratios for layer 1 and 2 are 
similar to what they were above the dew point pressure during commingled 
flow. As time increases and crossflow starts, the production rate ratio for layer 
1 first stabilizes at κ for all lambda values and then increases again towards 1. 
The production rate for layer 2, on the other hand, tends to stabilize at 1-κ for 
all lambda values and then decreases to 0. The same behaviour applies in the 
commingled case. This indicates that the low permeability layer becomes 
choked by its condensate bank at late times and that all production is through 
the most permeable layer, as in the case of double porosity behaviour. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.23: Production rate ratio of layer 1 for different λs from compositional 
simulation, P<Pdew 
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Figure 5.24: Production rate ratio of layer 2 for different λs from compositional 
simulation, P<Pdew 
 
Figs. 5.25 to 5.26 show the condensate saturation distributions for the 
different λ values with increasing production time. The near-wellbore 
condensate saturation contrast between the layers develops in three 
successive stages. Initially, the condensate saturation in the most permeable 
layer is higher than in the least permeable layer for all λ values. Then, the 
condensate saturations in the different layers continue to increase but become 
similar as pressure declines and production time increases. The time at which 
the saturations are the same is a function of λ. For low λ values (4.6x10-7 and 
4.6x10-8), the equilibrium is reached at tD/CD = 3.1x10+5 compared to 3.1x10+6 
for higher λ value (2.2x10-4). At late times, the condensate saturations in the 
least permeable layer increases above those in the most permeable layer for 
all λ values. The contrast in condensate saturations between the least and 
most permeable layer is much higher for higher λ values (2.2x10-4) than for 
lower λ values (4.5x10-7 and 4.6x10-8). For high λ values (2.2x10-4), the vertical 
permeability is high, which allows for easier crossflow of gas from the least 
permeable layer to the most permeable layer, leaving behind the condensate 
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in the least permeable layer. The accumulated condensate in the most 
permeable layer moves downwards to the least permeable layer. In the case 
of low λ values, the effects of gravity are minimal because the vertical 
communication is low.  
 
A case was run with the most permeable layer (layer 1a) at the bottom and 
the least permeable layer (layer 2a) at the top. Fig. 5.27 and 5.28 shows the 
condensate saturation distribution with increasing production time for high (λ = 
2.2x10-4) and low (λ =4.5x10-7) lambda values, respectively. For the high 
lambda case, the initial condensate saturation in the most permeable layer 
(layer 2a) before crossflow is higher than that of the uppermost least 
permeable (layer 1a), and then the saturations near the wellbore become 
similar in both layers. At some time crossflow starts and the condensate 
saturation in the most permeable layer (layer 2a) at the bottom increases 
again, above that of the least permeable layer (layer 1a) because the 
accumulated condensate drains to the bottom layer (most permeable layer). 
The contrast in condensate saturation between the most permeable layer 
(layer 2a) and the least permeable layer (layer 1a) is not as high as in the 
case where the most permeable layer is at the top. This is different to the case 
when the most permeable layer is at the top, whereby, the condensate 
saturation in the least permeable layer increases sharply due to the 
combination of higher pressure drop (low permeability) and the drainage of 
condensate.  
 
For the low λ case, the vertical communication is weak and crossflow occurs 
much later. As shown in Fig. 5.29, the condensate saturation build up 
behaviour at early time is similar to the case for high λ case, with the 
condensate saturation in the most permeable layer (layer 2a) higher than in 
the least permeable layer, then becomes similar near wellbore. At late times, 
crossflow begins and the condensate saturation in the least permeable layer 
(layer 1a) increases above that of the most permeable layer. The contrast in 
condensate saturation between the uppermost least permeable layer (layer 
1a) and the bottom most permeable layer (layer 2a) is minimal because the 
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vertical communication between the layers is small and little condensate 
drains to the bottom layer (layer 2a). 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.25: Condensate saturation profile for λ = 2.2x10-4 with increasing 
production time 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.26: Condensate saturation profile for λ = 4.5x10-7 with increasing 
production time 
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Figure 5.27: Condensate saturation profile for λ = 4.6x10-8 with increasing 
production time 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.28: Condensate saturation profile for λ = 2.2x10-04 with increasing 
production time, with the most permeable layer at the bottom 
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Figure 5.29: Condensate saturation profile for λ = 4.5x10-7 with increasing 
production time, with the most permeable layer at the bottom 
 
The variation of skin factor in each layer with increasing production time for 
different λ values is shown in Fig. 5.30. The skin contrast increases with 
increasing λ values. Layer behaviour occurs at the same time as the 
development of the condensate bank when λ is very high, which creates sharp 
pressure drops near the well. A sharp near-wellbore pressure drop correlates 
with high condensate saturations, particularly in the least permeable layer, 
which creates much higher condensate blockage skin. 
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Figure 5.30: Skin for different λs, near-wellbore 
 
5.4.4.1 Comparison with lean gas behaviour 
 
The effect of condensate saturations on production in different layers in 
medium-rich to rich gas condensate reservoirs was compared with lean gas. 
Fig. 5.31 and 5.32 shows the production rate ratio of layer 1 and 2 for different 
λ values for lean gas (thick dots) compared with medium-rich fluid (thin lines). 
As with medium-rich to rich gas, the production rate ratio of layer 1 stabilizes 
at κ (0.91) then increases towards 1. The rate of increase of production rate 
ratio towards 1 is not as high as for medium-rich to rich gas condensate fluids 
because the accumulation of condensate in lean gas is significantly lower and 
therefore the lower permeability layer takes longer to be choked. 
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Figure 5.31: Production rate ratio of layer 1 for different λ for medium-rich and 
lean gas, P<Pdew 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.32: Production rate ratio of layer 2 for different λs for medium-rich and 
lean gas, P<Pdew 
 
Fig. 5.33 shows the condensate saturation distribution in the different layers. 
The near-wellbore condensate saturation is higher in the least permeable 
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layer than in the most permeable layer and is much higher for high lambda of 
2.2x10-4 in the case of medium-rich to rich gas condensate fluids. The 
improved mobility zone due to capillary number effects is evident in both 
layers for lean gas. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.33: Condensate Saturation Profiles for different λs for medium-rich 
and lean gas, P<Pdew 
 
5.4.5 Effect of κ on composite behaviour of layered reservoirs 
 
The model was run above the dew point pressure with λ value of 2.2x10-4 and 
layer 1 and 2 with permeabilities of 100 mD and 10 mD and reservoir 
thicknesses of 100ft and 50ft, respectively, corresponding to a κ value of 0.67. 
The rate contributions of layers 1 and 2 above and below the dew point 
pressure are shown in Fig. 5.34 and 5.35, respectively.  Above the dew point 
pressure, the early time rate contributions of layer 1 and 2 are 0.53 and 0.47 
respectively, which is significantly different for a κ value of 0.91 (0.75 and 
0.25). The very early time rate contributions calculated using Eq. 5.17 yield 
0.52 and 0.50 for layer 1 and layer 2, respectively. The production rate ratio of 
the most permeable layer stabilizes at a constant  value of 0.67, whereas 
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below the dew point pressure, the production rate first stabilizes at κ then 
increases to 1. This behaviour is similar to that for a κ value of 0.91. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.34: Production rate ratios for different κ values, P>Pdew 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.35: Production rate ratios for different κ values, P<Pdew 
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The condensate saturation comparison for different κ values is shown in Fig. 
5.36. It was shown in Chapter 4 that low permeability reservoirs have higher 
condensate saturations in the condensate bank than high permeability 
reservoirs. For the same kh in the most permeable layer, the reservoir with a 
larger κ has a lower arithmetic average kh and therefore has higher 
condensate saturation in the condensate bank. The contrast in condensate 
saturations between the least and most permeable layer decreases with 
decreasing . 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.36: Condensate saturation profiles for the different  values 
 
5.4.6 Effect of skin on composite behaviour of layered reservoirs 
 
5.4.6.1 Crossflow behaviours 
 
The effect of skin on the wellbore pressure response for a 2-layered system 
was studied for various skins of most permeable layer for pressures above 
and below the dew point pressure. The model was initialized with κ and λ of 
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6750 days. Various skins (0, 10, 50 and 100) were simulated in the most 
permeability layer 1.  
 
Fig. 5.37 compares the production rate ratios of the different layers for the 
case of various skin factors in the most permeable layer with pressure above 
the dew point pressure. For the case where the pressure is above the dew 
point pressure, the production rate ratio of the zero skin, least permeable layer 
is greater than that in the high skin, most permeable layer for the cases of non 
zero skin contrasts at early times. The production rate ratio of the least 
permeable layer decreases with time because crossflow is from the least 
permeable layer to the most permeable layer. The production rate ratios 
stabilize at late times.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.37: Rate contributions, S1= 0, 10, 50, 100, P>Pdew, λ = 4.5x10-7 
  
Figure 5.38 shows the early time behaviour of production rate ratios for the 
various skin contrasts between the most permeable layer and the least 
permeable (S1-S2). The production rate ratio of the most permeable layer is 
higher than the zero skin, least permeable. As skin contrasts increase, there is 
a sharp drop in production rate ratio of the most permeable layer and an 
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increase in the values of the least permeable layer. For the case of S1=100, 
the least permeable layer with 0 skin produces above , 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.38: Early time rate contributions, S1= 0, 10, 50, 100, P>Pdew,  
λ = 4.5x10-7 
 
Figure 5.39 shows the distribution of late time stabilization values with 
changing skin contrast between the most permeable layer and the least 
permeable. It is evident that the stabilization for the most permeable layer 
decreases almost linearly with increasing skin contrast. Similarly, the least 
permeable layer stabilization increases with increasing skin contrast.  
 
 
 
 
 
 
 
 
 
0
0.1
0.2
0.3
0.4
0.5
0.6
0.7
0.8
0.9
1
0 20 40 60 80 100 120
Layer 1
Layer 2
Pr
od
uc
tio
n 
ra
te
 ra
tio
 (f
ra
c)
S1-S2
Pr
od
uc
tio
n 
ra
te
 ra
tio
 (f
ra
c)
  
 - 217 - 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.39: Late time rate contributions at stabilization, S1= 0, 10, 50, 100, 
P>Pdew, λ = 4.5x10-7 
 
Below the dew point pressure, the production rate ratios of the most and the 
least permeable layers are the same as above the dew point pressure at early 
times. After some time, the production rate ratio of the high skin, most 
permeable layer increases above that of the zero skin, least permeable layer. 
The least permeable layer accumulates much more condensate near the well 
as production time increases. This reduces gas relative permeability further 
and increases the condensate blockage skin. The additional skin due to the 
condensate bank reduces the rate contribution of the least permeable layer.  
 
Fig. 5.40 shows the condensate saturation in the different layers at different 
production times. The layer with the highest skin factor (layer 1) develops a 
smaller condensate bank than the zero skin layer 2. This is because the 
production rate in the high skin layer is smaller and the pressure drop in the 
low permeable layer is much greater.  
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Figure 5.40: Condensate saturation profiles, S1=100, λ = 4.5x10-7 
 
Fig. 5.41 shows the production rate ratios of the different layers for the case of 
various skin factors in the most permeable layer with pressure below the dew 
point pressure. The early time production rate ratios behaviour is the same as 
that for the case where the pressure is above the dew point pressure. The 
production rate ratios do not stabilize at late times as the least permeability 
layer is chocked by its condensate bank. The late time production rate ratio of 
the least permeable layer is always below that of the most permeable later. 
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Figure 5.41: Rate contributions, S1= 0, 10, 50, 100, P<Pdew, λ = 4.5x10-7 
 
Derivative curves numerically simulated with and without crossflow for the 
different skin contrasts between layers are compared in Figs. 5.42 and 5.43 
with analytical solutions (Bourdet, 1985), when the pressure is above the dew 
point pressure. The match is reasonable. The multi-layer system with 
crossflow behaves as commingled at early times as skin contrast between 
layers increases. 
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Figure 5.42: log-log plots for different skin contrasts in a 2-layered system with 
crossflow, λ = 4.5x10-7 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.43: Comparison of simulated crossflow and commingled derivatives, 
P>Pdew 
S2= 0
Commingled
10-2                                10                      10 5                                 109                                1014
10 2
10
1
10 -1
D
im
en
si
on
le
ss
 D
er
iv
at
iv
e
Dimensionless Time, tD/CD
100
50
0
S1
 = 0.91
k1h1+k 2h2
S1                          Above p dew
0
50
100
D
im
en
si
on
le
ss
 D
er
iv
at
iv
e
D
im
en
si
on
le
ss
 D
er
iv
at
iv
e
D
im
en
si
on
le
ss
 D
er
iv
at
iv
e
D
im
en
si
on
le
ss
 D
er
iv
at
iv
e
D
im
en
si
on
le
ss
 D
er
iv
at
iv
e
D
im
en
si
on
le
ss
 D
er
iv
at
iv
e
D
im
en
si
on
le
ss
 D
er
iv
at
iv
e
S2= 0
Commingled
10 -2                                10                      10 5                                 10 9                                10 14
10 2
10
1
10 -1
D
im
en
si
on
le
ss
 D
er
iv
at
iv
e
Dimensionless Time, tD/C D
100
50
0
S 1
k1h1+k 2h2
S1    Commingled           Crossflow
0
50
100
D
im
en
si
on
le
ss
 D
er
iv
at
iv
e
D
im
en
si
on
le
ss
 D
er
iv
at
iv
e
 = 0.91
D
im
en
si
on
le
ss
 D
er
iv
at
iv
e
D
im
en
si
on
le
ss
 D
er
iv
at
iv
e
D
im
en
si
on
le
ss
 D
er
iv
at
iv
e
  
 - 221 - 
Fig. 5.44 shows the derivative curves for the cases when pressure is above 
and below the dew point pressure. As the skin contrast increases, the 
condensate mobility decreases and the minimum corresponding to crossflow 
effect disappears.  The late time stabilization is reached in all cases. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.44: log-log plots for different skin contrasts in 2-layered system, λ = 
4.5x10-7 for pressure above and below the dew point pressure 
 
The effect of closing the most permeable layer with production only from the 
least permeable is shown in Fig. 5.45 when pressure is above and below the 
dew point pressure. When pressure is above the dew point pressure, the well 
test behaviour is similar to commingled system at early times, whereas at late 
times, a radial flow stabilization is reached which corresponds to k1h1+k2h2. 
Once the pressure is below the dew point pressure and condensate bank 
develops, the effect of decreasing gas mobility can be seen on the derivative 
plot. 
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Figure 5.45: log-log plots for a 2-layered system, λ = 4.5x10-7 for pressure above 
and below the dew point pressure, layer 1 closed 
 
5.4.6.2 Commingled behaviours 
 
The effect of skin contrasts between layers in commingled systems was 
simulated with vertical permeability set at zero for the same production 
history. Figs. 5.46 to 5.47 show the rate contributions of the different layers for 
the cases above and below the dew point pressure, with the skin factor of the 
least permeable layer set at zero. As with crossflow, the production rate ratio 
of the zero skin, least permeable layer is much greater in the high skin, most 
permeable layer at early and late times when pressure is above the dew point 
pressure, except for skin 0 in both layers. Once a condensate bank is created, 
the low skin, least permeable layer contributes less to production due to the 
much more reduced near-wellbore gas relative permeability resulting from the 
higher pressure drop and additional skin at late times. The high skin, most 
permeable layer has a lower condensate saturation (Fig. 5.50). At late times, 
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the production rate ratios of the most and least permeable layers are very 
different when the pressure is above and below the dew point pressure.  
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.46: Rate contributions, S1= 0, 10, 50, 100, P>Pdew, λ = 0 showing the 
effect of skin contrast on layer productivity 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.47: Rate contributions, S1= 0, 10, 50, 100, P<Pdew, λ = 0 showing the 
effect of skin contrast on layer productivity 
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Figs. 5.48 to 5.49 show the early and late time behaviours of production rate 
ratios with changing skin contrasts. The observed trends are similar to that 
observed for the crossflow cases. As the skin contrasts increase, early time 
production rate ratio of the high skin, most permeable layer decreases and the 
late time stabilization decreases almost linearly. 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.48: Early time rate contributions at stabilization, S1= 0, 10, 50, 100, 
P>Pdew, λ = 0 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.49: Late time rate contributions at stabilization, S1= 0, 10, 50, 100, P>Pdew, 
λ = 0 
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Figure 5.50: Condensate saturation profiles, S1=100, λ = 0  
 
Fig. 5.51 compares the simulated commingled behaviour with analytical 
solutions for various skin contrasts. A good match is obtained at later times. 
As the skin contrast increases, the derivatives tend towards the radial flow 
stabilization corresponding to total kh as time tends to infinity.  The derivative 
curves for various skin contrasts when pressure is above and below the dew 
point pressure are compared in Fig. 5.52.  
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Figure 5.51: log-log plots for different skin contrasts in a 2-layered reservoir, λ 
= 0 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.52: log-log plots for different skin contrasts in a 2-layered reservoir, λ 
= 0 for pressure above and below the dew point pressure 
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5.4.7 Reservoir performance with and without crossflow 
 
The performance of commingled and crossflow systems were simulated by 
assuming constant terminal pressure conditions. A maximum drawdown of 
1500 psia was allowed for cases where pressure was above and below the 
dew point pressure. The model was run for 2000 days with bottomhole 
pressure control and an initial gas rate of 40MMscf/d. Fig. 5.53 shows the 
cumulative production for various λ values for pressure above and below the 
dew point pressure. It can be seen that commingled systems recover less gas 
in either case.  
 
When pressure is above the dew point pressure, the difference in cumulative 
recoveries for crossflow systems is very small. However, when pressure is 
below the dew point pressure, the reservoir with the largest lambda has the 
highest recovery. It was shown earlier that with high lambda value and 
pressure below the dew point pressure, the least permeable layer becomes 
choked by its condensate bank. This means the gas in the least permeable is 
produced through formation crossflow to the most permeable layer. The 
effectiveness of communication in reservoirs seems to be better in two phase 
flow reservoirs than in single phase reservoirs.  
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.53: Comparison of cumulative gas production for different λs for 
pressure above and below the dew point pressure 
 
0
10
20
30
40
50
60
70
0.0 250.0 500.0 750.0 1000.0 1250.0 1500.0 1750.0 2000.0 2250.0 2500.0
λ=0
λ=2.2x10-4
λ=4.5x10-7
λ=4.6x10-8
P>Pdew
P<Pdew
C
um
ul
at
iv
e 
G
as
 P
ro
du
ct
io
n 
(B
sc
f)
C
um
ul
at
iv
e 
G
as
 P
ro
du
ct
io
n 
(B
sc
f)
Time (days)
C
um
ul
at
iv
e 
G
as
 P
ro
du
ct
io
n 
(B
sc
f)
C
um
ul
at
iv
e 
G
as
 P
ro
du
ct
io
n 
(B
sc
f)
C
um
ul
at
iv
e 
G
as
 P
ro
du
ct
io
n 
(B
sc
f)
C
um
ul
at
iv
e 
G
as
 P
ro
du
ct
io
n 
(B
sc
f)
  
 - 228 - 
The gas production rate as a function of time is shown in Fig. 5.54. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.54: Comparison of gas production rates for different λ for pressure 
above and below the dew point pressure 
 
5.4.8 Extension to three and four-layered reservoirs 
 
3-layer and 4-layer models were constructed to investigate the effect of 
layering order and increased heterogeneity on the behaviours of layered gas 
condensate systems. The effect of layering order was determined by running 
different cases as shown in Table 5.7. The interaction of the most permeable 
layer to least permeable layer was determined in a reservoir with crossflow. 
The skin factors for all layers were assigned a value of zero. Park and Horne 
(1989) investigated the pressure response of 3-layered system. They focused 
on the analytical solutions of single-phase flow. 
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Table 5.7: Summary of reservoir parameters for 3 and 4-layered reservoirs 
 
In this study, numerical solutions were compared with analytical solutions by 
running cases where the bottomhole pressure is above the dew point 
pressure. The simulation was then run ensuring that the bottomhole pressure 
is below the dew-point pressure in order to have 2-phase flow in the reservoir. 
The effect of condensate drop-out on the pressure response was determined 
for different cases. Several scenarios were run for each case. kv/kh was set at 
0.1 in all cases. 
 
5.4.8.1 Case A 
 
In Case A, the most permeable layer is on the top and the least permeable 
layer is at the bottom. Taking vertical permeability as 10% of horizontal 
permeability yields λ values of 8.7x10-6 for crossflow from layer 2 to layer 1 
and 9.6x10-7 for crossflow from layer 3 to layer 2. The mechanical skin factor 
in the model was set at zero for all the layers.  
 
Analytical (Bourdet, 1985) and numerical solutions are compared in Fig. 5.55 
and a good match is obtained when all the layers are open. The blue curve 
shows the behaviour when only the uppermost layer is open. There are two 
minima on the derivative, corresponding to crossflow from the second layer to 
the most permeable layer 1 and crossflow from the third layer (least 
permeable) to the middle layer at late times. The derivative also indicates high 
Case k1 (mD) k2 (mD) k3 (mD) k4 (mD) 
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skin due to partial penetration.  As more layers are open to flow, the total skin 
factor decreases because the pressure drop is lower as more pay section is 
open to flow. The depth of the minimum is also reduced as more layers are 
open to flow. 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.55: Layered simulation with crossflow, P>Pdew 
 
The case with all layers open was investigated further by determining the 
effect of a growing condensate bank on the derivative shape. The gas 
production rate was varied from 10 MMscf/d to 70 MMscf/d (maximum 
attainable constant rate). Fig. 5.56 shows the corresponding derivative 
shapes. As with a 2-layered reservoir, at early times the zone of decreased 
gas mobility due to condensate drop-out increases with production rate. 
Condensate drops out in the reservoir, which decreases lambda and 
increases the storativity ratio (omega). This effect is seen in both minima.  
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Figure 5.56: The rate normalized log-log plot of multi-layered system with all 
layers open, P<Pdew 
 
5.4.8.2 Case B 
 
Case B is the model with the least permeable layer in the middle. Fig. 5.57 
shows the rate normalized derivatives for Cases A and B. All the layers were 
open to flow. Case B shows only one minimum on the derivative, 
corresponding to crossflow from a combination of layer 3 and layer 2 into layer 
1 (most permeable layer).  
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Figure 5.57: The rate normalized log-log plot of layered system with crossflow 
for Case A and B, P<Pdew 
 
Fig. 5.58 shows the wellbore response for different completions. The model 
was run below the dew-point pressure. There are two distinct stabilizations, 
corresponding to condensate bank and dry gas. There is again only one 
minimum at middle times, due to concomittent crossflow from top and bottom 
layers into the middle layer (most permeable layer). The difference in skin 
factor between the different completions is due to near-wellbore condensate 
saturation.  
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Figure 5.58: The rate normalized log-log plot of layered system with crossflow 
for Case C, P<Pdew 
 
5.4.8.3 Case C 
 
The number of layers was increased to four zones with different permeability-
thicknesses. All the layers were open to flow and in hydraulic communication 
(with crossflow). Fig. 5.59 shows the derivative plots obtained when all the 
layers are open. The red curve shows the case when the pressure is above 
the dew point pressure during the entire duration of the test. It can be seen 
that three minimums are evident on the derivative. The three minima 
correspond to crossflow from the second layer to the first layer (most 
permeable), third layer to second layer and finally fourth layer to the third 
layer. The blue and green curves represent cases when the bottomhole 
pressure is below the dew point pressure. As the condensate bank increased, 
the decreased mobility zone is shifted upwards and the final radial flow 
stabilization due to dry gas stabilizes at pD = 0.5. In addition, lambda and 
omega decreases and increases respectively as shown in two and three 
layered reservoirs.  
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The effect of the condensate bank on the pressure response of layered 
systems is independent of the number of layers in communication. The 
number of minimums on the derivative plot is N-1, where N refers to the 
number of layers in hydraulic communication. 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.59: The rate normalized log-log plot of layered system with crossflow 
for Case D, P<Pdew  
 
 
5.5 Example of medium-rich gas condensate layered well 
test behaviour 
 
The first part of this chapter discussed key well test data features in layered 
reservoirs identified using compositional simulation. In this section, actual 
pressure and rate histories are analysed to verify the derivative shapes 
predicted by simulation. Well test analysis results are then confirmed using 
compositional simulation. 
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5.5.1 Well test analysis of well 3 
 
5.5.1.1 Data 
 
The field was discovered in 1998 and is located less than 5 km west of the F-
A platform offshore South Africa. It is a satellite field of the main E-M gas and 
condensate field. The structure is low relief and elongated, with four way dip 
closure (Fig 5.60). The well found a 40 metre gross gas column in the 9A 
sequence. The reservoir is multilayered (Fig. 5.61). The RFT plot is shown in 
Fig. 5.62. Two intervals were perforated, the upper 14 m (zones 1 to 4) and 
the lower 2m (zone 5), separated by 4 m of 9 5/8” casing blank. Zone 5 is a 
high permeability layer, located 7 m above the initial gas water contact 
(GWC). This layer contributes more than 50% of the total production (Fig. 
5.63). 
  
 
 
 
 
 
 
 
 
 
 
 
Figure 5.60: Field structural map 
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Figure 5.61: Well 3 petrophysical Log  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.62: Well 3 RFT plot  
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Figure 5.63: Well 3 mobility plot 
 
The well initially tested up to 33 MMscf/d at a drawdown of 160psi, with a high 
condensate to gas ratio (CGR) of 60 bbl/MMscf, and a water gas ratio (WGR) 
of less than 2 bbl/MMscf. The well was put on production on October 2000. 
The gas rate declined sharply from the start while water production increased, 
until the well had to be shut-in in 2005 for producing too large amount of water 
for the facilities to handle. When the well was tested again in March 2008, it 
was producing at a WGR of 60 bbl/MMscf. Fig. 5.64 shows the pressure 
history since the well started producing until it was shut-in in 2005. All the 
drawdowns are below dew point pressure. The reservoir fluid in well 3 is 
classified as medium-rich to rich gas condensate. The PVT parameters were 
obtained from the PVT analysis of the samples taken during the DST.  
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Figure 5.64: Well 3 pressure and rate histories 
 
Table 5.8 shows the completion and formation parameters of well 3.  
 
Parameter Value Unit 
Casing Size 9 – 5/8 inch 
Tubing Size 4-1/2 inch 
Well radius 0.51 ft 
Formation thickness 53 ft 
Porosity 14 % 
Rock Compressibility 4.23x10-6 1/psi 
Water Saturation 32 % 
Initial Pressure 3044 @2110 mBKB Psia 
 
Table 5.8: Well 3 completion and formation parameters  
 
Table 5.9 summarizes the PVT analysis results. 
 
 
DST (2004)
Pdew= 3020 psia
WELL SHUT
Production Decline
Pressure
Gas Rate
Workover 2009
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Parameter Value Unit 
Gas Compressibility 2.78 x10-4 1/psi 
Water Compressibility 3.11 x10-6 1/psi 
Reservoir Temperature 230 oF 
Standard Temperature 60 oF 
Standard Pressure 14.7 Psia 
Gas Gravity 0.742 cP 
Gas Viscosity 0.0211 cP 
Condensate Gravity 55 oAPI 
Expansion Factor 224  
CO2 Composition 1.69 % 
H2S Composition 0 % 
 
Table 5.9: Well 3 PVT parameters 
 
5.5.1.1 Model Identification and Analysis (Pre-Workover) 
 
Fig. 5.65 shows the rate normalized log-log plot of all the drawdowns and 
build ups. The derivative of drawdowns and some build ups show phase 
redistribution effects. The radial flow stabilizations are shifted upwards, 
corresponding to a decrease in gas mobility due to condensate blockage.  
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Figure 5.65: Well 3 Log-log rate validation plot 
 
Fig.5.66 shows a superposition plot of all useable build ups 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.66: Well 3 superposition plot showing depletion due to boundaries 
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The following features could be inferred from the log-log and superposition 
plots:  
1) DST build up (FP13) shows evidence of wellbore storage (unit slope) and 
skin at early times. The radial flow stabilization, corresponding to reservoir 
behaviour is seen on the derivative log-log plot.  
2) The derivative shows a long transition from wellbore storage to radial flow 
stabilization. This is interpreted as composite behaviour superimposed on 
multi-layering effects.  
 3) The derivatives corresponding to production show evidence of phase 
redistribution effects because the well was full of water. There is evidence of 
boundaries on the log-log plot and this is supported by the superposition plot 
as shown in Fig. 5.66. 
 
Deconvolution was performed in order to better interpret the test data. Fig. 
5.67 shows unit rate normalized deconvolved derivatives with the 
corresponding conventional derivative for flow periods 13, 24, 26 and 32. The 
pseudo-pressures convolved from the deconvolved derivatives were 
compared with measured pressure data (Fig. 5.68) to verify the quality of the 
deconvolved derivatives.  
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.67: Deconvolved derivatives of useable build ups for well 3 (pre-
workover) 
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A good match was obtained between measured pressure and convolved 
pressure. The deconvolved derivatives show similar trends at late times, 
corresponding to channel boundaries. This was consistent with the geological 
description of the reservoir, which described the producing sands to be in 
channelized systems. The deconvolved derivative of DST in blue (pre 
workover) shows a minimum at middle time that could be attributed to multi-
layering effects. The condensate bank effects and radial flow stabilization are 
evident on the deconvolved derivatives.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.68: Comparison of pseudo-pressure and convolved pressure  
 
The unit-rate pressure drawdown from the deconvolved derivatives was 
calculated and analyzed for build up corresponding to FP13 in order to obtain 
the interpretation model shown in Fig. 5.69. The log-log plot shows the initial 
unit slope log-log straight line due to wellbore storage, middle times indicating 
layering effects. The late time effect corresponds to channel boundaries (half-
unit slope). The interpretation model obtained from unit rate analysis is that of 
wellbore storage and skin, multi-layer behaviour and channel boundaries for 
pre-workover data.  
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The calculation for storativity ratio corresponding to flow period 13 is shown 
below (Aluko and Gringarten, 2009): 
  P1 (psia) = 2944  
  P2 (psia) = 3044 
  (Bo)dew = 2.25 
  (Bo)1 = 1.6 
  Storativity ratio = 1.45 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.69: Unit rate analysis of FP 13 (DST)  
 
The adapted rates and measured pressure data were then analyzed in 
InterpretTM with the interpretation model obtained from the unit rate convolved 
pressure drawdown. A radial composite model was also matched on the 
pressure history. Very good matches were obtained on log-log, and pressure 
history plots with a multi-layer model or a 2-zone radial composite model as 
shown in Fig. 5.70 to 5.73. This is consistent with the fact that the condensate 
bank has developed in the reservoir as the pressure is below the dew point 
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pressure. Summary of analysis results is given in Table 5.12. This 
interpretation confirmed the hypothesis that the decline in production is due to 
condensate blockage in the different layers as pressure decline. Well 
productivity deteriorated further when water breakthrough started. 
 
Figure 5.70: log-log match of FP 13 (Multi-layer)  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.71: log-log match of FP 13 (2-zone radial composite) 
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Figure 5.72: Horner match of FP 13 (Multi-layer)  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.73: Simulation match of DST 13  
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The explanation for the increase in water production from the well was that the 
GWC had moved upwards due to depletion and strong aquifer support. The 
first objective of the PLT was to identify the current GWC depth. A RST 
(Reservoir Saturation) log run in static conditions confirmed that the GWC was 
located within the lower perforation interval as shown in Fig. 5.74.  Water flow 
logs also showed some water flow behind casing below the lower perforation 
interval, suggesting aquifer support through some cement channels.  
 
The second objective of the PLT was to quantify the relative contributions of 
each sand unit to the well total gas and water rate. Because of damage of 
some of the tools due to hydrates in the well, there was a degree of error and 
uncertainty in the rates calculated from the PLT data. The temperature and 
density logs remain good indicators of the influx of gas. It is possible that 
Sand #4 is actually tight and that the contribution from perforation #4 was a 
result of flow behind casing. Fig. 5.75 shows the well flowing fluid profile. It 
can be seen that the lower zone contribute 50% of total production and more 
water than the upper layers. Water flow logs in flowing condition again 
showed some water flow behind casing below the lower perforation interval. 
The logs could not identify any flow behind casing between the perforations 
but this may be due to tool resolution limitation and does not allow discarding 
the possibility of flow behind casing due to cement channelling between the 
two perforation intervals. 
 
As the PLT had confirmed that the lower perforation interval was the main 
source of water production it was decided to isolate it by setting two packers 
on each side and performing a cement squeeze between the packers. This 
was not successful. After the operation, the packers were tagged deeper than 
the base of the lower perforations and the isolation had to be done with 
successive cement plugs instead. The final top of cement was tagged one 
meter above the base of the upper perforation interval.  
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Figure 5.74: Well 3 RST log 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.75: Well 3 flowing fluid profile 
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Given the poor well response following the cement isolation, the upper 10 
meters of the upper interval were re-perforated and 1 more meter added 
above. It was decided not to re-perforate the 3 meters of initial perforations 
above the top of cement in order to maximise the standoff distance from the 
water contact.  
 
After water shut off and reperforation runs, the well was cleaned up for about 
2 days. It was then shut in to restabilise the reservoir prior to the step rate test 
and to check the validity of the bottomhole gauge readings (the SIBHP was 
found 332psi lower than expected due to mistakes in parameters input). This 
first build up lasted for 15 hours as slick line had to be fully rigged up before 
flowing the well again. Two flowing steps were then performed at 6.5 and 10 
MMscf/d, followed by a final build up of 24 hours. During the clean up and 
step rate test, the WGR varied between 3 and 10 bbl/MMscf (10 bbl/MMscf 
during the 13 MMscf/d clean up period). This is 5 times lower than the WGR 
before the water shut off (50 bbl/MMscf).  
 
Fig. 5.76 shows unit rate normalized deconvolved derivatives of pressure data 
of post-workover test. The derivative plot shows wellbore storage at early 
times and unit-half slope at late times, corresponding to channel boundaries. 
The deconvolved derivative of FP 98 (post-workover) does not show a valley 
at middle times because the most permeable layer has been shut off. This is 
consistent with theoretical investigations showed in section 5.3. The 
stabilization evident on the derivative plot is also possibly due to condensate 
bank as the pressure during the drawdowns was below the dew point 
pressure. The pseudo-pressures convolved from the deconvolved derivatives 
were compared with measured pressure data (Fig. 5.77).   
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Figure 5.76: Deconvolved derivatives of useable build ups for well 3 (post-
workover) 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.77: Comparison of measured pseudo-pressure and convolved 
pseudo-pressures for well 3 (post-workover) 
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5.5.1.2 Model Identification and Analysis (Post-workover ) 
 
Based on the deconvolved derivatives in Fig. 5.76, the interpretation model is 
that of wellbore storage and skin, radial composite model with channel 
boundaries. The storativity ratios for different flow periods are given in Table 
5.10.  
 
Flow Period p1 (psia) p2 (psia) (Bo)dew (Bo)1 2/1][ hct  
13 2944 3044 2.25 1.6 1.45 
98 1926 3044 2.25 1.4 2.50 
 
Table 5.10: Calculation of storativity ratios for well 3 
 
The model parameters show very high total skin. This is because of early time 
partial penetration effects due to closing off the most permeable layer. Figs. 
5.78 to 5.80 show the log-log, Horner and pressure history matches for FP 98 
(post-workover) using the radial composite model.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.78: log-log match of FP 98 (Post-workover) 
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Figure 5.79: Well 3 horner match of FP 98 (Post-workover) 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.80: Well 3 simulation match of FP 98 (Post-workover) 
 
The model used yields a good match on the log-log and the Horner Plots. The 
main reservoir parameters from clean up and production build ups are given in 
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Table 5.11 for multi-layer analysis of DST FP13. The 2-zone radial composite 
models fitted to FP 13 and 98 are given in Table 5.12. 
 
Parameter Parameter Unit FP13 
Unit 
Pressure  
FP13 
With 
Adapted 
rates 
(pav)i Initial Pressure psia 3044 3044 
kh Permeability-Thickness mD.ft 11085 11024 
kav Average Permeability mD 235 210 
S(t) Total Skin  6.8 7.4 
C Wellbore Storage  
Coefficient 
Bbl/psi 0.06 0.06 
k1 (xy) Layer 1 horizontal 
permeability 
mD 35 22 
k2 (xy) Layer 2 horizontal 
permeability 
mD 1636 1542 
k1(z) Layer 1 vertical permeability mD 3.5 0.08 
k2(z) Layer 2 vertical permeability mD 0.02 0.8 
S(1) Layer 1 Skin  5.4 10.1 
S(2) Layer 2 Skin  7.1 7.2 
D1 Distance to boundary 1 ft 1300 1600 
D3 Distance to boundary 2 ft 2000 1900 
Dinv Distance of Investigation ft 2420 2420 
 
Table 5.11: Well 3 analysis parameters (Multi-layer model) 
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Parameter Parameter Unit FP13 
Clean-up 
FP98 
Production 
(pav)i Initial pressure psia 3044 3044 
kh Permeability-Thickness mD.ft 11085 11085 
k2  mD 235 235 
C Wellbore storage 
coefficient 
Bbl/psi 0.06 0.06 
Skin (w) Wellbore Skin  5.9 25.9 
Skin (t) Total Skin  9.5 320 
R1 Bank radius ft 9.0 330 
(pch)1/2 Storativity ratio  1.45 2.50 
(kh/µ)1/2 Mobility ratio  0.71 0.1 
D1 Distance to boundary 1 ft 1350 1100 
D3 Distance to boundary 2 ft 1990 1640 
Dinv Distance of Investigation ft 2420 3730 
 
Table 5.12: Well 3 Analysis Parameters (Radial Composite model) 
 
Summary of well test interpretation of well 3  
 The radial flow stabilization corresponding to decreased gas mobility 
due to condensate bank is apparent on the derivative plots. The 
reservoir behaviour, corresponding to dry gas mobility is also evident 
on the derivative plots of DST build ups.  
 The derivative plots of build ups pre-workover show that layering 
effects are superimposed on composite behaviour. The system 
behaves as commingled when the most permeable layer is closed and 
condensate bank stabilization and layering behaviour (most permeable 
layer closed) merge with boundaries.   
 The range of total skin values varies from 9 to 320. The size of the 
bank is estimated at 9 and 330 ft.  
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5.5.2 Compositional Simulation of Well 3 
 
5.5.2.1 Model Set up 
 
A single vertical well model was constructed in order to fully understand well 
performance and condensate bank development in well 3. The model 
consisted of 5 zones (with 9 sublayers) with 35x35x9 cells in a Cartesian grid. 
The reservoir has a net pay section of 52.5 ft and the entire reservoir section 
was completed. The reservoir boundaries (F1 and F2) were set as obtained 
from the actual well test analysis. The basic reservoir rock and fluid properties 
are given in Table 5.13.   
  
The model was initialized with a pressure of 3044 psia at the datum depth of 
2100 mbKB, which is at mid perforations. The model configuration for 
simulated well 3 is shown in Fig. 5.81. The configuration is based on well test 
interpretation, which showed that the well is in the middle of two parallel faults.  
 
 
 
 
 
 
 
 
 
 
Figure 5.81: Well 3 model configuration 
 
 
 
 
 
 
F2F1
P1
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Characteristic Value 
Porosity (%) 14 
Horizontal permeability (mD) 235 
Layer 1 horizontal permeability (mD) 22.2 
Layer 2 horizontal permeability (mD) 1542 
Layer 1 vertical permeability (mD) 0.0831 
Layer 2 vertical permeability (mD) 0.79 
Reservoir thickness (ft) 52.5 
Net to Gross (fraction) 1 
Connate water saturation (%) 32 
Wellbore radius (ft) 0.51 
Initial reservoir pressure (psia) 3044 
 
Table 5.13: Basic simulation input data for well 3 
 
5.5.2.2 Relative Permeability Curves 
 
The relative permeability curves were generated by using Corey Analytical 
functions due to the absence of measured data.  The base model used critical 
condensate saturation of 10%, exponents of 3.6, critical gas saturation of 5% 
and connate water saturation of 31%.  The model was run with capillary 
number model and non-Darcy parameters. The Geetsma correlation was used 
for the estimation of the non-Darcy coefficients.  
 
Parameter Default Values E300 Simulation Well 1 
NCB 1x10-6 1x10-4 
mo 80 80 
mg 24 24 
n1o 24 24 
n1g 6 30 
n2o 0 0 
n2g 0 0 
a 0.005 0.005 
b 0.5 0.5 
c 0.5 0.5 
d 5.5 5.5 
 
Table 5.14: Capillary number and Non-Darcy model parameters 
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5.5.2.3 PVT Data 
 
The PVT data in well 3 was based on representative samples taken from a 
gas condensate sandstone reservoir. The Peng-Robinson Equation of State 
was selected to generate the full range of PVT properties shown in Appendix 
A. The methodology described in Chapter 3 of this report was used to 
generate the EOS model. Figs. 5.82 to 5.85 show the EOS match fitted to 
experimental data. The matched dew point pressure of 3010 psia compared 
well with measured dew point pressure of 3020 psia.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.82: Well 3 CCE Relative volume showing experimental data and EOS 
match 
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Figure 5.83: Well 3 CVD vapour viscosity showing a good match between 
experimental data and EOS match 
 
 
 
 
 
 
 
 
 
Figure 5.77: Well 3 simulation match of FP 98 (Post-workover) 
 
 
 
 
 
 
Figure 5.84: Well 3 CVD vapour Z-factor showing a match between 
experimental data and EOS match 
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Figure 5.85: Well 3 CCE liquid showing match between experimental data and 
EOS match 
 
5.5.2.4 History match of well test data 
 
The history match process was similar to that described in chapter 4 of this 
report. The model was constrained by gas rate while the capillary number 
parameters were modified to match bottomhole pressure. The match was 
based on production pre-workover and post-workover. 
 
Fig. 5.86 shows the simulated pressure response and actual pressure data of 
pre-workover DST and production. The entire pressure data was simulated, 
including post-workover history. It can be seen that reasonable trend is 
obtained when the entire pressure history including post-workover is 
simulated. The match is poorer when the well was shut-in for extended 
periods due to water loading. This is expected because the simulation model 
did not include wellbore effects. The capillary number models used to match 
the data are given in Table 5.14. 
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Figure 5.86: Comparison of measured and simulated bottomhole pressure for 
well 3 
 
The simulated pressure response was analyzed. The resulting derivative 
compares well with that from measured data (Fig. 5.87). Fig. 5.88 shows the 
comparison of simulated and actual pressures for the production test post- 
workover.  
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Figure 5.87: Log-log matches of compositional simulation and measured data 
(FP13) 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.88: Comparison of measured and simulated bottomhole pressure 
(FP98) 
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The calculated pressure derivative of FP 98 was compared with actual data as 
shown in Fig. 5.89. A good match is obtained, indicating that analytical results 
are consistent.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5.89: Log-log matches of compositional simulation and measured data 
(FP98)  
 
The radius of the condensate bank at different production times was 
determined by plotting the condensate saturation profiles at different times 
(Fig. 5.90). It can be seen that the zone of improved mobility due to capillary 
number is evident. The size of the bank in the least permeable layer is smaller 
than in the most permeable layer (lower layer). However, near the wellbore 
the condensate saturation is greater in the least permeable layer (upper zone) 
than in the most permeable layer. This is consistent with the results obtained 
by compositional simulation of synthetic well test data. 
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Figure 5.90: Well 3 condensate saturation profile 
 
 
5.6 Summary  
 
The objective of this chapter was to develop an understanding of well test 
behaviours in medium-rich to rich gas condensate layered reservoirs using 
well test analysis and compositional simulations. The theoretical investigations 
were confirmed by well test interpretation and compositional simulation of 
actual well tests. Based on the results presented, the following conclusions 
are made; 
 Composite behaviour due to condensate bank and a multi-layer 
behaviour are superimposed, with the condensate bank appearing on 
top of multi-layer effects. 
 The production rate ratio of the most permeable layer to the least 
permeable layer becomes constant and equal to the mobility ratio (κ) 
when the bottomhole pressure is above the dew point pressure in 
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reservoirs with formation crossflow. However, as the pressure drops 
below the dew point pressure and condensate bank develops in the 
reservoir, the most permeable layer production rate ratio tends to 1 as 
the least permeable layer is choked by its condensate bank. 
 In multi-layered reservoirs with crossflow, ω (storativity ratio) and λ 
(interflow porosity coefficient) increases and decreases respectively as 
condensate drops out near the wellbore. This is evident on the 
pressure build up derivative for 2 or more layered reservoirs. 
 In multi-layered systems with pressure below the dew point pressure 
and condensate drop out in the reservoir, the condensate bank is larger 
in the most permeable layer. The near-wellbore liquid saturation, on the 
other hand, is higher in the least permeable layer. It becomes the same 
in both layers as pressure in both layers stabilizes when production 
time and rate increases. 
 As skin contrasts in different layers increases, crossflow systems 
behaves as commingled at early times when pressure is above and 
below the dew point pressure. 
 In commingled systems, derivatives tend toward radial flow but never 
reach it as time increases to infinity. 
 The effect of reservoir crossflow is more pronounced in two-phase flow 
reservoirs than in single-phase reservoirs.  
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Chapter 6 
 
 
6.0 SIMULATION RESULTS OF GRAVITY 
SEGREGATION IN MEDIUM-RICH TO RICH GAS 
CONDENSATE RESERVOIRS 
 
 
6.1     Introduction 
 
Different processes take place near to and away from the wellbore region in 
gas condensate reservoirs. As pressure decreases and the bottomhole 
pressure drops below the dew-point pressure, a liquid bank develops which in 
time becomes mobile. Once the liquid becomes mobile, well impairment 
occurs, which may be irreversible in some cases. Liquid segregation may 
occur due to the difference in density between gas and condensate. Liquid 
accumulation and mobility in the reservoir are governed by the balance 
between three main mechanisms: gravity segregation, capillary hold up and 
viscous drag.  
 
Dimensionless numbers are used to compare the strengths and effects of the 
above-mentioned forces. The capillary number is the ratio of the viscous to 
the capillary forces. The effect of capillary number on gas condensate 
reservoirs is discussed in chapter 4 of this report. The next dimensionless 
number is the Bond number, which is the ratio of the gravity to the capillary 
forces.  
 
The Bond number is defined as follows: 
 

gRlBo                                                                               (6.1) 
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where  Bo = Bond number 
          Δρ = density difference between liquid and gas phases 
            σ   = interfacial tension between liquid and gas phases 
  R   = entry pore size 
             l    = porous medium length 
            g    = acceleration of gravity 
 
Three configurations can be identified: region 1 near the wellbore where 
velocity is high and interfacial tension is higher, resulting in high Capillary 
number and low Bond number. Region 2 is the area of low velocity, 
intermediate interfacial tension, translating into low capillary number and high 
Bond number. Region 3 is the area of low velocity, much lower interfacial 
tension, which means high capillary number and high Bond number.  
 
In order for segregation to occur, gravity must be dominant over the capillary 
effects that favour condensate trapping. The condensate forms continuous 
films on the solid substrate or on water, if the interstitial water is present in the 
porous medium. The continuous films may be immobile if gravity is not strong 
enough compared to capillarity.  Takeda et al., (1997) investigated the effect 
of condensate drop-out in the reservoir using numerical simulation. They 
included gravity effects in their model. They did not report the impact of gravity 
on the condensate drop-out in the reservoir.  Jessen et al., (2006) investigated 
enhanced recovery processes in 1D, 2D and 3D models. They included 
gravity to study the impact of a mobile liquid bank on the overall efficiency of 
the enhanced condensate recovery process. They concluded that gravity does 
not affect the condensate bank.  
 
The objective of this work is to model the effects of gravity segregation in 
medium-rich to rich gas condensate reservoirs when the bottomhole pressure 
drops below the dew point pressure and condensate drops out in the 
reservoir.  
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6.2     Methodology 
 
Simulations presented in this report so far used a compositional simulator to 
take into account compositional changes in the reservoir. The current Eclipse 
300 simulator is not capable of including vertical equilibrium model. An 
alternative approach was to use a black oil simulator. 
 
A medium-rich to rich gas condensate fluid (Fluid B) was selected for this 
study. The CGR for the fluid ranges from 100 to 110 bbl/MMscf. In order to 
model gravity segregation, Eclipse 100 black oil simulator was used with black 
oil PVT properties. 
 
The black-oil PVT properties were generated with an appropriate EOS model 
using the Whitson-Torp procedure (Whitson et al., 1983). The depletion type 
experiment selected was a CVD test. At each step in the depletion test, the 
equilibrium oil and gas are taken separately through a surface separation 
process. The black-oil model PVT system consisted of two reservoir phases – 
oil and gas and two surface components. The equilibrium calculations were 
made using the solution gas-oil and solution-gas ratios. A single set of 
constant surface gas and oil densities was used to calculate reservoir 
densities.  
 
The vertical equilibrium option (VE) in Eclipse 100 was used to simulate 
gravity segregation. The compressed Vertical Equilibrium option was selected 
in this model. It allows modelling a reservoir in which the entire reservoir 
section is assumed to be in vertical equilibrium. If this assumption holds, then 
gravity dominates the viscous effects and we can assume that the phase 
distribution is such that the less dense phases are above the denser fluids. 
The physical model assumed in the compressed vertical equilibrium option is 
different with the conventional uncompressed description of the vertical 
equilibrium description, in that vertical equilibrium is assumed across the 
entire section, in contrast to within each original cell (representing a geological 
layer) individually (Eclipse manual, 2009). 
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The simulation model has 40x40x15 grid cells. Corner-point geometry was 
used. Relative permeabilities were based on straight lines to take capillary 
number effects into account. The thickness of each layer is 5.5 ft, to increase 
the resolution of vertical movement of fluids. The model contains one vertical 
producer, which is located down dip in cell (40, 1, 1) and all the layers were 
perforated. The effect of heterogeneity of the reservoir was also investigated.  
 
Two cases were run, with Case A consisting of 15 layers with a constant 
horizontal permeability of 10 mD and porosity of 10%. Case B was a layered 
system with the permeability increasing from 1 mD at the top to 100 mD at the 
bottom. The reservoir had dip angle of 0 and 5 degrees, again to increase the 
strength of gravity. The different cases were run with a constant rate followed 
by a build up. The initial pressure was 4300 psia, 100 psia above the dew 
point pressure. 
 
The models were also run in predictive mode with bottomhole pressure control 
(pressure limit of 1500 psia) in order to determine the effect of gravity on gas 
and oil productivity. The reservoir properties of each layer are given in Table 
6.1. 
 
Case k1 (mD) 
Layer 1-5 
k2 (mD) 
Layer 6-10 
k3 (mD) 
Layer 11-15 
A 10 10 10 
B 1 10 100 
Total Thickness (ft) 75 75 75 
 
Table 6.1: Reservoir parameters in the black oil model 
 
The horizontal permeability was assumed constant in all layers. The initial 
objective of the simulation run was to compare pressure drops when gravity 
effect is maximized. The model was initially run with kv/kh of one to ensure 
vertical movement of fluids.  
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6.3     Simulation Results  
 
6.3.1 Model Validation 
 
In order to validate the black oil model, PVT properties and production rates 
were compared with that in the compositional model. The validation was 
conducted on a tilted reservoir with 5 degrees tilt angle produced for 700 days 
at a constant gas rate of 10 MMscf/d with bottomhole pressure controlling 
mode. Fig. 6.1 shows a difference of 3% in the oil density profile for 
compositional and black oil models. The difference is 8% for the oil viscosity 
(Fig. 6.2). These results indicate that the black oil model is effective in 
modeling the movement of fluids in gas condensate reservoirs and could be 
used to model gravity effects when pressure is below the dew point pressure 
and condensate deposition occurs in the reservoir.  
 
 
 
 
 
 
 
 
 
 
 
 
Figure 6.1: Comparison of density from black oil model and compositional 
model 
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Figure 6.2: Comparison of oil viscosity from black oil model and compositional 
model 
 
In order to ensure consistency between PVT properties and production flows, 
gas and oil production rates were compared in Fig. 6.3 and 6.4. The model 
was run for 2000 days in order to determine if there is any major change that 
occurs as production time increases. It was observed that the difference 
between black oil and compositional flows is below 5%. The difference is 
acceptable for the purpose of this study. 
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Figure 6.3: Gas production profile comparison of black oil and compositional 
model 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 6.4: Oil production profile comparison of black oil and compositional 
model 
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6.3.2 Well Test Responses 
 
Fig. 6.5 compares the pressure profiles in the model with Vertical Equilibrium 
and without vertical equilibrium for flat and tilted reservoirs after total 
production times of 400 days. The production scheme consists of two 
drawdowns and two build ups. There is no significant difference between the 
cases when VE is included and not included for flat reservoirs. However, 
when the reservoir is tilted by 5 degrees, the model predicts a small increase 
in pressure drop. This is due to small amounts of oil, which settle at the 
bottom of the lower zone near the wellbore, creating an additional skin. The 
magnitude of the skin factor is shown in Fig. 6.6: the pressure and derivative 
plots show a slight increase in skin when the VE option is included. This 
implies that partial penetration is not created near the wellbore because this 
would usually show a significant increase in skin factor.  
 
 
Figure 6.5: Pressure profile comparison of flat and tilted reservoirs with and 
without VE 
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Figure 6.6: Comparison of log-log plots for cases with and without VE option 
 
6.3.3 Condensate Saturation and Gas Relative Permeability Profiles 
 
The condensate saturations in the upper and lowest layer were plotted as a 
function of radial distance from the well. Fig. 6.7 shows the condensate 
saturation distributions in layer 1 and 15 during the drawdown. As the 
bottomhole pressure is below the dew point pressure, a condensate bank 
forms in the reservoir with varying saturations in the different layers. The 
lowest layer (layer 15) indicates much higher moveable liquid saturation than 
the upper layer. The condensate in the upper layer (layer 1) drains towards 
the lower layer due to gravity effects. The condensate saturation is a 
maximum near the well and reaches 10% and 60% for layer 1 and 15, 
respectively.  
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Figure 6.7: Condensate saturation distribution in the y-direction for layer 1 and 
15 in a tilted reservoir (5 degrees) 
 
Fig. 6.8 represents the condensate saturation variation with increasing 
production time for the cells very near the wellbore in the different layers. At 
early times, the saturations are similar, but change drastically after 2 days of 
production. The saturation in the upper layer increases slightly, and then 
decreases as the liquid drains towards the lower parts of the reservoir. The 
condensate saturation in the lower layer continues to increase with decreasing 
pressure.  
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Figure 6.8: Condensate saturation profile with increasing time in the y-direction 
for layer 1 and 15 in a tilted reservoir (5 degrees) 
 
Condensate saturation maps for layer 1 and 15 are shown in Figs 6.9 to 6.10.  
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 6.9: Condensate saturation map for layer 1 in a tilted reservoir (5 
degrees) 
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Figure 6.10: Condensate saturation map for layer 15 in a tilted reservoir (5 
degrees) 
 
Fig 6.11 shows the gas relative permeability profile in the upper and lower 
layers at the end of DD2 (150 days), which is consistent with the condensate 
saturation profile. The gas relative permeability in the lower layer is reduced 
significantly by the mobile condensate. The oil relative permeability increases 
to 80% near the well due to the high condensate saturations. The mobile oil in 
the upper layer extends up to 10ft away from the well, which implies that the 
effect of condensate drop out in the upper layer is minimum compared to the 
lower layer, with most of the oil in that layer mobile as shown in Fig. 6.12. The 
upper layers are gas-dominated flow and the lower layers are oil-dominated 
flow.  
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Figure 6.11: Gas relative permeability distribution in the y-direction for layer 1 
and 15 in a tilted reservoir (5 degrees) 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 6.12: Oil relative permeability distribution in the y-direction for layer 1 
and 15 in a tilted reservoir (5 degrees) 
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Figs. 6.13 to 6.14 show the gas and oil relative permeability profiles with 
increasing production time.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 6.13: Gas relative permeability profile in the y-direction for layer 1 and 
15 in a tilted reservoir (5 degrees) with increasing production time 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 6.14: Oil relative permeability profile in the y-direction for layer 1 and 15 
in a tilted reservoir (5 degrees) with increasing production time 
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6.3.4 Gas and Oil Production Profiles 
 
Fig. 6.15 shows the gas production per layer after 150 days in a 
homogeneous reservoir with a tilt angle of 5 degrees (weak force of gravity) 
and without Vertical Equilibrium (VE). The uppermost layer has the highest 
production followed by the middle layers. The lowest layer produced the least 
amounts of gas. The gas rate in the lower layer is reduced because the oil 
relative permeability is increased in that zone, due to the induced gravity 
because of tilting the reservoir. The increased oil relative permeability reduces 
the gas relative permeability as shown in Figs. 6.11 to 6.14. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 6.15: Gas production per layer in a tilted reservoir without VE showing 
higher production in the upper layers 
 
Fig. 6.16 represents the oil production per layer when the reservoir is tilted 
(weak gravity effect). The oil production is highest in the lower zone because 
of gravity drainage and increased oil relative permeability. The upper layer 
shows the least production rate because most of the oil would naturally drain 
towards the bottom zones. 
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Figure 6.16: Oil production per layer in a tilted reservoir without VE showing 
higher oil production in the lower layers 
 
Fig. 6.17 shows gas production per layer when the vertical equilibrium option 
is included in the model and the reservoir is tilted to increase the strength of 
gravity. It can be seen that gas production is severely reduced in layers 13 to 
15. The reduction in production occurs within a day of production. This is 
because condensate develops in the reservoir and segregates to the lowest 
parts of the reservoir until vertical equilibrium is reached. Fig. 6.18 represents 
the oil production rates per layer. The oil production is draining out more in the 
bottom layers, where gravity impacts are larger. This implies that the gas 
mobility is reduced to the benefit of oil mobility in zones where gravity effects 
are significant. 
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Figure 6.17: Gas production per layer in the model with VE showing 
significantly higher gas production in the upper layers 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 6.18: Oil production per layer in the model with VE showing much 
higher oil production in the bottom layers 
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Next, the model was run for 6.5 years in order to determine the effect of 
gravity segregation on well productivity. The simulation was run at an initial 
gas rate of 10 MMscf/D with bottomhole pressure control (pressure limit of 
1500 psia). Two cases where simulated, a homogenous layer with 15 layers 
with constant horizontal permeability (Case A) and a second case with varying 
permeabilities between layers (Case B).  
 
Fig. 6.19 compares recovery of gas as a function of time in the homogenous 
reservoir (Case A). The plot shows that gravity segregation slightly reduces 
cumulative production of gas. The vertical equilibrium option increases the 
strength of gravity and allows oil to flow rapidly instead of settling in the near-
wellbore region. The increase in oil mobility reduces the gas relative 
permeability; hence, the gas production is reduced.  
 
Fig. 6.20 shows oil cumulative production in a homogenous reservoir. It can 
be seen that oil production is enhanced when gravity segregation takes place 
in the reservoir. The oil production increased when the reservoir is tilted 
because the velocity of oil bubbles increases due to gravity drainage effects. 
The increase in oil production results in less gas being produced.  
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 6.19: Cumulative recovery of gas in a homogeneous reservoir (Case A) 
showing lower cumulative gas for the case with VE 
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Figure 6.20: Cumulative recovery of oil in a homogeneous reservoir (Case A) 
showing higher cumulative oil for the case with VE (5 degrees) 
 
A second model (Case B) was investigated with increased heterogeneity. In 
chapter 5 of this report, it was shown that crossflow occurs from the least 
permeable layer to the most permeable layer. The same model as presented 
in the homogeneous case was adopted but with parameters as given in Table 
6.1. The well location and initialization of the model was similar to that in the 
homogenous case. The model was run for 6.5 years with bottomhole pressure 
control and initial gas rate of 10 MMscf/D.  
 
Fig. 6.21 shows the recovery of gas as a function of time. It can be seen that 
gas production is reduced more compared to the homogenous case when the 
reservoir is tilted and vertical equilibrium option is included in the model. This 
is because crossflow effects induce additional gravity effects. The trend shows 
similar results to what was observed for the homogeneous case. Fig. 6.22 
represents the recovery of oil as a function of time. In the layered case, more 
oil is produced in the heterogeneous case compared to the homogeneous 
case. 
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Figure 6.21: Cumulative recovery of gas in a heterogeneous reservoir (Case B) 
showing lower cumulative gas for the case with VE (5 degrees) 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 6.22: Cumulative recovery of oil in a heterogeneous reservoir (Case B) 
showing higher cumulative oil for the case with VE (5 degrees) 
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Eq. 6.2 shows the viscous to gravity ratio, which should be less than one for 
vertical equilibrium to occur near the well. In practice, the viscous to gravity 
number is 0.1 or less for gravity dominated flow to occur.   
 
gk
vN
v
o
vg 

                                                                              (6.2) 
 
where: Nvg is the viscous to gravity number 
            v is the fluid velocity (m/s) 
  μo is the oil viscosity (Pa.s) 
 ρ is fluid density (kg/m3) 
 kv is the vertical permeability (m2) 
 
The calculated viscous to gravity number using the parameters in Table 6.2 is 
9995, which implies that flow is viscous dominated 10ft away from the 
wellbore. 
 
Parameter Value 
(Field) 
Value 
(SI) 
Pore gas velocity 681 ft/D 0.00240 m/s 
Oil viscosity  0.16 cP 0.00016 Pa.s 
Vertical Permeability 10 mD 9.87x10-15 m2 
Oil Density 35 lbm/ft3 576 kg/m3 
Gas Density 14 lbm/ft3 232 kg.m3 
Gravity  9.81 m/s2 
 
Table 6.2: Reservoir and fluid parameters (10ft away from wellbore) used in the 
calculation of viscous to gravity number 
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6.4 Summary 
 
The objective of this work was to determine the effects of gravity segregation 
in medium-rich to rich gas condensate reservoirs when the bottomhole 
pressure is below the dew point pressure and condensate drops out in the 
reservoir. The study was aimed at establishing whether gravity forces create 
partial penetration due to the settling of condensate near the well when the 
condensate bank develops in the reservoir. A black-oil model with vertical 
equilibrium option was used to simulate homogeneous and heterogeneous 
reservoirs with different tilt angles. The viscous to gravity number showed that 
the flow is viscous dominated near the well; therefore vertical equilibrium (VE) 
is not appropriate to simulate the effects of gravity segregation near the well.  
 
 
 
 
 
 
 
 
 
 
 
 
  
 - 286 - 
Chapter 7 
 
 
7.0 HYDRAULIC FRACTURING AND 
HORIZONTAL WELLS TO REMEDIATE 
CONDENSATE BLOCKAGE IN MEDIUM-RICH TO 
RICH GAS CONDENSATE RESERVOIRS 
 
 
7.1 Introduction 
 
In this chapter, simulation of hydraulic fracturing vertical wells and drilling of 
horizontal wells was studied to remediate production losses due to 
condensate banking in medium-rich to rich gas condensate reservoirs. 
Several researchers (Hashemi, 2005 and Baig, 2005) have investigated 
hydraulic fracturing and horizontal wells in lean gas condensate reservoirs. 
The key research question was whether to produce the well then create a 
fracture beyond the condensate bank or initiate fracture prior to the start of 
production in order to maximize recovery. The purpose of this study is to 
determine the best remedial option between drilling horizontal wells and 
hydraulic-fracturing vertical wells.  
 
It was shown in Chapter 5 that in multi-layered reservoirs, the least permeable 
layer is chocked by its condensate bank. The effect of hydraulically fracturing 
multi-layered reservoirs is investigated. Complex scenarios, such as fracturing 
both layers and only the least permeable layer to improve and restore 
productivity are studied. 
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7.2 Remedial options for productivity improvement in gas-
condensate reservoirs 
 
Several methods for removal of condensate banks around producing wells 
have been suggested. These include hydraulic fracturing of vertical wells, gas 
cycling, solvent injection and drilling horizontal wells. In gas cycling, the 
condensate liquid is separated and dry gas is re-injected into the reservoir. 
Gas cycling usually requires additional expenditures for drilling additional 
wells and compression systems (Marokane et al., 2002) but seems to be 
effective in reducing the condensate saturation away from the well, although it 
tends to increase the saturation in the near-wellbore region (Aluko and 
Gringarten, 2009) . In the solvent injection technique, a solvent is pumped into 
the formation in order to alter the wettability of the reservoir rocks near the 
wellbore from strongly liquid wet to intermediately gas wet (Fahes and 
Firoozabadi, 2005).  
 
Studies conducted in gas condensate reservoirs have shown that higher 
pressure drawdown yields higher condensate drop-out in the reservoir, which 
impedes gas flow. The drilling of horizontal wells instead of vertical wells or 
hydraulically fracturing vertical wells before or after the development of the 
condensate bank has been suggested. In this study, horizontal wells and 
hydraulically fractured vertical wells are investigated in medium-rich to rich 
gas condensate reservoir.   
 
7.2.1 Horizontal Wells 
 
Horizontal wells are drilled to increase reservoir contact with the wellbore, 
increase drainage area and reduce possible water and gas coning. In vertical 
well, the reservoir is limited to the height of the reservoir. Horizontal well 
requires a much smaller pressure drawdown to produce at the same rate as a 
vertical well. On the other hand, horizontal wells are expensive: Joshi (1991) 
showed that depending upon the drilling method, completion technique and 
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drilling experience in a given location, horizontal wells would cost up to 3 
times more than vertical wells. 
 
The performance of horizontal wells can be expressed by the ratio of 
horizontal to vertical productivity indices (Joshi, 1988): 
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where: 
5.04 ])/2(25.05.0)[2/( LrLa eh  
 
The horizontal producing length Lh has to be greater than h(kh/kv)1/2 for 
horizontal wells to be more effective than vertical wells. Muladi and 
Pinczweski (1999) investigated the difference between production 
performance of vertical wells and horizontal wells in gas condensate 
reservoirs. They concluded that horizontal wells performed better than vertical 
wells in high permeability reservoirs.  
 
Horizontal wells can exhibit a number of different flow regimes during their 
transient behaviour. The 3-dimensional nature of flow geometry, lack of 
symmetry and the number of parameters required to characterize the flow 
makes pressure interpretation difficult. Depending on the values of the 
reservoir parameters, one or more of the flow regimes may be missing. The 
following are the parameters that are significant to the nature of horizontal well 
transient: ratio of vertical to horizontal permeability (kv/kh), the position of the 
well relative to the thickness of the formation (zW/h), and the effective length of 
the well relative to the formation height (Lw/h). When a horizontal well is put on 
production, three successive flow regimes with different durations develop in 
the reservoir (Daviau et al., 1988):  
 Radial vertical flow 
 Linear flow 
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 Pseudo-radial flow 
 
Unless hidden by wellbore storage effect, the first flow regime is early radial 
flow. The presence of the upper and lower boundaries has not been felt yet at 
the wellbore. The well behaves as it would in a vertical well in a reservoir of 
infinite extent. This early radial flow, which yields a first stabilization, provides 
hvkk L.  Next, linear flow, which yields a half-unit slope log- log straight line 
on the derivative, develops if impermeable upper and lower boundaries exist 
and the horizontal well length is greater than h(kh/kv)1/2.  Linear flow may not 
develop if the formation is thick, or if kv/kh is very small.  
 
A pseudo-radial flow regime develops after linear flow. Flow is radial in the 
horizontal plane towards the well, producing a final stabilization, which yields 
the horizontal permeability. The two stabilizations may or may not develop 
depending on the well length, location, reservoir and fluid properties. Fig. 7.1 
shows the expected derivative for the horizontal well. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.1: Different flow regimes in horizontal wells and corresponding 
derivatives (Gringarten, 2006) 
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During the early time radial flow period, a semilog straight line is obtained with 
slope m1 given by: 
 


WH Lk
qBm 6.1621          (7.2) 
 
where α is the vertical to horizontal permeability ratio (kv/kh) and Lw is the total 
effective length of the well. 
 
The skin factor is estimated as follows: 
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The slope of the semi-log straight line gives an estimate of the geometric 
mean permeability hvkk . 
 
During the late time radial flow, another semi-log straight line is expected with 
slope:  
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The skin factor can be found from: 
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where the geometric effect sz (for )25.1/  wD Lhh  is given by: 
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Hashemi et al., (2004) conducted a study aimed at establishing an 
understanding of the near-wellbore well test behaviour in horizontal wells in 
gas condensate reservoirs. He concluded that condensate deposit near the 
wellbore yields a well test composite behaviour, similar to vertical wells, but 
superimposed on a horizontal well behaviour. 
 
7.2.2 Hydraulic fracturing of vertical wells 
 
Hydraulic fracturing has been proven to be effective for improving the 
productivity of oil and gas reservoirs. Hydraulic fracturing involves pumping a 
fluid at high pressure into the formation to exceed the rock strength and open 
a fracture into the rock (Howard and Fast, 1970). The vertical fracture is 
usually filled with propping agents to prevent the fracture from closing. During 
drilling, mud fluids may enter cracks and pore space at the wellbore, resulting 
in damage to the permeability at and near the wellbore. Hydraulic fracturing 
can be used to remove the damage.  
 
Hydraulic fractures are characterized by dimensionless fracture conductivity, 
which is defined by Pratts (1961): 
 
f
ff
CD kx
wk
F           (7.7) 
 
where k represents the reservoir permeability and xf is fracture half-length.  
 
There are two types of fractures, infinite conductivity and finite conductivity 
fractures. Finite conductivity fractures are very long fractures with limited 
permeability and typically have Fcd values of less than 300. Infinite 
conductivity fractures are generally short fractures with no pressure drop 
inside the fracture and typically have fracture conductivities greater than 300.  
Cinco-Ley and Samaniego (1981a) derived a type curve of dimensionless 
effective wellbore radius rwe/xf against dimensionless fracture conductivity FCD 
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as shown in Fig. 7.2. The effective wellbore radius for an infinite conductivity 
fracture is defined as follows: 
2/fwe xr           (7.8) 
 
Valkò and Economides (1998) introduced optimization techniques using 
fracture length and fracture conductivity to calculate an optimal dimensionless 
fracture conductivity at which productivity is maximum. They defined a 
pseudo-steady-state productivity index, J, as follows: 
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where JD is defined as follows: 
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CA is Dietz’s reservoir shape factor (Dietz, 1965) and γ is the Euler’s constant.  
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.2: Effective wellbore radius for a finite conductivity fracture 
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Settari et al., (1996) found that proppant fracturing was effective in reducing 
the effect of condensate blockage on productivity index (PI) of hydraulically 
fractured wells in a complex, highly heterogeneous reservoir, containing rich 
gas. They concluded that the reduction of condensate blockage depends on 
the fracture length, fracture conductivity and heterogeneity. The authors did 
not investigate the optimal time to fracture the well. They did not use well test 
analysis to verify the simulation model.  
 
Al-Hashim and Hashmi (2000) used compositional simulator to investigate the 
effect of hydraulic fracture on the performance of a layered rich gas 
condensate reservoir. They concluded that formation crossflow improves the 
productivity of fractured and non-fractured wells and that the improvement is 
more pronounced in the fractured case. The authors did not investigate the 
impact of delaying fracture on condensate saturation and productivity.  
 
Baig et al., (2004) compared productivity of vertical unfractured well with 
fractured wells in lean gas condensate reservoir using numerical simulation 
and well test analysis. They studied fracturing after the bank had formed. 
They concluded that productivity becomes impaired for both non-fractured and 
fractured well, but the rate at which production declines is slower for fractured 
well. They also concluded that it is better to fracture before the pressure drops 
below the dew point pressure. Hashemi (2006) compared productivity of 
fractured well with non-fractured for lean and rich gas. He used numerical 
simulation and well tests analysis. He concluded that fractured wells in rich 
gas perform better than in lean gas. He did not investigate the impact of 
delaying fracturing until the pressure is below the dew point pressure and 
condensate bank had developed in the reservoir.   
 
 
7.3 Simulation of horizontal wells 
 
Hashemi (2006) presented results of a compositional simulation study to 
predict the well test behaviour of horizontal wells in gas condensate 
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reservoirs. The purpose of the study was to understand the impact of Nc 
effects. The study, limited to lean fluids, showed that near-wellbore 
condensate deposit in a horizontal well yields a well test composite behaviour 
similar to that in a vertical well, but superimposed on the normal horizontal 
well behaviour. The researcher also investigated the effectiveness of 
horizontal wells vs. hydraulic fractures in lean gas condensate reservoirs.   
 
In this project, a 3D fully compositional model was used to predict long-term 
well deliverability and investigate the possibility of condensate bank dropout. 
This was done by simulating the fluid behaviour around a gas-condensate well 
and generates bottomhole pressure responses under different conditions. The 
dynamic behaviour was simulated using Eclipse E300 simulator. 
  
The expected low drawdown pressure for horizontal well, compared to vertical 
well for the same flow rate, should considerably reduce retrograde 
condensation. The performance of horizontal wells was compared with that of 
vertical wells. The comparison includes liquid saturation profiles and 
cumulative production, and lean gas condensate fluid. 
 
7.3.1 Model set-up and validation 
 
A single horizontal well model was constructed consisting of 40x40x13 grid 
blocks. A Cartesian grid was developed to simulate a single layer 
homogeneous reservoir of 100 ft thickness. The horizontal well is located at 
the centre of a grid block and the length of the horizontal was varied. The 
reservoir is of infinite extent. The size of the grid blocks was increased in the x 
and y-direction to accurately simulate the gas-condensate behaviour near the 
wellbore. In order to capture fluid behaviour around the well, very small time 
steps were used. The basic reservoir rock and fluid properties are given in 
Table 7.1.   
  
The model was initialized at the datum depth of 2900 mTVDSS and an initial 
pressure slightly above dew point pressure.  
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Characteristic Value 
Porosity (%) 10 
Reservoir Thickness (ft) 100 
Horizontal Permeability (mD) 1.5 
Vertical Permeability (mD) 0.15 
Net to Gross (fraction) 1.0 
Connate Water Saturation (%) 30 
Wellbore Radius (in) 0.354 
Initial Reservoir Pressure (psia) 4300 
 
Table 7.1: Basic simulation input data 
 
The PVT data used in the model was based on Fluid B (CGR=110bbl/MMscf) 
and Fluid C (CGR=18bbl/MMscf) as described in chapter 3 of this report. The 
matched EOS was used as an input file for the compositional simulation. The 
file included appropriate EOS, the critical properties of the fluid components 
and equilibrium compositions as shown in Appendix A. 
 
A set of relative permeability data was calculated using Corey analytical 
functions. Capillary number model was included in the simulation runs in order 
to capture high velocity effects. 
 
Parameter Default Values 
E300 
NCB 1x10-6 
mo 80 
mg 24 
n1o 24 
n1g 6 
n2o 0 
n2g 0 
 
Table 7.2: Capillary number model in the simulation 
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In order to validate the horizontal well model, the simulated pressure response 
was first verified with analytical solutions. The pressure and rate history is 
shown in Fig. 7.3. Figs 7.4 to 7.6 show analytical interpretation model in red 
and simulated data in blue. It can be seen that a very good match is obtained, 
confirming that the numerical model is correct. The model was then run above 
and below the dew point pressure, for a 150 day drawdown followed by a 50 
day shut-in. Fig. 7.4 shows the log-log plot of cases when bottomhole 
pressure are above (green curve) and below the dew point pressure (blue 
curve). It can be seen that three successive flow regimes with different 
durations develop in the radial vertical flow, linear flow (half unit slope) and 
pseudo radial flow. Wellbore storage and mechanical skin were not included 
in the model. When the bottomhole pressure is below the dew point pressure, 
the early stabilization corresponding to vertical radial flow is shifted upwards 
due to the condensate bank (Fig. 7.7). This is consistent with the Hashemi 
(2006) findings.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.3: The pressure and rate history for horizontal well simulation 
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Figure 7.4: The log-log validation of horizontal well with analytical solution 
(Daviau et al., 1988) 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.5: The Horner validation of horizontal well with analytical solution 
(Daviau et al., 1988) 
Simulation
Analytical
  
 - 298 - 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.6: The simulation validation of horizontal well with analytical solution 
(Daviau et al., 1988) 
  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.7: The log-log validation of horizontal well 
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7.3.2  Simulation results 
 
The model was run below the dew point pressure, with 50 days of drawdown 
and 50 days of build up. The gas production rate was kept constant at 
10MMscf/d. Fig. 7.8 compares the pressure drop when the condensate bank 
has formed in the reservoir with a vertical well in blue, for different horizontal 
well lengths. It can be seen that the longer the horizontal well length, the 
smaller the drawdown. A horizontal well length of 1050 ft yields a 200 psia 
drawdown. The size of the condensate bank is proportional to the pressure 
drawdown, therefore little condensate drop-out is expected in the reservoir for 
very high well lengths. Fig. 7.9 shows the condensate profiles in the y-z plane 
(perpendicular to the well) for different horizontal well lengths and a vertical 
well. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.8: Comparison of pressure drawdown of vertical and horizontal wells 
in medium-rich gas condensate reservoir 
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Figure 7.9: Comparison of condensate saturation profiles of vertical and 
horizontal wells in medium-rich gas condensate reservoir 
 
Horizontal wells are very effective in reducing condensate drop-out in the 
reservoir. A horizontal well length of 245ft has a slightly higher pressure 
drawdown than the vertical well, although the condensate saturation reached 
is 18% compared to 36% for the vertical well. The size of the condensate 
bank is the same in all cases because the radius of condensate bank is 
proportional to the gas production rate.  
 
Figs. 7.10 to 7.11 show saturation maps comparing condensate banks from 
vertical and horizontal wells. The saturation maps are consistent with the 
condensate saturation profiles. The condensate saturation around the well is 
much higher and distributed evenly around the vertical well. For a horizontal 
well, the condensate saturation is much lower than in the vertical well. The 
heel and the toe of the horizontal well develop much higher saturations than 
along the well length and far from the well (Fig. 7.11). 
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Figure 7.10: Condensate saturation map showing condensate bank in a vertical 
well  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.11: Condensate saturation map showing condensate bank in a 
horizontal well (Lh = 440ft) 
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Joshi recommended that in order for horizontal wells to be effective in oil and 
gas wells, the following equation should apply: 
 2/1)/( vhh kkhL         (7.11) 
where Lh: Horizontal well length (ft) 
  h: Reservoir thickness (ft) 
  
Different well lengths were run with different reservoir thicknesses. A 
comparison was made between the vertical and horizontal well productivity 
index as described by Joshi. The model was run below the dew point 
pressure. The dimensionless well length as defined below was plotted against 
the ratio of productivity index of horizontal wells to those of vertical wells. The 
dimensionless well length (Ozkan et al., 1989), LD, is given by:  
hv
h
D kkh
LL /
2

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         (7.12) 
 
where kv is the vertical permeability. 
 
If the formation is isotropic (kx=ky) and LD=0.5, then the surface area available 
for fluid production is identical to that of a fully penetrating vertical well (Orzan 
et al., 1989). Fig. 7.12 shows that better improvement for a given 
dimensionless well length is obtained in thinner reservoirs particularly at 
higher dimensionless horizontal well lengths. This is because thin reservoirs 
gain higher contact area with the well than thick reservoirs. 
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Figure 7.12: Comparison of productivity indexes with dimensionless well 
length of vertical and horizontal wells in a medium-rich gas condensate 
reservoir 
 
7.3.2.1 Effect of fluid richness 
 
The effect of fluid richness on the effectiveness of horizontal wells was studied 
by simulating a long-term production with lean (fluid C) and medium-rich (Fluid 
B) fluids. It was shown in earlier chapters that rich gas yields much higher 
condensate drop-out in the reservoir than lean gas. The model was run with 
bottomhole pressure control and a gas production rate of 10 MMscf/d. The 
model allowed a pressure drawdown of 1800 psia in all the cases simulated. 
The model was run for 7 years. Fig. 7.13 represents production profiles of rich 
and lean gas fluids for vertical well and horizontal wells of different lengths.  It 
can be seen that for vertical well and LD = 0.39, the gas rate declines 
immediately as soon as the well is opened for both lean and rich gas fluids 
and that the vertical well experiences a much sharper decline in production. 
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The gas rate decreased to 50% of the initial gas production rate. In lean gas, 
vertical well production decline by 30% over 7 years of production. 
 
However, when the well length of horizontal well is increased to LD = 0.7 and 
1.2, the gas plateau rate of 10 MMscf/d is maintained for lean gas condensate 
fluid. For rich gas, the plateau rate for the entire duration is maintained only 
with LD = 1.2. 
 
 
 
.  
 
 
 
 
 
 
 
 
 
 
 
Figure 7.13: Comparison of gas production rates of vertical and horizontal 
wells in lean gas condensate reservoir 
 
Fig. 7.14 compares cumulative productions of vertical wells in rich gas 
condensate reservoirs (solid lines) with those of lean gas (dotted lines).        
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Figure 7.14: Comparison of cumulative gas production of vertical and 
horizontal wells in lean and rich gas condensate reservoir 
 
The effectiveness of horizontal wells in remediating productivity losses due to 
the condensate bank is determined by the relative percentage increase in 
production of horizontal well over vertical well (Fig. 7.15). The percentage 
increase over vertical well is calculated as follows: 
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where Np is the cumulative gas production 
 
Productivity improvement is higher for medium-rich gas than for lean gas 
(over 35% in medium-rich gas) for high well lengths. 
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Figure 7.15: The percentage increase of production of horizontal well over 
vertical in lean and medium-rich gas  
 
Hashemi (2006) showed that for rich gas there is a significant increase in well 
productivity as the horizontal well length increases: over two folds for Lh=800 
ft whereas it was only 75% for lean gas (CGR = 30 bbls/MMscf). He 
concluded that while horizontal wells increase productivity in lean gas 
systems, their performance is even better with rich gas (CGR = 60 
bbls/MMscf). Results of this study confirm  Hashemi (2006)’s conclusion, that 
for large well lengths, well productivity improvement is higher for rich gas than 
for lean gas. However, in the current study, the very lean gas (CGR = 18 
bbls/MMscf) and medium-rich to rich fluids (CGR = 110Bbls/MMscf) 
investigated show much lower increase in productivity: lean (20%) and 
medium-rich to rich (35%) for LD = 1.2. This suggests that very high 
productivity improvements over vertical wells are not achieved with very lean 
and medium-rich to rich gas condensate fluids with much higher CGRs. This 
emphasizes the importance of understanding phase change and well test 
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behaviours of the different fluids with varying richness as was shown in 
Chapter 4 of this report.  
 
7.4 Simulation of hydraulic fracturing 
 
In this section, numerical simulations of fractured and un-fractured vertical 
wells are presented. A medium-rich fluid (Fluid B) was simulated to compare 
the effectiveness of hydraulic fracturing vertical wells in improving productivity 
once the bottomhole pressure falls below the dew point pressure and a 
condensate bank developed.  
 
7.4.1 Model set-up and validation 
 
A single vertical well model was developed consisting of 43x23x1 grid blocks. 
A Cartesian grid was used to simulate a single layer homogeneous reservoir 
of 100 ft thickness. The vertical well was located at the centre of a grid block. 
The size of the grid blocks was increased in the x direction to accurately 
simulate the gas-condensate behaviour near the wellbore. Very small time 
steps were used to capture near-wellbore effects. The basic reservoir rock 
and fluid properties are listed in Table 7.1. In order to simulate the fracture, 
the grid blocks in the x-direction were varied from 0.05 to 100 ft. In the y-
direction the fracture cells were kept constant at 1ft. Two regions were created 
when modelling hydraulic fracture. The relative permeability curves 
representing the reservoir were similar to those used in Chapter 4 of this 
report. Capillary number model with the parameters given in Table 7.2 was 
included. Straight line relative permeability curves were assigned to the 
fracture. In order to vary fracture conductivity, the fracture permeability was 
kept constant at 5000mD and the fracture length varied. The fracture model 
was validated by running a model with a fracture half-length of 130ft for 400 
days of drawdown and 150 days of build up. The model is compared with 
analytical solution in Figs. 7.16 to 7.18 and shows good matches on log-log, 
Horner and simulation plots.  
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Figure 7.16: The log-log validation of infinite conductivity fracture with 
analytical solution (Gringarten et al., 1974) 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.17: The Horner match validation of infinite conductivity fracture with 
analytical solution (Gringarten et al., 1974) 
Analytical
Simulation
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Figure 7.18: The simulation match validation of infinite conductivity fracture 
with analytical solution (Gringarten et al., 1974) 
 
7.4.2 Simulation results 
 
7.4.2.1 Hydraulic fracture before depletion 
 
The model was run for one drawdown and a subsequent build up as shown in 
Fig. 7.19. The gas production rate remained constant at 5 MMscf/d. The 
pressure drop for vertical well was compared with that for fracture lengths 
from 300ft to 740ft. It can be seen that the pressure drop is reduced as 
fracture half-length increases. The pressure was below the dew point 
pressure during the drawdowns. Fig. 7.20 represents the condensate 
saturation profile at the end of a drawdown for different fracture half-lengths 
and a vertical un-fractured well. The condensate saturation in the near-
wellbore region is higher for the un-fractured well, but the size of the 
condensate bank in the y-direction is the same for all as it is a function of the 
production rate. The zone of reduced mobility due to the condensate bank is 
reduced significantly when the reservoir is hydraulically fractured. 
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Figure 7.19: The simulation model results of fractured vs. unfractured well’s 
pressure drop 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.20: The condensate saturation profile comparison of fractured and un-
fractured well at the end of drawdown 
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7.4.2.2 Long term productivity forecast 
 
Next, productivity enhancement due to hydraulic fracturing was investigated. 
The model was run for 7 years with bottomhole pressure control and an initial 
gas rate of 10 MMscf/D. A pressure drawdown of 1800 psia was allowed in all 
the cases ran. The fracture half-length was varied from 90 ft to 300ft. Fig. 7.21 
shows the gas production profiles for rich gas: the longer the fracture half-
length, the longer the plateau rate of 10MMscf/d. The unfractured vertical well 
shows that decline occurs at the onset of production.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.21: Comparison of production rate of fractured and un-fractured wells 
in medium-rich to rich gas condensate reservoir 
 
Fig. 7.22 shows that the cumulative production for hydraulically fractured 
vertical wells recovery increases by more than 40% over vertical wells for a 
fracture half-length of 300ft.   
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Figure 7.22: Comparison of cumulative production of fractured and un-
fractured wells in medium-rich gas condensate reservoir 
 
7.4.2.3 Delayed hydraulic fracturing effect 
 
It is possible to fracture a well which is partially depleted, but not all wells are 
suitable candidates. Some of the main considerations that will determine 
whether a well is suitable are: 
 How has the well been completed? 
 Casing design and strength 
 Completion size and set up 
 Existing perforation intervals  
 
In order to determine the optimum time to introduce a fracture, the model was 
run for a period of 500 days, when the size of the bank reached 1000ft. A very 
long hydraulic fracture of 1300ft fracture half-length was then created. Fig. 
7.23 shows the condensate saturation (y-direction) profiles before and after 
the fracture was introduced in the x-direction during drawdown periods. 2 days 
after fracturing, the size of the bank was the same as before fracturing, 
however, the condensate saturation profile near the wellbore was reduced to 
zero. The zone of decreased mobility was reduced significantly and the 
productivity of the well is being improved correspondingly. As the production 
Un-fractured
XF = 300ft
XF = 200ft
XF = 90ft
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time increased, the condensate saturation increased again. After 400 days of 
production after fracturing, the saturation distribution is close to the conditions 
just before the fracture. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.23: The condensate saturation profile comparison of delayed 
fracturing 
 
The saturation maps are shown in Figs 7.24 to 7.27. 
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Figure 7.24: Condensate saturation distribution after 500 days before hydraulic 
fracturing 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.25: Condensate saturation, 10 days after hydraulic fracturing 
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Figure 7.26: Condensate saturation, 400 days after hydraulic fracturing 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.27: Condensate saturation, 1000 days after hydraulic fracturing 
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The effect of delaying hydraulic fracturing was studied. The fracture half-
length was set at 130ft. Fig. 7.28 compares the gas production rate when 
fracturing is delayed by 1 to 3 years.  
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.28: Comparison of production rate of vertical stimulated and un-
fractured wells in rich gas condensate reservoir with delayed time of fracturing 
 
It can be seen that production declines immediately once the well is open to 
flow in the case of a non-fractured well. However, the production plateau can 
be restored with a fracture. It can be maintained for a longer period if the 
fracture is initiated 6 months after the start of production. Fracturing the well 
after 3 yrs re-establish the plateau for approximately 100 days, whereas 
fracturing after 6 months of production re-establish the plateau rate for more 
than 400 days.   
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Figure 7.29: Comparison of cumulative production of vertical fractured and un-
fractured wells in rich gas condensate reservoir with delayed time of fracturing 
 
Fig. 7.29 confirms that it is better to initiate the fracture as early as possible in 
order to maximize hydrocarbon recovery from medium-rich to rich gas 
condensate reservoirs. This confirms the results obtained by Baig. et al. 
(2005). Their study was conducted on lean gas condensate fluids, whereas in 
this study a richer fluid was investigated. They limited fracture delay to 100 
days, whereas, in this study, postponing the fracture was extended to 3 years, 
corresponding to significant depletion before initiating the fracture. They also 
limited their study to homogeneous reservoirs. In section 7.4.4, fracturing of 
multi-layered reservoirs is investigated in detail. 
  
7.4.3 Comparison of horizontal wells and fractured wells in 
homogeneous reservoirs 
 
Horizontal wells and fractured vertical wells reduce condensate saturation and 
improve well productivity. Fig. 7.26 shows the relative increase in cumulative 
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gas production below the dew point pressure. For the same reservoir and rich 
fluid, a horizontal well with a length of 770 ft is approximately equivalent to a 
fracture with a half-length of 200 ft. The relative increase in hydrocarbon 
recovery is faster in hydraulically fractured vertical wells than horizontal wells. 
For fracture half-length of 300ft, the relative increase in gas production is over 
35%, which is much higher than a horizontal well length of 770ft. The choice 
between horizontal wells and fractured wells is dependent on economics.  
    
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.30: Comparison of % increase in productivity of fractured vertical 
wells and horizontal wells, P<Pdew  
 
7.4.4 Hydraulic fracturing of multi-layered reservoirs 
 
In chapter 5 of this report, it was concluded that the condensate saturations in 
the different layers develop in three successive steps when pressure drops 
below the dew point pressure. It was also shown that the least permeable is 
choked by its condensate bank. Al-Hashim and Hashmi (2004) investigated 
the effect of hydraulically fracturing layered, rich gas condensate reservoirs. 
They reported that the improvement in productivity when pressure is below 
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the dew point pressure is better for crossflow cases. They did not report the 
rate contributions for each layer and how each layer is affected by condensate 
drop out. Furthermore, they did not study the effect of fracturing only the least 
permeable layer and delaying fracturing until the bank has developed.  
 
In this study, several cases were investigated, including, fracturing all the 
layers or fracturing only the least permeable layer. In addition, the timing of 
the fracture and the effect of fracture half-length were investigated.  
 
7.4.4.1 Model Set Up 
 
The simulation models are similar to those presented in chapter 5. The 
fracture modelling design adopted is similar to the one presented in section 
7.4.1. The reservoir parameters are given in Table 5.2. Only two layers were 
modelled.  
 
7.4.4.2 Fracturing all layers 
 
A fracture with half-length of 130ft was created before start of production in 
both layers. The pressure was kept above the dew point pressure for the 
duration of the test. Fig. 7.31 shows the production rate ratios for the most 
permeable layer 1 and the least permeable layer 2 for several λ values. The 
production rate ratios of the most perm layer 1 are reduced by the fracture for 
all λ values, and those of layer 2 increases correspondingly (Fig. 7.32). The 
early time values are different in all cases, whereas they are similar for un-
stimulated cases. For high λ values (2.2x10-4), the production rate ratio of the 
least permeable layer is higher than the most permeable layer in the fracture 
case. This means the fracture is more effective in the least permeable layer 
for high λ values. At late times, stabilization is reached for all crossflow cases. 
The late time stabilizations are different because fracturing modifies the initial 
production rates of the different layers and the mobility ratios (
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Park and Horne (1989) showed that the late time layer production rate can be 
approximated as follows: 
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Using Eq. 7.14 with the assumption that skin in both layers is zero implies that 
productivity of the layers at late times is proportional to the productivity ratio. 
Hydraulic fracture does not change the permeability of the given formation but 
creates a permeable channel for reservoir fluids to contact the wellbore. This 
implies that the flow capacity of the layers was changed by the hydraulic 
fracture from the original flow capacities, which changes the productivity ratio. 
The late time stabilizations changed from 0.91 to 0.77 (λ =0), 0.74 (λ =4.5x10-
7) and 0.57 (λ =2.2x10-4) due to fracturing. Fracturing decreases the 
production rate of the most permeable layer 1 by 35% for λ value of 2.2x10-4, 
much higher than for λ values of 4.5x10-7 (16%) and  zero (12%). 
 
 
 
 
 
 
 

 
 
 
 
Figure 7.31: Comparison of fractured and un-fractured vertical wells 
production rate ratio of layer 1 for different λs, P>Pdew 
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Figure 7.32: Comparison of fractured and un-fractured vertical wells 
production rate ratio of layer 2 for different λs, P>Pdew 
 
In Fig. 7.33 and Fig. 7.34, the bottomhole pressure is below the dew point 
pressure. For the fractured cases, the production rate ratio of layer 1 first 
stabilizes at , and then increases again, as in the unfractured cases. The 
production rate of layer 2 tends to stabilize at 1-, and then decreases. The 
fracture reduces the time at which the least permeable layer gets chocked by 
its condensate bank. The time at which, the least permeable layer is chocked 
by its condensate bank is faster for commingled and for crossflow with low λ in 
fractured cases. However, for unstimulated cases, the time at which the 
production rate of the least permeable layer tends to 0 is faster for high 
lambda values. 
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Figure 7.33: Comparison of fractured and un-fractured vertical wells 
production rate ratio of layer 1 for different λs, P<Pdew 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.34: Comparison of fractured and un-fractured vertical wells 
production rate ratio of layer 2 for different λs, P<Pdew 
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Figs. 7.35 and 7.36 show the condensate saturation distribution for the 
different λ values, corresponding to fractured and unfractured cases. The 
condensate saturation in the most permeable layer is lower for fractured 
cases. The reduction of condensate saturation is higher for high λ values, 
particularly in the least permeable layer 2.  
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.35: Comparison of condensate saturation profiles for un-stimulated 
and fractured cases for different λs (layer 1)  
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.36: Comparison of condensate saturation profiles for un-stimulated 
and fractured cases for different λs (layer 2)  
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Fig. 7.37 compares the cumulative production for various λ values for 
pressure above the dew point pressure for layer 1. It can be seen that 
commingled case recover less gas in an unfractured case, but more gas in 
fractured case. The reservoir with the largest lambda has the lowest recovery. 
This is the opposite for layer 2 (Fig. 7.38), where the reservoir with the highest 
lambda produces more gas. This means the effect of fracture is more effective 
in the least permeable layer, particularly for reservoirs with high vertical 
permeabilities. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.37: Comparison of cumulative gas production for un-stimulated and 
fractured cases for different λs (layer 1), P>Pdew 
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Figure 7.38: Comparison of cumulative gas production for un-stimulated and 
fractured cases for different λs (layer 2), P>Pdew 
 
When pressure is below the dew point pressure, the cumulative production 
trends are similar to the case with pressure above the dew point pressure as 
shown in Figs. 7.39 and 7.40.  
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.39: Comparison of cumulative gas production for un-stimulated and 
fractured cases for different λs (layer 1), P<Pdew 
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Figure 7.40: Comparison of cumulative gas production for un-stimulated and 
fractured cases for different λs (layer 2), P<Pdew 
 
7.4.4.2.1 Fracturing all layers after depletion 
 
Fracturing all layers after pressure depletion and the bank had developed was 
studied for lambda of 2.2x10-4. A run was made starting above the dew point 
pressure and dropping below the dew point pressure after several hours. A 
fracture with half-length of 700ft was initiated after 100 days of production. 
Figs. 7.41 and 7.42 represent the condensate saturation distributions for the 
most permeable layer and the least permeable layer. The red dashed line 
indicates the condensate saturation after 100 days of production before the 
fracture was initiated. The condensate saturation (in the y-direction) near-
wellbore increased to 25%, but decreased to 15% after initiating the fracture in 
the x-direction (Fig. 7.41). Thereafter, the condensate saturation continues to 
increase again to initial saturations observed before the fracture. For the least 
permeable layer, the fracture decreased the condensate saturation from 33% 
to 10%. The saturation increases again, as observed for the most permeable 
layer. 
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Figure 7.41: Comparison of condensate saturation profiles for un-stimulated 
and fractured cases for λ = 2.2x10-4 (layer 1), delayed fracturing of all layers 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.42: Comparison of condensate saturation profiles for un-stimulated 
and fractured cases for λ = 2.2x10-4 (layer 2), delayed fracturing of all layers 
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The comparison of the production rate ratios for unfractured and fractured 
cases after 100 days of depletion is shown in Figs. 7.43 and 7.44 for the most 
permeable layer and the least permeable layer, respectively.  It can be seen 
that the production rate ratio of the most permeable tends to one, then the 
well is shut in to initiate the fracture. Thereafter, the production rate ratio of the 
most permeable layer is reduced from 92% before the fracture, to around 
64%. Comparing fracturing before depletion (blue curve) with postponing the 
fracture shows that the difference in the reduction of the production rate ratio 
of the most permeable layer is 8%. The production rate ratio of the least 
permeable layer increases from 9% to 36%.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.43: Comparison of production rate ratios for un-stimulated and 
fractured cases for λ = 2.2x10-4 (layer 1), P<Pdew, delayed fracturing of all layers 
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Figure 7.44: Comparison of production rate ratios for un-stimulated and 
fractured cases for λ = 2.2x10-4 (layer 2), P<Pdew, delayed fracturing of all layers 
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increase of cumulative productions for the most permeable layer and the least 
permeable are shown in Figs. 7.49 and 7.50, respectively,  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.45: Production rate ratio of layer 1 for different λs, P<Pdew, only the 
least permeable layer fractured 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.46: Production rate ratio of layer 2 for different λs, P<Pdew, only the 
least permeable layer fractured 
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Figure 7.47: Production rate ratio of layer 1 and 2 for λ=2.2x10-4, P<Pdew, only the 
least permeable layer fractured 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.48: Production rate ratio of layers 1 and 2 for λ=4.5x10-7, P<Pdew, only 
the least permeable layer fractured 
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Figure 7.49: Comparison of condensate saturation profiles for un-stimulated 
and fractured cases for different λs (layer 1), only the least permeable layer 
fractured 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.50: Comparison of condensate saturation profiles for un-stimulated 
and fractured cases for different λs (layer 2), only the least permeable layer 
fractured 
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Figure 7.51: Comparison of cumulative gas production for un-stimulated and 
fractured cases for different λs (layer 1), P<Pdew, only the least permeable layer 
fractured 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.52: Comparison of cumulative gas production for un-stimulated and 
fractured cases for different λs (layer 2), P<Pdew, only the least permeable layer 
fractured 
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7.4.4.3.1 Fracturing the least permeable layer after depletion 
 
The impact of delaying the fracture in the least permeable layer until a 
condensate bank has developed around the wellbore was investigated. The 
unfractured well was produced for 100 days, with the pressure below the dew 
point pressure and condensate bank formed. The crossflow case is for λ value 
of 2.2x10-4. The fracture was then created in the least permeable layer with a 
fracture half-length of 700ft extending beyond the condensate bank.  The well 
was then produced for 500 days at the same rate as before the fracture. Fig. 
7.53 and 7.54 show the production rates for the most permeable layer 1 and 
the least permeable layer 2, respectively. The production rate of the most 
permeable layer reduced from 91% to 50%, whereas the least permeable 
increased from 9% to 50%.   
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.53: Production rate ratio of layer 1 for λ = 2.2x10-4, P<Pdew, only the 
least permeable layer fractured, after 100 days of production 
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Figure 7.54: Production rate ratio of layer 2 for λ = 2.2x10-4, P<Pdew, only the 
least permeable layer fractured after 100 days of production 
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1 and 2. It can be seen that the fracture restores productivity of the least 
permeable layer 2 (Fig. 7.56). The production rate of the least permeable 
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production rate. It is also evident that it is always better to fracture before 
producing the well to avoid the possibility of the least permeable layer 
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Figure 7.55: Production rate ratio of layer 1 for λ = 2.2x10-4, P<Pdew, only the 
least permeable layer fractured, after the least permeable layer choked 
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Figure 7.56: Production rate ratio of layer 2 for λ = 2.2x10-4, P<Pdew, only the 
least permeable layer fractured, after the least permeable choked 
7.4.4.4 Reservoir Performance 
 
The performance of the crossflow case with lambda of 2.2x10-4 was simulated 
by assuming constant terminal pressure conditions. A maximum drawdown of 
2000 psia was allowed for cases where pressure was below the dew point 
pressure. The fracture half-length for this cases was 130ft. Comparison was 
made between unfractured well, fracturing both layers before pressure 
depletion, fracturing only the least permeable layer and fracturing the least 
permeable layer after depletion and after the least permeable layer is choked 
by its condensate bank. The model was run for 3 years with bottomhole 
pressure control and an initial gas rate of 50MMscf/d. Fig. 5.57 shows the gas 
production rates for cases described above for pressure below the dew point 
pressure. It can be seen that the plateau is only maintained when a fracture is 
created before depletion and a short one when fracture is initiated 100 days 
after start of production.  
 
Fig. 7.58 shows the cumulative gas production comparing the different cases. 
The case where the fracture is created in both layers recovers more gas than 
when only the least permeable layer is fractured. In all the cases studied, it is 
better to fracture before condensate banking develops in the reservoir. 
 
Fig. 7.59 shows the relative increase in cumulative gas production below the 
dew point pressure for the different cases. The relative increase in 
hydrocarbon recovery is faster when hydraulically fracturing both layers. In the 
case of fracturing both layers before production, the relative increase in gas 
production is over 75%, which is higher than for fracturing only the least 
permeable layer (60%). The relative increase in cumulative production for 
layered reservoirs with crossflow is much higher than for the homogeneous 
cases presented in section 7.3 of this report. This is contrary to the results 
presented by Settari et al., (1996), which concluded that increasing 
heterogeneity decreases the relative benefits of fracturing. This is because in 
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their study, the possibility of the least permeable layer choking by its 
condensate bank was not investigated. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.57: Comparison of gas production rates for un-fractured and fractured 
cases for λ = 2.2x10-4, P<Pdew 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 7.58: Comparison of cumulative gas production for un-fractured and 
fractured cases for λ = 2.2x104, P<Pdew 
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Figure 7.59: Relative percentage increase of cumulative gas production for un-
fractured and fractured cases for λ = 2.2x10-4, P<Pdew 
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Finally, a comparison of hydraulically vertical wells and horizontal wells in 
medium-rich to rich gas was made. 
 
In conclusion, horizontal wells are effective in improving productivity in 
medium-rich to rich gas condensate reservoirs below the dew point pressure. 
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in medium-rich to rich gas condensate reservoirs. Delaying fracturing until 
condensate bank had formed decreases hydrocarbon recovery compared to 
fracturing at the beginning of production. It is therefore recommended to 
fracture vertical wells at the beginning of well life in order to reduce pressure 
drop and reduce the near-wellbore condensate saturation. Medium-rich to rich 
gas condensate fluids create high saturation condensate bank and fracturing 
beyond the condensate bank would be very expensive. Comparing hydraulic 
fracturing vertical wells and drilling horizontal wells shows that they are both 
viable for improving productivity. Finally, fracturing the least permeable layer 
after it has been choked by its condensate bank restores productivity of the 
layer. It is better, however, to fracture both layers to increase hydrocarbon 
recovery and delay the possibility of the least permeable layer being choked 
by its condensate bank. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
  
 - 341 - 
Chapter 8 
 
 
8.0 CONCLUSIONS AND RECOMMENDATIONS 
 
 
8.1 Conclusions 
 
The objectives of this project were to investigate the near wellbore pressure 
response of low permeability, medium-rich to rich gas condensate single and 
layered reservoirs. The second part of the project was to investigate the 
effects of gravity on the well productivity of medium-rich to rich gas 
condensate reservoirs. Finally, the effectiveness of horizontal wells and 
hydraulic fracturing of vertical wells in improving performance of medium-rich 
to rich gas condensate reservoirs was investigated.  
 
In this study, a comprehensive understanding of pressure behaviour in low 
permeability, medium-rich to rich gas condensate, single and layered 
reservoirs was developed. The following conclusions were reached: 
 
1. The compositional study showed that during a drawdown period when 
pressure is below the dew point pressure, a condensate saturation is 
created near the wellbore which increases with production time, rate, 
fluid richness and decreasing reservoir permeability. For medium-rich 
to rich fluids, fluid behaviour changes to near critical fluid near the well. 
The time at which this behaviour occurs depends on production rate, 
time, fluid richness and reservoir permeability.  During the subsequent 
build up, above the saturation pressure, the oil dissolves into the gas 
and the fluid in the wellbore vicinity becomes single-phase gas. This 
does not occur in lean gas reservoirs, where the condensate 
saturations at the end of a drawdown and in the subsequent build up 
are very similar. 
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2. Lean and medium-rich gas condensate fluids yield three mobility zones 
on a derivative plot (corresponding to the original gas in place away 
from the well where the pressure is above the dew point pressure; to 
the condensate bank closer to the well; and to capillary number effects 
in the immediate vicinity of the well) whereas only two mobility zones 
are created in the case of rich gas condensate fluids (capillary number 
effects are not seen in practice). 
 
3. Actual well tests showed that dry gas reservoir behaviour is usually not 
seen in production tests in low permeability, medium-rich to rich gas 
condensate reservoirs because condensate bank forms rapidly 
throughout the entire sections of the reservoir and may merge with 
boundaries.    
 
4. Analysis of pressure build ups indicate that wellbore skin decreases 
with increasing gas rate. 
 
5. Phase redistribution and liquid re-injection may dominate the test at 
early and middle times in drawdowns and build ups in low permeability, 
medium to rich gas condensate reservoirs due to low gas production 
rates. Actual well test confirmed re-injection of condensate during 
drawdowns from discontinuities on the derivatives. 
 
6. Composite behaviour due to condensate bank and a multi-layer 
behaviour are superimposed, with the condensate bank appearing on 
top of multi-layer effects. 
 
7. In multi-layered systems with crossflow, ω (storativity ratio) and λ 
(interflow porosity coefficient) increases and decreases respectively as 
condensate drops-out near the wellbore. This is evident on the 
pressure build up derivative for 2 or more layered systems. Layering 
effects (N-1 minima) where N corresponds to number of layers can be 
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identified on the derivatives in crossflow system when the pressure is 
above and below the dew point pressure. 
 
8. Layered systems with crossflow behave as commingled at early times 
as skin contrasts in different layers increases. In commingled systems, 
derivatives do not stabilize but tend to radial flow stabilization as time 
increases to infinity. This is particularly obvious for high skin contrasts, 
when the most permeable zone is damaged. This is applicable when 
pressure is above and below the dew point pressure. 
 
9. Layered reservoirs with crossflow behave as commingled when the 
most permeable layer is closed and pressure is above and below the 
dew point pressure. 
 
10. In multi-layered systems with pressure below the dew point pressure 
and condensate drop out in the reservoir, the condensate saturation 
bank is larger in the most-permeable layer. The near-wellbore liquid 
saturation on the other hand become similar in both layers as pressure 
in both layers stabilizes and much more condensate drops-out in the 
reservoir.  
 
11. The production rate ratio of the most permeable layer to the least 
permeable layer becomes constant and equal to the mobility ratio κ 
when the bottomhole pressure is above the dew point pressure in 
reservoirs with crossflow. However, as the pressure drops below the 
dew point pressure and condensate bank develops in the reservoir, the 
most permeable production ratio tends to 1 as the least permeable 
layer is choked by its condensate bank. 
 
12. Additional information from well test data was extracted by applying 
deconvolution to 2-phase flow gas condensate reservoirs. 
 
13. Interlayer communication has more pronounced effect on the 
cumulative recovery of hydrocarbons when pressure is below the dew 
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point pressure than in dry gas reservoirs. The higher interflow porosity 
coefficient corresponds to better recovery of hydrocarbons when 
pressure is below the dew point pressure.   
 
14.  Horizontal wells are effective in reducing well productivity decline due 
to the condensate bank. The optimal horizontal well length depends on 
economics and reservoir properties such as kh/kv and reservoir 
thickness. Based on the two fluids studied, horizontal wells improve 
productivity for medium to rich gas more than for lean gas. For 
horizontal well lengths investigated, the maximum condensate 
saturations range between 7% and 17%, whereas it is 35% for a 
vertical well. 
 
15. Hydraulic fracturing is effective for improving productivity in medium-
rich to rich gas condensate reservoirs. The fracture reduces pressure 
drop, which reduces the rate at which condensate drops-out in the 
reservoir. 
 
16. With medium-rich to rich fluids, hydraulically fracturing a well before 
production is more efficient than after a maximum condensate 
saturation has been reached. Simulation showed that delaying 
fracturing until the bank has formed and then fracturing beyond the 
bank reduces condensate saturation to zero near the wellbore but 
saturation increases quickly again once production starts. Fracturing 
multi-layered reservoirs restores improves productivity of unstimulated 
wells, and restores productivity in the least permeable when choked by 
its condensate bank. 
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8.2 Recommendations 
 
Based on the above conclusions, the following recommendations are made 
for further investigation: 
 
1. Low permeability, medium-rich to rich gas condensate reservoirs are 
dominated by low production rates. The low production rate causes 
wellbore effects to dominate tests. It is recommended that further 
simulation work be conducted with the inclusion of wellbore dynamics 
in order to simulate the effects of phase redistribution and liquid re-
injection. 
 
2. The contribution of skin due to condensate bank should be studied in 
order to obtain a trend of wellbore skin versus rate, which would be 
representative of 2-phase flow in the reservoir. 
 
3. The effects of gravity in medium-rich to rich gas condensate reservoirs 
should be studied further with a compositional simulator and results 
compared with those obtained with the black oil model. 
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MILESTONES IN GAS CONDENSATE SINGLE AND MULITLAYERED RESERVOIRS 
STUDY 
TABLE OF CONTENT 
 
 
SPE Paper 
n 
Year Title Authors Contribution 
Soc. 
Pet.Eng. J. 
Mar, 43-58, 
1961 
1961 
A Study of The Behaviour of 
Bounded Reservoirs Composed of 
Stratified Layers 
Lefkovits, H. C., 
Hazebroek, P., 
Allen, E. E., and 
Matthew, C. S 
Derived analytical solutions for 
wellbore pressure and layer 
production rates in a bounded multi-
layered reservoir, where each layer 
had different reservoir parameters 
SPEJ 
(March, 
1962) pp. 
53-67 
1962 
Performance of Layered reservoirs 
with Crossflow – Single 
Compressible Fluid 
Russell, D. G., 
and Prats, M 
Presented multi-layered system with 
crossflow with a constant pressure 
inner boundary condition at the 
wellbore 
Society of 
Petroleum 
Engineering 
Journal 
(June 
1967), pp. 
112-124. 
1967 
An Attempt to Predict the Time 
Dependence of Well deliverability 
in Gas-Condensate Fields, 
Gondouin, M., 
Iffly, R. and 
Husson, J.: 
Conducted experimental studies, 
which suggested that there is a near 
wellbore zone with increasing gas 
relative permeability  
13628 1985 
Pressure Behaviour of Layered 
Reservoirs with Crossflow 
Bourdet, D.,  
Derived a solution for the pressure 
response in a two-layered reservoir 
with crossflow with wellbore storage 
and different layer skins 
14167 1985 
New Test for Determination of 
Individual Layer Properties in a 
Multilayered Reservoir 
Ehlig-
Economides, C. 
A., and Joseph, 
J. A 
Extended Bourdet’s solution to N-
Layers and investigated the early 
time and late time production rate 
behaviours of each layer. 
19800 1989 
Well Test Analysis of a 
Multilayered reservoir with 
Formation Crossflow 
Park, H., Horne, 
R 
Found that the direction of formation 
crossflow was determined initially by 
the layer permeabilities (from the 
less permeable to the more 
permeable layer) and later by the 
skin factors (from the layer with the 
larger skin to that with the smaller 
skin).   
24679 1992 
Analysis of Pressure and Rate 
Transient Data From Wells in 
Multilayered Reservoirs 
Bidaux, P., 
Whittle, T. M., 
Coveney, P. J. 
and Gringarten, 
A. C 
Presented semi-analytical solution 
for wells in multi-layered reservoirs 
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28749 1994 
Production Performance of a 
Retrograde Gas Reservoir: A Case 
Study of Arun Field 
Afidick, D., 
Kaczorowski, N. 
J., and Bette, S 
Presented results of well test 
behaviours in layered lean gas 
condensate reservoir and showed 
that the layer with high permeability 
accumulates more condensate bank 
38062 1997 
Fluid Behaviours Around a well in 
Gas-Condensate Reservoirs 
Takeda, T., 
Fujinada, Y., and 
Fujita, K 
Presented simulation of high and low 
permeability rich gas condensate 
reservoirs and showed that low 
permeability reservoirs accumulate 
more condensate banks than high 
permeability reservoirs.  
62920 2000 
Well Test Analysis in Gas 
Condensate Reservoirs 
A.C. Gringarten 
Al-Lamki, A., 
Daungkaew, S., 
Mott, R., 
Whittle, T 
First to investigate the existence of 
increased gas mobility region in the 
immediate vicinity of the well using 
field data 
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Petroleum 
Science 
and 
Technology, 
voll22, Nos 
5&6, pp, 
505-521 
2004 Long Term Performance of 
Hydraulically Fractured Layered 
Rich Gas Condensate Reservoirs 
Al-Hashim, H.S. 
and Hashmi, S 
First to investigate hydraulic 
fracturing of layered reservoirs in rich 
gas condensate reservoirs 
89905 2004 Well Test Analysis of Horizontal 
Well in Gas-Condensate 
Reservoirs 
A. Hashemi,  
L.M. Nicolas 
A.C. Gringarten 
First to describe the near-wellbore 
effects in well tests of horizontal 
wells in gas condensate reservoirs 
below the dew point 
89904 2004 “New Estimate for the Radius of a 
Condensate Bank from Well test 
data using Dry Gas Pseudo 
Pressure” 
M. Bozorgzadeh 
A.C. Gringarten 
 
First to introduce a method for 
estimating the condensate bank 
radius from well test analysis, below 
the dew point using the dry gas 
pseudo-pressure function 
93136 2004 Productivity Assessment of 
Fractured and Non-Fractured Wells 
in a Lean/Intermediate Low 
Permeability Gas Condensate 
Reservoir 
Baig, T., 
Droegemueller, 
U., and 
Gringarten 
Showed that it is better to fracture 
the well before the condensate bank 
develops in the reservoir for lean gas 
condensate reservoirs 
94178 2006 Comparison of Well 
Productivity between Vertical, 
Horizontal and Hydraulically 
Fractured 
Wells in Gas-Condensate 
Reservoirs 
Hashemi, H., 
Gringarten, A.C 
Showed that the degree of 
improvement in well productivity over 
a non-stimulated vertical well using 
horizontal wells and hydraulically 
fractured wells depends on the 
richness of the gas condensate 
fluids. 
100993 2006 Well Test Analysis in Lean Gas 
Condensate Reservoirs 
Gringarten, A.C., 
Bozorgzadeh M., 
Daungkaew, S., 
and Hashemi, A 
A discussion of the state-of-the-art in 
gas condensate well test 
interpretation with an extensive 
review of the related literature 
121848 2009 Well Test Dynamics of Rich Gas 
Condensate Reservoirs under Gas 
Injection 
Aluko, A.O and 
Gringarten, A.C 
Showed that as pressure increases 
just above the dew point pressure 
during a build up, re-vaporisation 
takes place and the fluids can 
recombine to form a single-phase 
rich gas. Consequently, pressure 
derivatives in build ups exhibit 
shapes which are mirror images from 
that in the preceding drawdowns 
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Soc. Pet.Eng. J. Mar, 43-58, (1961) 
“A Study of the Behaviour of Bounded Reservoirs Composed of Stratified Layers” 
 
Authors: Lefkovits, H. C., Hazebroek, P., Allen, E. E., and Matthew, C. S 
 
Contribution to the understanding of layered reservoirs:  
 Presented the analytical solution for the behaviour of bounded reservoirs 
composed of stratified layers 
 Applied the analytical solutions to field situations 
 
Objective of the paper: 
To investigate the well test behaviour of a bounded reservoir composed of two or 
more layers being unconnected except at the well. 
 
Methodology used: 
 Developed theoretical pressure build up curves for two-layer reservoir in a 
bounded system. 
 Investigated the effect of skin by using a fictitious well radius in each layer 
and developed theoretical pressure build up curves and compared with 
single-layer reservoirs.  
 Studied the effect of flow into casing and tubing during build up. This was 
done by assuming that the flow from the formation did not stop 
discontinuously to zero at the instant of shut-in, but that the flow decreased 
exponentially.  
 Extended the study to three-layer reservoirs. 
 Derived mathematical model of a reservoir in a bounded, horizontal cylindrical 
disk, with a completely penetrating well at its centre.  
 
Conclusion reached: 
 The method to determine average pressures was presented and the method 
can be applied to multi-layer reservoir and other types with the same build up 
behaviour. The theoretical results on build up curves were successfully 
applied to field examples and the results were satisfactory. The permeability-
thickness product, the wellbore damage and the static pressure are obtained 
from the build up curve. 
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SPEJ (March, 1962) pp. 53-67 
 “Performance of Layered reservoirs with Crossflow – Single Compressible Fluid” 
 
Authors: Russell, D. G., and Prats, M 
 
Contribution to the understanding of layered reservoirs:  
 First to investigate the performance of a well in a bounded, layered reservoir 
with interlayer crossflow mathematically.  
 
Objective of the paper: 
To analyze the behaviour of a well which produces a single compressible fluid from a 
bounded, layered reservoir with interlayer crossflow and present numerical results 
and formulas to analyse reservoirs with crossflow. 
 
Methodology used: 
 Performed a number of simulations and analytical methods on a layered 
reservoir with crossflow. 
 
Conclusion reached: 
 The behaviour of a layered reservoir with crossflow is the same as that of a 
commingled system at early times. 
 The performance of a two-layer reservoir with crossflow can be represented 
by that of a single reservoir with the same pore volume, similar wellbore and 
drainage radii, and a kh product equal to the sum the kh products of the 
layers 
 Crossflow is very important for economics because recoverable reserves are 
high in a crossflow system than commingled. 
 Introduced the application of the finite Hankel transforms to the solution of 
reservoir flow problems 
 
Society of Petroleum Engineering Journal (June 1967), pp. 
112-124. 
 “An Attempt to Predict the Time Dependence of Well deliverability in Gas-
Condensate Fields,” 
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Authors: Gondouin, M., Iffly, R. and Husson, J.: 
 
Contribution to the understanding of gas condensate reservoirs:  
 First to introduce a fourth region in the immediate vicinity of the well where 
low interfacial tensions (IFT) at high rates yield a decrease of the liquid 
saturation and an increase of the gas relative permeability 
 
Objective of the paper: 
To investigate the existence of three mobility zones due to condensate drop out and 
velocity stripping 
 
Methodology used: 
 A numerical model was developed for gas and condensate flow, which tales 
into account secondary gasoline deposited in the pore spaces as pressure 
depletes, and included Non-Darcy flow of gas in the vicinity of the wells.  
 Performed experimental studies in cores to measure the effective 
permeability to gas of a sample corresponding to a given saturation 
 
Conclusion reached: 
 Numerical programs can be used to predict future well performance in gas 
condensate fields 
 The numerical programs presented and experimental techniques developed 
to obtain required core data can be used for evaluating the technical and 
economic aspects of the exploitation of gas condensate fields.   
 The results showed that there seem to be three stabilizations on the 
derivative, corresponding to three mobility zones 
 
 
SPE 13628 (1985) 
 “Pressure Behaviour of Layered Reservoirs with Crossflow” 
 
Authors: Bourdet, D.,  
 
Contribution to the understanding of layered reservoirs:  
 First to introduce a new analytical solution that describes the pressure 
response of a well intercepting a layered reservoir with crossflow.  
  
 - 368 - 
 The layered reservoir behaviour is described in terms of the pressure and its 
derivative. The limits of applicability of the homogenous and the double 
porosity solutions for analysis of formation crossflow reservoirs are discussed. 
 
Objective of the paper: 
 To review the several double porosity models used for analysis of 
heterogeneous formation responses and the difference in the resulting 
derivative curves. 
 To propose a new analytical solution for a two layers system with crossflow 
and present typical derivative shapes. 
 To present an example of actual pressure data  
 
Methodology used: 
 Considered an infinite system made of only two communicating layers and 
extended the Warren and Root model to the case where both media are in 
contact with the producing well.  
 Transformed the equation describing fluid flow (diffusivity equation) in each 
layer in the Laplace space and added wellbore storage and on single skin 
effect for both layers. 
 Plotted the dimensionless pressure against the dimensionless time to obtain 
derivative curves defined with , Lambda, Omega and dimensionless 
wellbore storage 
 Applied the double permeability solution on actual build up data 
 
Conclusion reached: 
 A new analytical solution has been proposed to describe the pressure 
response of layered reservoirs with formation crossflow. 
 The double permeability model proposed can produce all intermediate 
behaviour between the homogenous type response and that of double 
porosity. 
 The double permeability responses show three characteristic flow regimes: 
First two layers without crossflow behaviour, then a transition and finally a 
homogenous behaviour representing the total system. 
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SPE 14167 (1985) 
 “New Test for Determination of Individual Layer Properties in a Multilayered 
Reservoir” 
 
Authors: Ehlig-Economides, C. A., and Joseph, J. A 
 
Contribution to the understanding of layered reservoirs:  
 Extended Bourdet’s solution to N-layers, and investigated the early time and 
late time production rate behaviours of each layer 
 Provided an extensive list of publications dealing with layered reservoirs 
 
Objective of the paper: 
To present the first analytic model to include the essential features of a multilayered 
system ready for well test analysis 
 
Methodology used: 
 Developed a simple reservoir model with N-layers 
 Used Bourdet’s analytical solution as an analog to the N-layered mode 
developed 
 Studied the behaviour of the flow rate transients when formation crossflow 
exists  
 
Conclusion reached: 
 The use of layer flow – rate transients to determine the multi-layered reservoir 
description is a breakthrough and is powerful in well test methodology 
 The combination of wellbore pressure and layer flow rates provides sufficient 
information for determination of the complete layered reservoir description.  
 A new analytic solution is presented for analysing reservoirs with more than 2 
layers.  
 
 
SPE 19800 (1989) 
 “Well Test Analysis of a Multilayered reservoir with Formation Crossflow” 
 
Authors: Park, H., Horne, R 
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Contribution to the understanding of layered reservoirs:  
 Investigated the effects on the wellbore pressure response of reservoir 
parameters such as horizontal and vertical permeabilities, layer skin effect, 
storage coefficient and outer boundary conditions.  
 Introduced two new methods to obtain the initial estimate of the reservoir 
parameters 
 
Objective of the paper: 
To present a method to analyse the well test data and determine the reservoir 
parameters of each layer of a multi-layered reservoir with formation crossflow. 
 
Methodology used: 
 Determined wellbore responses and derivatives, particularly investigating the 
effect of permeability, skin factor, vertical permeability, outer boundaries and 
wellbore storage in layered reservoirs with crossflow with computer aided 
methods  
 Used non-linear parameter estimation method automated to estimate initial 
reservoir parameters 
 
Conclusion reached: 
 They found that the direction of formation crossflow was determined initially 
by the layer permeabilities (from the less permeable to the more permeable 
layer) and later by the skin factors (from the layer with the larger skin to that 
with the smaller skin). They also showed that the wellbore pressure response 
went through three successive stages: commingled behaviour at early times: 
homogeneous behaviour at late times, and transition from the former to the 
latter at middle times, with the start and end of the transition governed by 
vertical permeability. 
 
SPE 24679 (1992) 
 “Analysis of Pressure and Rate Transient Data from Wells in Multilayered 
Reservoirs” 
 
Authors: Bidaux, P., Whittle, T. M., Coveney, P. J. and Gringarten, A. C 
 
Contribution to the understanding of layered reservoirs:  
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 Presented a new semi-analytical solution for the analysis of multi-layered 
tests based on an analytical conversion of a single-layer transient pressure 
response into a multi-layer response.  
 
 
Objective of the paper: 
To develop a new solution technique for the analysis of multi-layered test and show 
that Multi-Layer test analysis (MLT)should follow the same diagnostic/validation 
pattern, similar to conventional analysis with the vertical dimension added (layer 
sandface rate measurements) 
 
Methodology used: 
 Developed a n-layered reservoir, with the well produced at a constant surface 
rate. 
 Inverted the dimensionless pressure and sandface layer rates into the 
Laplace space solution 
 The Laplace space solutions are then inverted numerically using Stehfest’s 
algorithm.  
 The real wellbore pressure and sandface rates are computed by linear 
superposition 
 Applied the new solution to field data 
 
Conclusion reached: 
 The solution technique  proposed is computationally efficient and can handle 
both formation crossflow and commingled flow at any interface between two 
adjacent layers, a wide range of near wellbore and outer boundary conditions, 
wellbore storage, skin defined layer by layer in any configuration. 
 
SPE 28749 (1994) 
 “Production Performance of a Retrograde Gas Reservoir: A Case Study of Arun 
Field” 
 
Authors: Afidick, D., Kaczorowski, N. J., and Bette, S 
Contribution to the understanding of gas condensate reservoirs:  
 Presented a case study of a lean gas condensate reservoir using well test 
analysis and production data 
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Objective of the paper: 
To present the application of compositional modelling to pressure transient response 
of wells affected by condensate dropout, and to predict future well performance 
 
Methodology used: 
 Performed a number of simulations with a compositional simulator in order to 
history match performance of a gas condensate well with single well model 
 Performed compositional simulation of a multi-layered reservoir to investigate 
liquid accumulation and well test response. 
 
Conclusion reached: 
 Liquid accumulation reduced well productivity by more than 50% even for 
lean gas 
 The most important factor which determines productivity loss is gas relative 
permeability 
 The amount of liquid accumulation is controlled by the gas rate 
 The gas relative permeability can be determined from well test analysis 
 The accumulated liquid does not re-vaporize if the well is shut in for some 
time 
 
SPE 38062 (1997) 
 “Fluid Behaviours Around a well in Gas-Condensate Reservoirs” 
 
Authors: Takeda, T., Fujinada, Y., and Fujita, K 
 
Contribution to the understanding of gas condensate reservoirs:  
 First to simulate the fluid behaviours around a well in gas condensate 
reservoirs with gravity force taken into account 
 
Objective of the paper: 
To simulate the fluid behaviours around a production well for a gas condensate 
reservoir, including the effects of gravitational forces 
 
Methodology used: 
 Developed a 2-D radial compositional model with the input of an equation of 
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state using SRK method 
 Compared the behaviour of rich gas with that of lean gas and examined the 
effects of permeabilities and production rates 
 
Conclusion reached: 
 The liquid saturation in a reservoir where the reservoir fluid is rich gas 
reaches considerably higher liquid saturations in the vicinity of a producing 
well than lean gas, if the reservoirs are in the same condition.  
 The pressure depletes rapidly and the condensate drop-out becomes higher 
around a well in a low permeability reservoir than a high permeability 
reservoir.  
 Higher production gas rate causes much more pressure and high liquid 
condensation around the well  
 
 
Petroleum Science and Technology, vol. 22, nos 5&6, pp, 505-521 
“Long Term Performance of Hydraulically Fractured layered Rich Gas 
Condensate Reservoirs” 
 
Authors: H.S., Al-Hashim and S., Hashmi 
 
Contribution to the understanding of gas condensate reservoirs:  
 First to investigate hydraulically fractured layered rich gas condensate 
reservoirs 
 
Objective of the paper: 
To investigate the effect of hydraulic fracture on the performance of a layered rich 
gas condensate reservoir in Saudi Arabia 
 
Methodology used: 
 Performed a number of simulations with a compositional simulator in order to 
determine the effect of hydraulically fracturing a 5 layered reservoir with 
crossflow to investigate its impact on productivity index. 
 Compared productivity improvement of hydraulic fracture on crossflow and 
commingled reservoirs 
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Conclusion reached: 
 Hydraulic fracturing of such a reservoir is effective in improving the 
productivity of the gas condensate wells 
 Condensate build up along the fracture faces was found to be more 
significant in the high permeability layers. 
 Formation cross-flow is found to improve the productivity of the fractured and 
the non-fractured gas condensate wells. However, the improvement is better 
in the fractured cases. 
 
 
SPE: 62920 (2000) 
“Well Test Analysis in Gas Condensate Reservoirs” 
 
Authors: A.C. Gringarten, A. Al-Lamki, S. Daungkaew, R. Mott, and T.M. Whittle 
 
Contribution to the understanding of gas condensate reservoirs:  
 First to investigate the existence of increased gas mobility region in the 
immediate vicinity of the well using field data 
 First to use 3-region composite model to analyse gas condensate well tests 
 
Objective of the paper: 
To investigate the existence of three mobility zones due to condensate drop out and 
velocity stripping 
 
Methodology used: 
 Performed a number of simulations with a compositional simulator in order to 
verify the conditions of the existence of the three mobility zones and 
understand the derivative shapes to be expected in a well test 
 Performed well test analysis on field data to show the existence of velocity 
stripping in the immediate vicinity of the wellbore 
 
Conclusion reached: 
 Phase redistribution is a problem in analyzing well test data since it reduces 
the amount of data available and can also created derivative shapes that can 
easily be misinterpreted for reservoir behaviour. 
 The results showed that there seem to be three stabilizations on the 
derivative, corresponding to three mobility zones 
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SPE: 89905 (2004) 
“Well Test Analysis of Horizontal Well in Gas-Condensate Reservoirs” 
 
Authors: A. Hashemi, L.M. Nicolas, and A.C. Gringarten 
 
Contribution to the understanding of gas condensate reservoirs:  
First to describe the near-wellbore effects in well tests of horizontal wells in gas 
condensate reservoirs below the dew point 
 
Objective of the paper: 
To present the preliminary results from a study initiated to look at flow behaviour in 
horizontal wells in gas condensate reservoirs with a focus on the existence of 
different mobility zones due to condensate dropout 
 
Methodology used: 
 Used a 3D fully compositional model to develop derivative shapes from 
horizontal well test data in gas condensate reservoirs below dew point 
 Analysed well test data that show such derivative characteristics 
 Used a compositional model to verify the results obtained from conventional 
well testing 
 
Conclusion reached: 
 Condensate dropout creates composite well test behaviour similar to 
vertical wells but superimposed on a horizontal well behaviour. 
 
 
SPE 89904 (2004) 
“New Estimate for the Radius of a Condensate Bank from well test data using Dry 
Gas Pseudo-pressure” 
 
Authors: M. Bozorgzadeh 
 
Contribution to the understanding of Gas Condensate Reservoirs: 
First to introduce a method for estimating the condensate bank radius from well test 
analysis, below the dew point using the dry gas pseudo-pressure function. 
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Objective of the paper:  
To estimate the storativity ratios between the different zones as a function of the 
condensate saturation profile during well testing. 
 
Methodology used: 
 Used single-phase pseudo-pressures and two- and three zone radial 
composite well test interpretation models to yield the condensate bank radius 
 Verified calculated condensate bank radius from well test analysis with results 
from compositional simulations that include capillary number and inertia 
effects. 
 
Conclusion reached: 
 The single – phase pseudo-pressures and two- and three zone radial 
composite condensate bank radius is similar to that calculated from 
compositional simulation 
 
 
SPE 93136 (2005) 
 “Productivity Assessment of Fractured and Non-Fractured Wells in a 
Lean/Intermediate Low Permeability Gas Condensate Reservoir” 
 
Authors: Baig, T., Droegemueller, U., and Gringarten 
 
Contribution to the understanding of gas condensate reservoirs:  
 Compares productivity of fractured and non-fractured wells in lean low 
permeability gas condensate reservoir 
 Recommended that it is better to fracture the well before the formation of the 
condensate bank 
 
Objective of the paper: 
To describe the near-wellbore behaviour of fractured wells in low permeability lean 
gas condensate reservoir using numerical compositional simulation 
 
Methodology used: 
 Simulated pressure transients with a compositional simulator and analyzed 
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them in order to compare the vertical non-fractured and fractured wells 
productivities in lean gas condensate reservoir 
 Simulated the effect of production rate and time and capillary number 
 Simulated the impact of delaying fracturing until condensate bank develops 
 
Conclusion reached: 
 The fractured well has a higher productivity than the non-fractured well. 
Increasing the length of the fracture up to a practical fracture half-length will 
increase productivity even more 
 The size of the condensate bank and the reduction in the relative permeability 
is a function of production rate. 
 
 
SPE 94178 (2006) 
 “Comparison of Well Productivity between Vertical, Horizontal and Hydraulically 
Fractured Wells in Gas-Condensate Reservoirs” 
 
Authors: A. Hashemi, H., Gringarten, A.C 
 
Contribution to the understanding of gas condensate reservoirs:  
 Quantify the increase in well productivity from different remediation options 
 Calibrated empirical correlations required to model non-Darcy flow and 
capillary number effects with actual well test data 
 
Objective of the paper: 
To use 1D, 2D and 3D fine grid, fully compositional reservoir simulations to 
accurately model the near-well behaviour in gas condensate wells and quantify the 
increase in productivity obtained with horizontal wells and hydraulic fractures. 
 
Methodology used: 
 Analysed well test data and calibrated the empirical capillary number 
parameters 
 Generated a well tuned EOS model 
 Used compositional simulation to compare horizontal wells with non-
stimulated wells, vertical fractured well and non-stimulated vertical well and 
finally, compared horizontal well with fractured vertical well. 
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Conclusion reached: 
 Well test data are useful to calibrate the parameters of empirical correlations 
in well performance models when experimental data are not available. 
 Horizontal wells improve productivity in dry gas systems, but their 
performance is even better in gas condensate reservoirs below the dew point 
pressure 
 Hydraulically fracturing vertical wells is equally viable for improving 
productivity in gas condensate reservoirs below the dew point pressure. 
 
 
SPE 100993 (2006) 
 “Well Test Analysis in Lean Gas Condensate Reservoirs, Theory and Practice” 
 
Authors: Gringarten, A.C., Bozorgzadeh M., Daungkaew, S., and Hashemi, A 
 
Contribution to the understanding of gas condensate reservoirs:  
 Discussed the state-of-the-art in gas condensate well test interpretation, 
particularly in lean gas with an extensive review of the related literature.  
 
Objective of the paper: 
To discuss the impact of the condensate bank on well test data, to document 
examples of complex well test behaviours from a number if lean gas condensate 
sandstone reservoirs and to describe an interpretation methodology to identify the 
probable causes of these behaviours. 
 
Methodology used: 
 Compared theoretical well test behaviours in vertical and horizontal wells as 
obtained from compositional simulation with actual behaviours 
 Uses deconvolution and different analytical and numerical tools to identify the 
probable causes of the pressure data behaviour 
 
Conclusion reached: 
 It is possible to obtain reservoir parameters required for reservoir simulation 
and well productivity forecasting, such as gas relative permeabilities at the 
end point, critical oil saturation, and the base capillary number in addition to 
the usual well test analysis results. 
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SPE 121848 (2009) 
 “Well Test Dynamics of Rich Gas Condensate Reservoirs under Gas Injection” 
 
Authors: Aluko, A.O and Gringarten, A.C 
 
Contribution to the understanding of gas condensate reservoirs:  
 First to show that the drawdown derivative is the mirror image of the 
derivative in the subsequent build up in rich gas condensate reservoir 
 Proposed a practical method to evaluate the bank storativity, which is then 
used to calculate the bank radius 
 
Objective of the paper: 
To investigate the well test behaviour of rich gas condensate reservoirs below the 
dew point pressure and the effect of re-vaporization of the condensate bank due to 
re-pressurisation by gas injection.  
 
Methodology used: 
 Performed a number of simulations with a compositional simulator to 
investigate the near-wellbore fluid saturation below the dew point pressure in 
a build up a drawdown. 
 Theoretical investigations were used to explain a series of production tests 
conducted in a rich gas condensate reservoir using conventional and 
deconvolution methods as well as compositional simulator 
 
Conclusion reached: 
 The near-wellbore velocity stripping region is only visible at high rates in well 
test analysis data, whereas in lean gas, the zone of improved mobility can be 
seen in lower rates 
 In rich gas condensate fluids, the oil and gas properties in the two-phase 
region are strongly dependent on pressure and the separated phases have 
similar properties. As pressure increases during the build up, re-vaporization 
takes place. 
 The practical method to calculate the condensate bank storativity has been 
developed and verified 
 When a reservoir is re-pressurised as  a result of gas injection, the effects of 
fluid displacement, changing late time behaviour and re-vaporization can be 
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captured and characterised using well test analytical methods 
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APPENDIX A – PVT DATA 
FLUID A PVT DATA 
 
Table A1: Fluid A Composition 
Component Mol. % 
Nitrogen (N2) 0.38 
Hydrogen Sulphide (N2) 0.00 
Carbon Dioxide (CO2) 3.00 
Methane (C1) 64.22 
Ethane (C2) 10.29 
Propane (C3) 7.62 
IsoButane (iC4) 0.95 
N-Butane (nC4) 3.33 
Isopentane (iC5) 0.98 
N-Pentane (C5) 1.37 
Hexanes (C6) 1.38 
Heptanes Plus (C7+) 5.09 
TOTAL 100.00 
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Table A2: CVD Experiment at 242 oF 
 
Pressure (psia) Retrograde liquid 
(%) 
Z- Factor 
4047 0 0.864 
3973 1.12 0.855 
3833 4.05 0.850 
3689 6.92 0.845 
3428 11.09 0.838 
2962 15.77 0.828 
2468 18.24 0.828 
1985 17.75 0.835 
1482 17.62 0.854 
966 16.49 0.887 
344 14.92 0.951 
   
 
 
EOS Parameters for Fluid A 
 
CNAMES   
--          component names                                  
'C1N2'    'C2CO'    'C3  '    'C4S '    'C5S '    'C6  '    'C7C8'    
'C911'    'C125'    'C16P' / 
 
MW       
--          molecular weights                                
16.113    33.197    44.097    58.124    72.151    86.178   100.709   
131.478   177.845   263.892 / 
 
 
PCRIT    
--          critical pressures                      PSIA     
666.176   789.451   615.760   546.267   489.986   430.590   415.495   
349.053   291.912   243.848 / 
 
 
TCRIT    
--          critical temperatures                   DEGR     
342.401   549.235   665.640   758.610   838.454   913.320  1008.854  
1165.789  1338.798  1580.327 / 
 
 
ACF      
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--          acentric factors                                 
  0.008187  0.126490  0.152000  0.189272  0.241107  0.296000  
0.353242  0.453739  0.591534  0.812206 / 
 
 
ZCRIT    
--          critical Z-factors (viscosity)                   
  0.229911  0.225834  0.280290  0.275959  0.265924  0.260370  
0.243455  0.199913  0.208796  0.203470 / 
 
 
SSHIFT    
--          volume shift parameters                          
 -0.193904 -0.124830 -0.112700 -0.091746 -0.062468  0.012570  
0.162810  0.162810  0.269060  0.278030 / 
 
 
OMEGAA   
--          Omega-A constants                                
  0.457236  0.457236  0.457236  0.457236  0.457236  0.457236  
0.457236  0.457236  0.457236  0.457236 / 
 
 
OMEGAB   
--          Omega-B constants                                
  0.077796  0.077796  0.077796  0.077796  0.077796  0.077796  
0.077796  0.077796  0.077796  0.077796 / 
 
 
BIC      
--          Interaction  coefficients      
0.000263 
0.000347  0.022769 
0.000347  0.022769  0.000000 
0.000395  0.022769  0.000000  0.000000 
0.000326  0.022769  0.000000  0.000000  0.000000 
-0.024494  0.018974  0.000000  0.000000  0.000000  0.000000 
-0.024494  0.018974  0.000000  0.000000  0.000000  0.000000 0.000000 
-0.024494  0.018974  0.000000  0.000000  0.000000  0.000000 0.000000    
0.000000 -0.024494  0.018974  0.000000  0.000000  0.000000  0.000000  
0.000000  0.000000  0.000000 / 
 
PARACHOR    
--          parachors                                        
77.087   101.968   151.900   189.463   230.231   271.000   294.960   
366.960   475.457   682.716 / 
 
 
RTEMP    
--          reservoir temperature                   DEGF     
   242.000 / 
 
 
DENSITY  --For simulations using an equation of state only the water 
density is significant. 
--      OIL           WATER           GAS 
       40             63.0          0.001           / 
  
PVTW 
 
--          WATER PROPERTIES - 
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--        Pref(psi)    Bwref      cw          visw 
          5000         1.000   0.000003       0.42   / 
   
ROCK 
  
--           PREF           COMP 
--           PSI          1/PSI 
          5000           0.00000384   / 
 
ZMFVD    
--          Mole fractions vs depth        
 1000.0    0.631900 0.131500 0.077600 0.045600 0.026200 0.015800 
0.031300 0.023200 0.011600 0.005300 / 
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FLUID B PVT DATA 
 
Table A3: Fluid B Composition 
 
Component Mol. % 
Nitrogen (N2) 0.34 
Hydrogen Sulphide (N2) 0.00 
Carbon Dioxide (CO2) 3.47 
Methane (C1) 72.17 
Ethane (C2) 8.40 
Propane (C3) 4.90 
IsoButane (iC4) 0.70 
N-Butane (nC4) 2.01 
Isopentane (iC5) 0.65 
N-Pentane (C5) 0.82 
Hexanes (C6) 0.90 
Heptanes Plus (C7+) 5.64 
TOTAL 100.00 
 
Table A4: Fluid B CVD Experiment at 262 oF 
Constant Volume Depletion at 128°C 
Composition of the Produced Wellstream 
           
                      
  Component / mol%   Stage Pressure / psia 
      4245 3600 3000 2400 1750 1100 500 Gas Cap 
                    (4) 
Gas Gravity, (air=1.000)    1.014 0.956 0.913 0.880 0.855 0.851 0.867 0.867 
Gas Compressibility Factor 0.931 0.894 0.876 0.875 0.889 0.918 0.953 0.953 
% Initial Wellstream (1) 0.00 11.04 23.48 37.76 54.25 71.04 84.68 95.57 
Two-Phase Z-Factor (2) 0.931 0.888 0.860 0.846 0.839 0.833 0.716 - 
Gas Viscosity / cP (3) 0.0308 0.0265 0.0225 0.0195 0.0171 0.0153 0.0141 0.0141 
              
Volume % of Liquid   0.00 5.40 7.62 8.20 8.00 7.40 6.42   
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EOS Parameters for Fluid B 
 
ECHO 
-- Units: F 
RTEMP 
--  
-- Constant Reservoir Temperature 
--  
         262 
/ 
  
EOS 
--  
-- Equation of State (Reservoir EoS) 
--  
   PR3 
/ 
  
NCOMPS 
--  
-- Number of Components 
--  
      13 
/ 
PRCORR 
--  
-- Modified Peng-Robinson EoS 
--  
CNAMES 
--  
-- Component Names 
--  
   'N2' 
   'CO2' 
   'C1' 
   'C2' 
   'C3' 
   'IC4' 
   'NC4' 
   'IC5' 
   'NC5' 
   'C6' 
   'C7+' 
   'C12+' 
   'C20+' 
/ 
MW 
--  
-- Molecular Weights (Reservoir EoS) 
--  
        28.013 
         44.01 
        16.043 
         30.07 
        44.097 
     58.123969 
     58.124031 
     72.150969 
     72.151031 
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            84 
           143 
           225 
           337 
/ 
  
OMEGAA 
--  
-- EoS Omega-a Coefficient (Reservoir EoS) 
--  
      0.457236 
      0.457236 
      0.334045 
      0.457236 
      0.457236 
      0.457236 
      0.457236 
      0.457236 
      0.457236 
      0.457236 
      0.334045 
      0.334045 
      0.334045 
/ 
  
OMEGAB 
--  
-- EoS Omega-b Coefficient (Reservoir EoS) 
--  
      0.077796 
      0.077796 
      0.061537 
      0.077796 
      0.077796 
      0.077796 
      0.077796 
      0.077796 
      0.077796 
      0.077796 
      0.061537 
      0.061537 
      0.061537 
/ 
  
-- Units: R 
TCRIT 
--  
-- Critical Temperatures (Reservoir EoS) 
--  
   227.160000017685 
   548.459999999228 
   343.079999988516 
   549.774000004037 
   665.640000033438 
   734.579999959724 
   765.359999975116 
   828.719999953583 
   845.279999992273 
   913.499999999486 
   1062.96579845898 
   1250.37582682365 
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   1430.42166339323 
/ 
  
-- Units: psia 
PCRIT 
--  
-- Critical Pressures (Reservoir EoS) 
--  
   492.312649984577 
   1071.33110996644 
   667.78169597908 
   708.342379977809 
   615.75820998071 
   529.052399983426 
   550.655372982749 
   491.5778549846 
   488.785633984687 
   436.615188986322 
   419.960369886844 
   279.204471191253 
   175.149500394513 
/ 
  
-- Units: ft3 /lb-mole 
VCRIT 
--  
-- Critical Volumes (Reservoir EoS) 
--  
   1.44166134747024 
   1.50573518513559 
   1.56980902280093 
   2.37073199361773 
   3.20369188326721 
   4.21285482649638 
   4.08470715116569 
   4.9336855002315 
   4.98174087848051 
   5.62247925513395 
   9.02605003411817 
   14.1908839329273 
   21.3970850403553 
/ 
  
ZCRIT 
--  
-- Critical Z-Factors (Reservoir EoS) 
--  
   0.291151404367252 
   0.274077797373613 
   0.284729476638113 
   0.284634795098265 
   0.276164620027245 
   0.282736958766292 
   0.27385554910948 
   0.272710871597912 
   0.268438914152292 
   0.250417484943733 
   0.332302229129637 
   0.295282525934088 
   0.244143932885224 
/ 
  
 - 390 - 
  
SSHIFT 
--  
-- EoS Volume Shift (Reservoir EoS) 
--  
   -0.194639405005892 
   0.00837256314018436 
   -0.172688612512463 
   -0.125660941902438 
   -0.0958719910370705 
   0.344246195733396 
   0.14713445976457 
   0.0234758657604903 
   0.0183533336034495 
   -0.00220395148387952 
   -0.701315059050205 
   -0.445116161163837 
   -0.144261743722606 
/ 
  
ACF 
--  
-- Acentric Factors (Reservoir EoS) 
--  
          0.04 
         0.225 
         0.013 
        0.0986 
        0.1524 
        0.1848 
         0.201 
         0.227 
         0.251 
         0.299 
   0.4057367926 
   0.6424713538 
   0.9417976413 
/ 
  
BIC 
--  
-- Binary Interaction Coefficients (Reservoir EoS) 
--  
-0.012 0.1     0.1     0.1     0.1       0 
     0.1     0.1       0       0 
     0.1     0.1       0       0       0 
     0.1     0.1       0       0       0       0 
     0.1     0.1       0       0       0       0       0 
     0.1     0.1       0       0       0       0       0       0 
     0.1     0.1  0.0279    0.01    0.01       0       0       0     
0 
     0.1     0.1 0.001216700245    0.01    0.01       0       0       
0       0 
         0 
     0.1     0.1 0.001439549719    0.01    0.01       0       0       
0       0 
         0       0 
     0.1     0.1 0.001605673872    0.01    0.01       0       0       
0       0 
         0       0       0 
/ 
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PARACHOR 
--  
-- Component Parachors 
--  
            41 
            78 
            77 
           108 
         150.3 
         181.5 
         189.9 
           225 
         231.5 
           271 
      406.1212 
     581.66675 
     857.93379 
/ 
  
-- Units: ft3 /lb-mole 
VCRITVIS 
--  
-- Critical Volumes for Viscosity Calc (Reservoir EoS) 
--  
   1.44166134747024 
   1.50573518513559 
   1.56980902280093 
   2.37073199361773 
   3.20369188326721 
   4.21285482649638 
   4.08470715116569 
   4.9336855002315 
   4.98174087848051 
   5.62247925513395 
   9.02605003411817 
   14.1908839329273 
   21.3970850403553 
/ 
  
ZCRITVIS 
--  
-- Critical Z-Factors for Viscosity Calculation (Reservoir EoS) 
--  
   0.291151404367252 
   0.274077797373613 
   0.284729476638113 
   0.284634795098265 
   0.276164620027245 
   0.282736958766292 
   0.27385554910948 
   0.272710871597912 
   0.268438914152292 
   0.250417484943733 
   0.332302229129637 
   0.295282525934088 
   0.244143932885224 
/ 
 
ZI 
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0.003399 
0.034737 
0.72166 
0.084034 
0.048987 
0.00702 
0.020069 
0.00651 
0.008179 
0.008949 
0.043337 
0.011039 
0.00208 
/ 
LBCCOEF 
--  
-- Lorentz-Bray-Clark Viscosity Correlation Coefficients 
--  
    0.1023 0.023364 0.058533 -0.040758 0.0093324 
/ 
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FLUID C PVT DATA 
 
Table A7: Fluid C Composition 
 
Component Mol. % 
Nitrogen (N2) 3.49 
Hydrogen Sulphide (N2) 0.00 
Carbon Dioxide (CO2) 1.34 
Methane (C1) 85.46 
Ethane (C2) 4.98 
Propane (C3) 1.94 
IsoButane (iC4) 0.30 
N-Butane (nC4) 0.57 
Isopentane (iC5) 0.17 
N-Pentane (C5) 0.17 
Hexanes (C6) 0.20 
Heptanes Plus (C7+) 0.32 
TOTAL 100.00 
 
Table A8: Fluid C Constant Volume Depletion Experiment at 234oF 
  Stage Number 0 1 2 3 4 5 6 
                  
  Pressure, psia 3500 3000 2500 2000 1500 1000 500 
                  
                  
 Produced Z 
Factor   0.957 0.942 0.936 0.935 0.939 0.950 
0.97
6 
 % Initial wellstream(1) 0.0 13.0 26.9 41.5 56.5 71.5 85.7 
 2 Phase Z Factors 0.957 0.944 0.936 0.935 0.942 0.957 
0.95
5 
 Retrograde condensation 0.00 0.21 0.40 0.55 0.61 0.62 0.55 
 
 
EOS Parameters for Fluid C 
 
--  PVT PROPERTIES 
-- 
-- Component names 
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CNAMES 
--  
-- Component Names 
--  
   'N2' 
   'CO2' 
   'C1' 
   'C2' 
   'C3' 
   'C4+' 
   'C5+' 
   'C6' 
   'C7+' 
   'C13+' 
/ 
MW 
--  
-- Molecular Weights (Reservoir EoS) 
--  
        28.013 
         44.01 
        16.043 
         30.07 
        44.097 
   58.1240024827586 
    72.1510035 
            84 
   129.492146718078 
   287.068219870685 
/ 
  
OMEGAA 
--  
-- EoS Omega-a Coefficient (Reservoir EoS) 
--  
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
/ 
  
OMEGAB 
--  
-- EoS Omega-b Coefficient (Reservoir EoS) 
--  
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
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   0.077796074 
/ 
  
-- Units: R 
TCRIT 
--  
-- Critical Temperatures (Reservoir EoS) 
--  
        227.16 
        548.46 
        343.08 
       549.774 
        665.64 
   754.746206896552 
           837 
         913.5 
   1131.66898521409 
   1416.79917444383 
/ 
  
-- Units: psia 
PCRIT 
--  
-- Critical Pressures (Reservoir EoS) 
--  
   492.312649984577 
   1071.33110996644 
   667.78169597908 
   708.342379977809 
   615.75820998071 
   543.2060719485 
   490.181744484644 
   436.615188986322 
   380.332613411742 
   205.372202693012 
/ 
  
-- Units: ft3 /lb-mole 
VCRIT 
--  
-- Critical Volumes (Reservoir EoS) 
--  
   1.44166134747024 
   1.50573518513559 
   1.56980902280093 
   2.37073199361773 
   3.20369188326721 
   4.128896004728 
   4.957713189356 
   5.62247925513395 
   8.25865437961011 
   18.1842700077488 
/ 
  
ZCRIT 
--  
-- Critical Z-Factors (Reservoir EoS) 
--  
   0.291151404389918 
   0.274077797373227 
   0.284729476628582 
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   0.284634795100356 
   0.276164620041118 
   0.276913494741134 
   0.270557497429416 
   0.250417484943592 
   0.258642533050729 
   0.245626792364156 
/ 
  
SSHIFT 
--  
-- EoS Volume Shift (Reservoir EoS) 
--  
   -0.131334238607036 
   -0.0427303367439383 
   -0.144265618878948 
   -0.103268354016888 
   -0.0775013814750784 
   -0.0569003549729296 
   -0.0360251766029471 
   -0.00728877599869907 
   0.00817732667824283 
   0.112612819556949 
/ 
  
ACF 
--  
-- Acentric Factors (Reservoir EoS) 
--  
          0.04 
         0.225 
         0.013 
        0.0986 
        0.1524 
   0.195413793103448 
         0.239 
         0.299 
   0.417645592579271 
   0.880654157300894 
/ 
  
BIC 
--  
-- Binary Interaction Coefficients (Reservoir EoS) 
--  
  -0.012 
     0.1     0.1 
     0.1     0.1       0 
     0.1     0.1       0       0 
     0.1     0.1 0.0119979310344828    0.01    0.01 
     0.1     0.1 0.01922    0.01    0.01       0 
     0.1     0.1  0.0279    0.01    0.01       0       0 
     0.1     0.1 0.0379791514024582    0.01    0.01       0       0    
0 
     0.1     0.1 0.0546239258020466    0.01    0.01       0       0       
0 
         0 
/ 
  
PARACHOR 
--  
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-- Component Parachors 
--  
            41 
            78 
            77 
           108 
         150.3 
   187.003448275862 
        228.25 
           271 
   375.959570237378 
   738.319761891941 
/ 
  
-- Units: ft3 /lb-mole 
VCRITVIS 
--  
-- Critical Volumes for Viscosity Calc (Reservoir EoS) 
--  
   1.44166134747024 
   1.50573518513559 
   1.56980902280093 
   2.37073199361773 
   3.20369188326721 
   4.128896004728 
   4.957713189356 
   5.62247925513395 
   8.25865437961011 
   18.1842700077488 
/ 
  
ZCRITVIS 
--  
-- Critical Z-Factors for Viscosity Calculation (Reservoir EoS) 
--  
   0.291151404389918 
   0.274077797373227 
   0.284729476628582 
   0.284634795100356 
   0.276164620041118 
   0.276913494741134 
   0.270557497429416 
   0.250417484943592 
   0.258642533050729 
   0.245626792364156 
/ 
  
LBCCOEF 
--  
-- Lorentz-Bray-Clark Viscosity Correlation Coefficients 
--  
    0.1023 0.023364 0.058533 -0.040758 0.0093324 
/ 
 
Well 1 EOS Parameters 
 
ECHO 
-- Units: F 
RTEMP 
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--  
-- Constant Reservoir Temperature 
--  
         248 
/ 
  
EOS 
--  
-- Equation of State (Reservoir EoS) 
--  
   PR3 
/ 
  
NCOMPS 
--  
-- Number of Components 
--  
      13 
/ 
PRCORR 
--  
-- Modified Peng-Robinson EoS 
--  
CNAMES 
--  
-- Component Names 
--  
   'N2' 
   'CO2' 
   'C1' 
   'C2' 
   'C3' 
   'IC4' 
   'NC4' 
   'IC5' 
   'NC5' 
   'C6' 
   'C7+' 
   'C12+' 
   'C20+' 
/ 
MW 
--  
-- Molecular Weights (Reservoir EoS) 
--  
        28.013 
         44.01 
        16.043 
         30.07 
        44.097 
        58.124 
        58.124 
        72.151 
        72.151 
            84 
           138 
           214 
           325 
/ 
  
OMEGAA 
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--  
-- EoS Omega-a Coefficient (Reservoir EoS) 
--  
   0.457235529 
   0.457235529 
   0.365939565666635 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.365939565666635 
   0.365939565666635 
   0.365939565666635 
/ 
  
OMEGAB 
--  
-- EoS Omega-b Coefficient (Reservoir EoS) 
--  
   0.077796074 
   0.077796074 
   0.069520961713674 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.069520961713674 
   0.069520961713674 
   0.069520961713674 
/ 
  
-- Units: R 
TCRIT 
--  
-- Critical Temperatures (Reservoir EoS) 
--  
        227.16 
        548.46 
        343.08 
       549.774 
        665.64 
        734.58 
        765.36 
        828.72 
        845.28 
         913.5 
   1064.29466137458 
   1247.10078228477 
   1434.99923378643 
/ 
  
-- Units: psia 
PCRIT 
--  
-- Critical Pressures (Reservoir EoS) 
  
 - 400 - 
--  
   492.312649984577 
   1071.33110996644 
   667.78169597908 
   708.342379977809 
   615.75820998071 
   529.052399983426 
   550.655372982749 
   491.5778549846 
   488.785633984687 
   436.615188986322 
   314.160446829122 
   213.6004722356 
   133.660809366539 
/ 
  
-- Units: ft3 /lb-mole 
VCRIT 
--  
-- Critical Volumes (Reservoir EoS) 
--  
   1.44166134747024 
   1.50573518513559 
   1.56980902280093 
   2.37073199361773 
   3.20369188326721 
   4.21285482649638 
   4.08470715116569 
   4.9336855002315 
   4.98174087848051 
   5.62247925513395 
   8.71390553370386 
   13.4910670784121 
   20.610374480673 
/ 
  
ZCRIT 
--  
-- Critical Z-Factors (Reservoir EoS) 
--  
   0.291151404389918 
   0.274077797373227 
   0.284729476628582 
   0.284634795100356 
   0.276164620041118 
   0.28273695875079 
   0.273855549100576 
   0.272710871582637 
   0.268438914149838 
   0.250417484943592 
   0.239689477817086 
   0.215324505234709 
   0.178889479195664 
/ 
  
SSHIFT 
--  
-- EoS Volume Shift (Reservoir EoS) 
--  
   -0.131334238607036 
   -0.0427303367439383 
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   -0.144265618878948 
   -0.103268354016888 
   -0.0775013814750784 
   -0.0619837251487845 
   -0.0542248969856375 
   -0.0417724567237967 
   -0.0302778964820975 
   -0.00728877599869907 
   0.02571578679835 
   0.155470458760667 
   0.325960151000829 
/ 
  
ACF 
--  
-- Acentric Factors (Reservoir EoS) 
--  
          0.04 
         0.225 
         0.013 
        0.0986 
        0.1524 
        0.1848 
         0.201 
         0.227 
         0.251 
         0.299 
   0.424365971330859 
   0.663094845850474 
   0.99032623772486 
/ 
  
BIC 
--  
-- Binary Interaction Coefficients (Reservoir EoS) 
--  
  -0.012 
     0.1     0.1 
     0.1     0.1       0 
     0.1     0.1       0       0 
     0.1     0.1       0       0       0 
     0.1     0.1       0       0       0       0 
     0.1     0.1       0       0       0       0       0 
     0.1     0.1       0       0       0       0       0       0 
     0.1     0.1  0.0279    0.01    0.01       0       0       0       
0 
     0.1     0.1 0.135015077860574    0.01    0.01       0       0       
0 
         0       0 
     0.1     0.1 0.159726359765145    0.01    0.01       0       0       
0 
         0       0       0 
     0.1     0.1 0.179660478430169    0.01    0.01       0       0       
0 
         0       0       0       0 
/ 
  
PARACHOR 
--  
-- Component Parachors 
--  
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            41 
            78 
            77 
           108 
         150.3 
         181.5 
         189.9 
           225 
         231.5 
           271 
      397.3992 
     554.53338 
     828.33375 
/ 
  
-- Units: ft3 /lb-mole 
VCRITVIS 
--  
-- Critical Volumes for Viscosity Calc (Reservoir EoS) 
--  
   1.44166134747024 
   1.50573518513559 
   1.56980902280093 
   2.37073199361773 
   3.20369188326721 
   4.21285482649638 
   4.08470715116569 
   4.9336855002315 
   4.98174087848051 
   5.62247925513395 
   8.71390553370386 
   13.4910670784121 
   20.610374480673 
/ 
  
ZCRITVIS 
--  
-- Critical Z-Factors for Viscosity Calculation (Reservoir EoS) 
--  
   0.291151404389918 
   0.274077797373227 
   0.284729476628582 
   0.284634795100356 
   0.276164620041118 
   0.28273695875079 
   0.273855549100576 
   0.272710871582637 
   0.268438914149838 
   0.250417484943592 
   0.239689477817086 
   0.215324505234709 
   0.178889479195664 
/ 
  
LBCCOEF 
--  
-- Lorentz-Bray-Clark Viscosity Correlation Coefficients 
--  
    0.1023 0.023364 0.058533 -0.040758 0.0093324 
/ 
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Well 3 EOS Parameters 
 
ECHO 
-- Units: F 
RTEMP 
--  
-- Constant Reservoir Temperature 
--  
         230 
/ 
  
EOS 
--  
-- Equation of State (Reservoir EoS) 
--  
   PR3 
/ 
  
NCOMPS 
--  
-- Number of Components 
--  
      11 
/ 
PRCORR 
--  
-- Modified Peng-Robinson EoS 
--  
CNAMES 
--  
-- Component Names 
--  
   'CO2' 
   'N2' 
   'C1' 
   'C2' 
   'C3' 
   'IC4' 
   'NC4' 
   'IC5' 
   'NC5' 
   'C6' 
   'C7+' 
/ 
MW 
--  
-- Molecular Weights (Reservoir EoS) 
--  
         44.01 
        28.013 
        16.043 
         30.07 
        44.097 
     58.123987 
     58.124013 
     72.150987 
     72.151013 
            84 
   146.1314246 
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/ 
  
OMEGAA 
--  
-- EoS Omega-a Coefficient (Reservoir EoS) 
--  
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.457235529 
   0.230314344435766 
/ 
  
OMEGAB 
--  
-- EoS Omega-b Coefficient (Reservoir EoS) 
--  
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.077796074 
   0.038898114796074 
/ 
  
-- Units: R 
TCRIT 
--  
-- Critical Temperatures (Reservoir EoS) 
--  
   548.459999999228 
   227.160000017685 
   343.079999988516 
   549.774000004037 
   665.640000033438 
   734.579999959724 
   765.359999975116 
   828.719999953583 
   845.279999992273 
   913.499999999486 
   1122.71411691552 
/ 
  
-- Units: psia 
PCRIT 
--  
-- Critical Pressures (Reservoir EoS) 
--  
   1071.33110996644 
   492.312649984577 
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   667.78169597908 
   708.342379977809 
   615.75820998071 
   529.052399983426 
   550.655372982749 
   491.5778549846 
   488.785633984687 
   436.615188986322 
   334.309710570968 
/ 
  
-- Units: ft3 /lb-mole 
VCRIT 
--  
-- Critical Volumes (Reservoir EoS) 
--  
   1.50573518513559 
   1.44166134747024 
   1.56980902280093 
   2.37073199361773 
   3.20369188326721 
   4.21285482649638 
   4.08470715116569 
   4.9336855002315 
   4.98174087848051 
   5.62247925513395 
   9.2252624157923 
/ 
  
ZCRIT 
--  
-- Critical Z-Factors (Reservoir EoS) 
--  
   0.274077797373613 
   0.291151404367252 
   0.284729476638113 
   0.284634795098265 
   0.276164620027245 
   0.282736958766292 
   0.27385554910948 
   0.272710871597912 
   0.268438914152292 
   0.250417484943733 
   0.255979411486021 
/ 
  
SSHIFT 
--  
-- EoS Volume Shift (Reservoir EoS) 
--  
   0.0266731135275082 
   -0.190435848045659 
   -0.169211405960289 
   -0.12555093306501 
   -0.0926154559355264 
   0.126435748066285 
   0.0504006587433856 
   -0.0105401550375449 
   -0.0102260785573822 
   -0.0170963325706167 
   -0.805283236561363 
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/ 
  
ACF 
--  
-- Acentric Factors (Reservoir EoS) 
--  
         0.225 
          0.04 
         0.013 
        0.0986 
        0.1524 
        0.1848 
         0.201 
         0.227 
         0.251 
         0.299 
   0.472517486153177 
/ 
  
BIC 
--  
-- Binary Interaction Coefficients (Reservoir EoS) 
--  
  -0.012 
     0.1     0.1 
     0.1     0.1       0 
     0.1     0.1       0       0 
     0.1     0.1       0       0       0 
     0.1     0.1       0       0       0       0 
     0.1     0.1       0       0       0       0       0 
     0.1     0.1       0       0       0       0       0       0 
     0.1     0.1  0.0279    0.01    0.01       0       0       0       
0 
     0.1     0.1 0.03877    0.01    0.01       0       0       0       
0       0 
/ 
  
PARACHOR 
--  
-- Component Parachors 
--  
            78 
            41 
            77 
           108 
         150.3 
         181.5 
         189.9 
           225 
         231.5 
           271 
   411.58365707224 
/ 
  
-- Units: ft3 /lb-mole 
VCRITVIS 
--  
-- Critical Volumes for Viscosity Calc (Reservoir EoS) 
--  
   1.50573518513559 
   1.44166134747024 
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   1.56980902280093 
   2.37073199361773 
   3.20369188326721 
   4.21285482649638 
   4.08470715116569 
   4.9336855002315 
   4.98174087848051 
   5.62247925513395 
   9.2252624157923 
/ 
  
ZCRITVIS 
--  
-- Critical Z-Factors for Viscosity Calculation (Reservoir EoS) 
--  
   0.274077797373613 
   0.291151404367252 
   0.284729476638113 
   0.284634795098265 
   0.276164620027245 
   0.282736958766292 
   0.27385554910948 
   0.272710871597912 
   0.268438914152292 
   0.250417484943733 
   0.255979411486021 
/ 
  
LBCCOEF 
--  
-- Lorentz-Bray-Clark Viscosity Correlation Coefficients 
--  
    0.1023 0.023364 0.058533 -0.040758 0.0093324 
/ 
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Grid A: 15x1x1 
0.67  0.54  0.97 1.74  3.13  5.64  10.14  18.23   
32.79  58.98 106.08 190.78 343.14 617.16 1110.01 
 
Grid B: 40x1x1 
0.10 0.15 0.15 0.15 0.23 0.23 0.23 0.34 0.34 0.34     
0.51 0.51 0.51 0.76 1.1 1.7 2.6 3.8 5.8 8.6 13.0 19.5    
29.2 43.8 65.7 98.5 147.8 221.7 332.5 498.8 748.2 1122.3 
1683.4 2525.1 3787.7 5681.5 8522.3 12783.4 
19175 19175 
 
Grid C: 60x1x1 
0.25 0.25 0.26 0.33 0.42 0.55 0.71 0.93 1.21 1.57 2.04 
2.65 3.45 4.48 5.82 5.82 5.82 7.57 7.57 7.57 9.84 9.84 
9.84 12.8 12.8 16.64 16.64 21.63 21.63 28.11 28.11 36.55 
36.55 47.51 47.51 61.77 61.77 80.3 80.3 104.83 104.83 
135.7 135.7 200 300 400 500 600 700 800 1000 1000 1000 
1000 1000 2000 2000 2000 2000 2000 
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Fig. B1: Condensate saturation profile comparison of different grid 
geometries (Fluid B) 
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RUNSPEC 
TITLE 
E300 Compositional Radial Model - T Kgogo, September 07 
--=================================================================================== 
-- 
-- This is a compositional radial model to study condensate banking 
-- 
-- 
--  
-- 
--================================================================== 
-- 
-- DIMENSIONS 
 
COMPS 
  13  / -- EoS with 10 hydrocarbon components (excluding water) 
 
EOS 
     'PR'  / 
 
-- Specify velocity dependent relative permeability settings 
--Item 1 - 0 - Inactive 
--       - 1, 2 or 3 - Select Capillary Number model to use for the oil phase 
--Item 2 - 0 - Inactive 
--       - 1, 2 or 3 - Select Capillary Number model to use for the gas phase 
--Item 3 - 0 - Inactive 
--       - 1 or 2 - Select Forchheimer model to use for the oil phase 
--Item 4 - 0 - Inactive 
--       - 1 or 2 - Select Forchheimer model to use for the gas phase 
-- 
-- Items 1 and 2 govern the way relative permeabilities are altered as the capillary number increases 
--               (with high velocity, capillary pressure effects are reduced) 
-- Items 3 and 4 govern the way relative permeabilities are altered a result of non-darcy flow 
--               (with high velocity, permeability is reduced as gas curves along flow paths) 
 
VELDEP 
1  1  0  0  / 
 
DIMENS 
  40   1   1  /  -- number of blocks in x, y & z direction 
 
-- Specify use of radial geometry 
RADIAL 
 
TABDIMS 
   3    / 
 
WELLDIMS 
  1 9 1 1  3  2*  2 /  
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--VFPPDIMS 
-- 6 6 6 4 1 1 / -- Producer well lift table dimensions 
ISGAS 
 
WATER 
 
UNIFOUT 
-- 
FIELD 
-- 
--NOSIM 
-- 
START 
1  'JAN' 1990 / 
-- 
--================================================================== 
-- 
GRID 
 
INRAD 
0.1875  /  -- Specify inner radius 
 
RPTGRID 
PORV  DEPTH  DX  PERMX  PERMZ  / 
 
--  Reservoir Geometry 
DRV   
 0.10      0.15     0.15     0.15    0.23    0.23    0.23   0.34 
0.34      0.34     0.51     0.51    0.51    0.76    1.1    1.7 
2.6       3.8      5.8      8.6     13.0    19.5    29.2   43.8  
65.7      98.5     147.8    221.7   332.5   498.8   748.2  1122.3 
1683.4    2525.1   3788   5681 8522.3  12783.4 
19200   19200 / 
 
--i.e the size of cells increasing logarithmically in the R direction 
  
DTHETAV  
-- degrees 
     360 
/ 
-- radial so you wan to go 360o 
 
DZV 
-- ft 
   100 
/ 
--the Z dierection = reservoir h = 5m = 16.4ft 
 
EQUALS 
--to set the values in all the cells as constant 
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-- ft 
  
PORO 0.10/ 
 
PERMR 10   1 40 1 1 1 1/  
PERMZ 1    1 40 1 1 1 1/  
 
NTG 1/ 
/ 
BOX 
    1 40 1 1 1 1/ 
TOPS  
40*9202.8 
/ 
GRIDFILE 
2 1* 
/ 
-- control of gridfile output 
 
-- ========================= 
EDIT 
 
-- ========================= 
PROPS 
 
--================================================================== 
-- Specify velocity dependent rel perms 
VDKRO 
-- m  n1  n2   Ncb 
  80  24  1*  1E-6  / 
  80  24  1*  1E-6  / 
  80  24  1*  1E-6  / 
 
VDKRG 
-- m  n1  n2   Ncb            Beta 
  24   6  1*  1E-6    / 
  24   6  1*  1E-6    / 
  24   6  1*  1E-6    / 
 
-- 
-- Relative Permeability and Capillary Pressure 
-- 
-- TABLE 1 
SWOF 
--            Made up values 
--                                 WATER SATURATION TABLE NUMBER   1 
-- 
--           SW             KRW            KROW           PCOW 
--           FRAC           FRAC           FRAC           BARS 
-- 
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0.3000 0.0000 1.0000 0 
0.3250 0.0000 0.8574 0 
0.3500 0.0004 0.7290 0 
0.3750 0.0012 0.6141 0 
0.4000 0.0029 0.5120 0 
0.4250 0.0057 0.4219 0 
0.4500 0.0098 0.3430 0 
0.4750 0.0156 0.2746 0 
0.5000 0.0233 0.2160 0 
0.5250 0.0332 0.1664 0 
0.5500 0.0456 0.1250 0 
0.5750 0.0606 0.0911 0 
0.6000 0.0787 0.0640 0 
0.6250 0.1001 0.0429 0 
0.6500 0.1250 0.0270 0 
0.6750 0.1537 0.0156 0 
0.7000 0.1866 0.0080 0 
0.7250 0.2238 0.0034 0 
0.7500 0.2657 0.0010 0 
0.7750 0.3125 0.0001 0 
0.8000 0.3644 0.0000 0 
1.0000 1.0000 0.0000 0   / 
 
SGOF 
--     Relative Permeability Model 1 
--                   GAS SATURATION TABLE NUMBER   1 
-- 
--           SG             KRG            KROG           PCOG  
--           FRAC           FRAC           FRAC           BARS 
0 0.0000 1.0000 0 
0.02 0.0000 0.8574 0 
0.04 0.0002 0.7290 0 
0.06 0.0006 0.6141 0 
0.08 0.0015 0.5120 0 
0.1 0.0029 0.4219 0 
0.12 0.0050 0.3430 0 
0.14 0.0080 0.2746 0 
0.16 0.0119 0.2160 0 
0.18 0.0170 0.1664 0 
0.2 0.0233 0.1250 0 
0.22 0.0310 0.0911 0 
0.24 0.0403 0.0640 0 
0.26 0.0512 0.0429 0 
0.28 0.0640 0.0270 0 
0.3 0.0787 0.0156 0 
0.32 0.0955 0.0080 0 
0.34 0.1146 0.0034 0 
0.36 0.1360 0.0010 0 
0.38 0.1600 0.0001 0 
0.4 0.1866 0.0000 0 
  
 - 415 - 
0.42 0.2160 0.0000 0 
0.44 0.2483 0.0000 0 
0.46 0.2838 0.0000 0 
0.48 0.3224 0.0000 0 
0.5 0.3644 0.0000 0 
0.52 0.4099 0.0000 0 
0.54 0.4591 0.0000 0 
0.56 0.5120 0.0000 0 
0.58 0.5688 0.0000 0 
0.6 0.6297 0.0000 0 
0.62 0.6948 0.0000 0 
0.64 0.7643 0.0000 0 
0.65 0.8007 0.0000 0 
0.66 0.8382 0.0000 0 
0.68 0.9167 0.0000 0 
0.7 1.0000 0.0000 0   / 
 
--SGOF 
--     Relative Permeability Model 3 
--                   GAS SATURATION TABLE NUMBER   1 
-- 
--           SG             KRG            KROG           PCOG  
--           FRAC           FRAC           FRAC           BARS 
            0.00          0.0000         1.0000          0.0 
            0.7           1.0000         0.0000          0.0   / 
 
--================================================================== 
-- 
-- 
--  PVT PROPERTIES 
-- 
-- Component names 
 
INCLUDE 
 'Well2.PVO' 
/ 
 
RPTPROPS 
VDKRG  VDKRO  / 
 
--================================================================== 
-- 
 
REGIONS 
 
RPTREGS 
SATNUM  / 
 
-- Set SATNUM = 1 or 2 for Rel Perm Models 1 or 2, or 3 for straight line 
  40*1  / 
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--================================================================== 
-- 
 
SOLUTION 
 
EQUIL 
--  datum  pdatum WOC   PCWOC   GOC    PCGOC    =     =    =  Init  PRes 
 
   9252.8  4380  9800   0.0  9800   0.0  1 0                               0  / 
-- Datum depth represents top of reservoir (2805 mbKB) 
-- Taken GWC at 2827 m 
 
FIELDSEP 
--          Separator data                 
1  104 905  /    specification of separator 1 
2  60   14.7  / 
/ 
 
-- Specify mnemonics to show initial state 
RPTSOL 
DENG  VGAS PSAT / 
 
-- Specify mnemonics to write to restart file 
OUTSOL 
PRESSURE  SGAS  SOIL  SWAT  DENG  VGAS  / 
 
--================================================================== 
-- 
SUMMARY 
 
RUNSUM 
 
--RPTONLY 
 
WOPR 
/ 
WGOR 
/  
WGPR 
/ 
 
WBHP 
/ 
--well bottom hole pressure 
 
 
BOSAT 
1 1 1/ 
2 1 1/ 
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3 1 1/ 
4 1 1/ 
5 1 1/ 
6 1 1/ 
7 1 1/ 
8 1 1/ 
9 1 1/ 
10 1 1/ 
11 1 1/ 
12 1 1/ 
13 1 1/ 
14 1 1/ 
15 1 1/ 
16 1 1/ 
17 1 1/ 
18 1 1/ 
19 1 1/ 
20 1 1/ 
21 1 1/ 
22 1 1/ 
23 1 1/ 
24 1 1/ 
25 1 1/ 
26 1 1/ 
27 1 1/ 
28 1 1/ 
29 1 1/ 
30 1 1/ 
32 1 1/ 
34 1 1/ 
36 1 1/ 
38 1 1/ 
40 1 1/ 
/ 
BKRG 
1 1 1/ 
2 1 1/ 
3 1 1/ 
4 1 1/ 
5 1 1/ 
6 1 1/ 
7 1 1/ 
8 1 1/ 
9 1 1/ 
10 1 1/ 
11 1 1/ 
12 1 1/ 
13 1 1/ 
14 1 1/ 
15 1 1/ 
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16 1 1/ 
17 1 1/ 
18 1 1/ 
19 1 1/ 
20 1 1/ 
21 1 1/ 
22 1 1/ 
23 1 1/ 
24 1 1/ 
25 1 1/ 
26 1 1/ 
30 1 1/ 
32 1 1/ 
34 1 1/ 
36 1 1/ 
38 1 1/ 
40 1 1/ 
 
/ 
--================================================================== 
-- 
SCHEDULE 
 
-- Specify E300 mnemonics to write data to print file 
RPTPRINT 
--  0  1  0  0  0  0  0  1  / 
  0  0  0  0  0  1  0  1  / 
 
-- Specify mnemonics to write to print file 
--RPTSCHED 
--VFPPROD  / 
 
WELLSPEC 
P    FIELD     1     1     1*  1* 1*  / 
/ 
 
--RPTPRINT 
--1 1 1 1 1* 1 1 1 1 0 1 1 0 0 4* 
/ 
 
--RPTSCHED 
--PRES  SOIL  SWAT  SGA  PSAT  KRO  KRG  RESTART 
/ 
 
COMPDAT 
--name, i=R loction, j=theta loca, k=Z upper, k=Z lower                                                                           
  P    1   1   1   1   OPEN       2*   0.5  1* 0 1* Z / 
/  
RPTSCHED 
--RPTSOL 
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PRES SOIL PSAT XMF  YMF  ZMF  VGAS  VOIL  BOIL  BGAS  KRG  KRO NCNG  TOTCOMP restart=2 / 
--PRES   SOIL SWAT   SGAS  TOTCOMP   NCNG    NCNO / 
 
RPTPRINT 
--STEP  FIPFLD  FIPRGN  GRP  SEP  WELL  COMP  SOLN  CONVG  POTEN 
   1 0 0 1 1 1 1 1 0 1 / 
--COMPDAT 
--name, i=R loction, j=theta loca, k=Z upper, k=Z lower 
--                                                                              
--  P    1   1  2  2  OPEN       2*   0.5  1* 0 1* Z / 
/  
 
TUNING 
1.1574E-6 1.1574 1.1574E-7 1* 1.1 0.5  / 
    / 
    / 
-- FP#1 
-- Time 50 days 
WCONHIST 
 P OPEN GRAT 2* 1000  / 
/ 
TSTEP 
0.000005 0.00000525 5.5125E-06 5.78813E-06 6.07753E-06 
6.38141E-06 6.70048E-06 7.0355E-06 7.38728E-06 7.75664E-06 
8.14447E-06 8.5517E-06 8.97928E-06 9.42825E-06 9.89966E-06 
1.03946E-05 1.09144E-05 1.14601E-05 1.20331E-05 1.26348E-05 
1.32665E-05 1.39298E-05 1.46263E-05 1.53576E-05 1.61255E-05 
1.69318E-05 1.77784E-05 1.86673E-05 1.96006E-05 2.05807E-05 
2.16097E-05 2.26902E-05 2.38247E-05 2.50159E-05 2.62667E-05 
2.75801E-05 2.89591E-05 3.0407E-05 3.19274E-05 3.35238E-05 
3.51999E-05 3.69599E-05 3.88079E-05 4.07483E-05 4.27858E-05 
4.4925E-05 4.71713E-05 4.95299E-05 5.20063E-05 5.46067E-05/ 
 
-- FP#1 
-- Time 50 days 
WCONHIST 
 P OPEN GRAT 2* 0  / 
/ 
TSTEP 
0.000005 0.00000525 5.5125E-06 5.78813E-06 6.07753E-06 
6.38141E-06 6.70048E-06 7.0355E-06 7.38728E-06 7.75664E-06 
8.14447E-06 8.5517E-06 8.97928E-06 9.42825E-06 9.89966E-06 
1.03946E-05 1.09144E-05 1.14601E-05 1.20331E-05 1.26348E-05 
1.32665E-05 1.39298E-05 1.46263E-05 1.53576E-05 1.61255E-05 
1.69318E-05 1.77784E-05 1.86673E-05 1.96006E-05 2.05807E-05 
2.16097E-05 2.26902E-05 2.38247E-05 2.50159E-05 2.62667E-05 
2.75801E-05 2.89591E-05 3.0407E-05 3.19274E-05 3.35238E-05 
3.51999E-05 3.69599E-05 3.88079E-05 4.07483E-05 4.27858E-05 
4.4925E-05 4.71713E-05 4.95299E-05 5.20063E-05 5.46067E-05/ 
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END 
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APPENDIX D - WELL TEST 
ANALYSIS 
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Well 1 analysis 
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Well 2 FP 24 Analysis 
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Well 2 FP 192 Analysis 
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